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It is said that before entering the sea
a river trembles with fear.

He looks back at the path he has traveled,
from the peaks of the mountains,

the long winding road crossing forests and villages.
And in front of him,

he sees an ocean so vast,
that to enter

there seems nothing more than to disappear forever.
But there is no other way.
The river can not go back.

Nobody can go back.
To go back is impossible in existence.

The river needs to take the risk
of entering the ocean

because only then will fear disappear,
because that is where the river will know

it is not about disappearing into the ocean,
but of becoming the ocean.

— Kahlil Gibran
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Abstract
Power systems around the world are undergoing substantial changes. Driven by increasing fossil
fuel prices, oil insecurity and concerns about pollution and climate change, governments and world
organizations have set ambitious targets for the decarbonization of the energy sector, in particular
for Renewable Energy Sources (RES) penetration. The integration of RES, however, poses several
challenges to system operation due to their highly intermittent and stochastic nature, their location
often far from load centers and their interface to AC systems through power converters, calling for
increased system flexibility and reinforcements of the transmission system.

In this context, High-Voltage Direct-Current (HVDC) technology has proven to be an essential
tool for the design of transmission grids and for the integration of RES. Thanks to their technical
properties, HVDC lines can be used to: (i) facilitate exchanges between asynchronous power
systems, reducing price differences across wide geographical areas; (ii) increase coordination
between regional entities, resulting in significant cost savings and more reliable power system
operation; and (iii) access offshore sites with favorable wind conditions, integrating a large share
of sustainable and almost zero-marginal-cost generation. However, inefficiencies of the current
market structure and conservatism of Transmission System Operators (TSOs) significantly limit the
potential of HVDC technology. This thesis aims at highlighting the benefits of HVDC transmission
in a market framework, proposing new optimization tools to unlock the potential of HVDC and
bridge the gap between system needs and real-world solutions.

First, this thesis addresses the challenge of fairly allocating the costs of HVDC losses among
market participants through the introduction of loss factors in market clearing. Contrary to AC
lines, HVDC interconnectors are often hundreds of kilometers long, and, as a result, produce
a non-negligible amount of thermal losses. If the market-clearing algorithm does not consider
losses, as in the case of Europe, the operating cost of interconnectors is not fairly allocated among
market participants. Moreover, power flows cannot be optimally distributed across AC and DC
systems, resulting in higher losses. These problems are particularly pronounced during hours
of operation with zero-price difference among market zones, as TSOs cannot cover the large
costs of HVDC losses through congestion rent. To ensure optimal distribution of power flows
and revenue adequacy for TSOs, different loss factor formulations are investigated and included
in the market-clearing problem. Since Northern Europe is the most HVDC-rich region in the
world, a dedicated Nordic electricity market test case is used for specific analyses on: (i) flows
on parallel DC paths and (ii) flows on parallel AC and DC paths. The results show that market
inefficiencies arise if losses are not properly considered, and that the proposed solutions resolve
such inefficiencies and fairly allocate the costs of losses among the market participants.

Moving towards RES-dominated energy systems, this thesis takes advantage of the unique
properties of HVDC interconnectors to increase the coordination between regional entities and
propose cost-efficient solutions to the inertia challenge. Decrease of kinetic energy (inertia) in
modern power systems is becoming a common experience of system operators and expensive
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xii ABSTRACT

actions are taken to guarantee safe operation of power systems. Thanks to their full controllability,
HVDC lines can be used as a vehicle for exchanges of fast frequency reserves, thus reducing the
costs of reserves procurement on a system level. As a first step, a decision support tool for the
comparison of different mitigation strategies during critical operating conditions is developed and
used to highlight the economic benefits of the HVDC Emergency Power Control (EPC) functionality.
The focus is then shifted towards non-critical operation, looking at the benefit of sharing primary
reserves on a continuous basis. The participation of HVDC interconnectors in frequency balancing
is included in an optimization framework representing the simultaneous clearing of reserve and
energy markets. Frequency constraints are included in the problem formulation and the economic
benefit of HVDC frequency support is studied. The results show that exchanging primary reserves
through HVDC can significantly reduce the cost of reserve procurement while maintaining the
system N-1 secure.

With Denmark committed to the realization of the world’s first energy islands, the final focus of this
thesis is on the role of HVDC interconnectors in the realization of hybrid offshore projects. First,
the impact of offshore energy islands on the current market setup is investigated, focusing on the
market challenges and future system needs. Different hub configurations are studied, evaluating
the benefit of additional capacity for trades between market zones and the impact of additional
interconnections to other countries. Second, a centralized control strategy based on frequency
droop control is developed to ensure frequency stability through active power sharing among
HVDC converters. The proposed control strategy considers the headroom of power converters
when calculating the droop coefficients, with the result that the N-1 security criterion is guaranteed
while maximizing the transmission capacity available for market exchanges.



Resumé
Jorden rundt undergår elsystemerne betydelige forandringer. Drevet af stigende priser på fos-
sile brændsler, olieusikkerhed og bekymringer omkring forurening og klimaforandringer, har
regeringer og verdensorganisationer sat ambitiøse mål for at dekarbonisere energisektoren, særligt
for indtrængen af vedvarende energikilder (VE). Integrationen af VE udgør imidlertid flere
udfordringer for systemoperatører på grund af deres særdeles sporadiske og stokastiske natur,
deres beliggenhed der ofte er langt fra belastningscentre og deres interfaces til vekselstrømssys-
temer gennem effektomformere, hvilket kræver øget systemfleksibilitet og forstærkninger af
transmissionssystemet.

I denne kontekst, har HVDC-teknologi vist sig at være et essentielt værktøj til design af trans-
missionsnet og til integration af VE. Takket være deres tekniske egenskaber, kan HVDC-linjer
bruges til at: (i) facilitere udvekslinger mellem asynkrone elsystemer, hvilket reducerer pris-
forskelle på tværs af store geografiske områder; (ii) øge koordineringen mellem regionale enheder,
hvilket medfører væsentlige besparelser og mere pålidelig drift af elsystemerne; og (iii) adgang til
offshore-lokaliteter med meget gode vindforhold, og således mulighed for integrere en stor andel af
bæredygtig elproduktion med marginale omkostninger nær nul. Potentialet af HVDC-teknologier
begrænses dog væsentligt af ineffektivitet i nuværende markedsstrukturer og konservatisme hos
transmissionssystemoperatører (TSO). Denne afhandling sigter mod at fremhæve fordelene ved
HVDC-transmission i en markedssammenhæng og foreslå nye optimeringsværktøjer til at frigøre
HVDC’s potentiale samt bygge bro over kløften mellem systembehov og virkelige løsninger.

For det første adresseres udfordringen med en retfærdig fordeling af omkostningerne ved HVDC-
tab blandt markedsdeltagerne gennem indførelse af tabsfaktorer i markedsclearing. I modsætning
til vekselstrømslinjer er HVDC-forbindelser ofte hundreder af kilometer lange og producerer
en ikke-ubetydelig mængde termiske tab. Hvis markedsclearingsalgoritmen ikke tager højde
for tab, som det er tilfældet i Europa, fordeles interkonnektorernes driftsomkostninger ikke
retfærdigt mellem markedsdeltagerne. Desuden kan effekt-flow ikke distribueres optimalt mellem
vekselstrøms- og jævnstrømssystemer, hvilket resulterer i højere tab. Disse problemer er særligt
udtalte i driftstimer uden prisforskel mellem markedszoner, da TSO’er ikke kan dække de store
omkostninger ved HVDC-tab gennem flaskehalsindtægter. For at sikre optimal fordeling af
effekt-flow og indtægtsdækning for TSO’er undersøges forskellige formuleringer af tabsfaktorer
og disse indgår i markedets clearingproblem. Da Nordeuropa er den mest HVDC-rige region i
verden, anvendes et dedikeret test-case af det nordiske elektricitetsmarked til specifikke analyser
af: (i) flow på parallelle jævnstrømsveje og (ii) flow på parallelle vekselstrøms- og jævnstrømsveje.
Resultaterne viser at der opstår ineffektivitet på markedet hvis tab ikke medtages korrekt, og at
de foreslåede løsninger løser sådanne ineffektiviteter samt fordeler tabsomkostningerne rimeligt
blandt markedsdeltagerne.

Som et skridt på vej mod energisystemer domineret af VE, benytter denne afhandling de unikke
egenskaber ved HVDC-interkonnektorer til at øge koordineringen mellem regionale enheder
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xiv RESUMÉ

og foreslå omkostningseffektive løsninger til inertiudfordringen. Aftagende kinetisk energi
(inerti) i moderne elsystemer er ved at blive en normal oplevelse for systemoperatører, og dyre
foranstaltninger iværksættes for at garantere sikker drift af elsystemer. Takket være deres fulde
kontrollerbarhed, kan HVDC-linjer bruges som medium til udveksling af hurtige frekvensreserver,
hvilket reducerer omkostningerne til indkøb af systemreserver. Som et første skridt udvikles et
værktøj til beslutningsstøtte til sammenligning af forskellige afbødningsstrategier under kritiske
driftsforhold og bruges til at fremhæve de økonomiske fordele ved HVDC EPC-funktionaliteten.
Fokus flyttes derefter mod ikke-kritisk drift, hvor der ses på fordelen ved kontinuert deling
af primære reserver. HVDC-interkonnektorers deltagelse i frekvensbalancering inkluderes i
et optimerings-framework, der repræsenterer samtidig clearing af reserve- og energimarkeder.
Bi-betingelser på frekvensen inkluderes i formuleringen af problemet, og den økonomiske fordel
ved HVDC-frekvensstøtte undersøges. Resultaterne viser, at udveksling af primære reserver
gennem HVDC kan reducere omkostningerne ved indkøb af reserver betydeligt, og samtidig
bevare systemet N-1 sikkert.

Da Danmark har forpligtet sig til at realisere verdens første energiøer, er det sidste fokus i denne
afhandling på HVDC-forbindelsernes rolle i realiseringen af hybride offshore-projekter. For det
første undersøges indvirkningen af offshore energiøer på det nuværende markedssetup med fokus
på markedsudfordringer og fremtidige systembehov. Forskellige hubkonfigurationer undersøges,
hvor fordele ved yderligere kapacitet til handler mellem markedszoner og virkningen af yderligere
interkonnektorer til andre lande vurderes. For det andet udvikles en central kontrolstrategi baseret
på frekvenssænkningskontrol for at sikre frekvensstabilitet gennem aktiv energideling blandt
HVDC-omformere. Den foreslåede kontrolstrategi tager højde for effektomformernes headroom
ved beregning af droopkoefficienter med det resultat, at N-1 sikkerhedskriteriet er garanteret,
samtidig med at den maksimale transmissionskapacitet, der er tilgængelig for markedsudvekslinger,
maksimeres.
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CHAPTER1
Introduction

1.1 Context and motivation

The global energy industry is undergoing a profound transformation. Growing concerns related
to future availability of fossil resources and increasing awareness of their environmental impact
have gradually encouraged a paradigm shift, leaving fossil fuels behind for more sustainable
solutions. As part of the Paris Agreement, which establishes the roadmap for the energy transition,
governments and organizations around the world have set ambitious goals in terms of energy
efficiency and Renewable Energy Sources (RES) penetration [1].

Integrating high shares of RES, however, represents a challenge for power system operators. Due
to their low power density [2], a complete decarbonization of the energy sector would require a
significant portion of the available land [3, 4]. With scarcity of suitable on-land sites and public
concerns related to noise and visual impact, RES installations are often limited to rural and remote
areas far away from cities and load centers, calling for grid reinforcements and huge investments
in new transmission assets [5]. Moreover, due to the intermittent and stochastic nature of RES,
reliable system operation requires additional sources of flexibility in generation, transmission and
consumption. Lastly, since RES are connected to the grid through power electronics devices, they
are asynchronously connected with the rest of the system. Replacing synchronous generating units
with inverted-based resources results in a progressive decrease of kinetic energy in the system and,
therefore, leads to faster system dynamics and possible instabilities [6–8]. Given that low inertia
issues concern an increasing number of power grids, better coordination between regional entities
will be key to overcome these challenges and better utilize available resources.

To help the development of future energy systems, the European Network of Transmission System
Operators for Electricity (ENTSO-E) has investigated the forthcoming challenges and opportunities
from an operational and a market perspective, proposing a set of forward-looking solutions
to guarantee a safe energy transition [9]. In terms of future transmission systems, increasing
cross-border transmission capacity will be fundamental to guarantee access to clean and low-cost
energy across Europe and increase coordination between regional entities. In this context, this
thesis investigates how the advanced functionalities of High-Voltage Direct-Current (HVDC)
transmission can help meet system needs and further increase coordination between Transmission
System Operators (TSOs).

With the progress made in the field of power electronics, the direct current (DC) technology
has become a valid - and under some conditions even superior - alternative to alternating
current (AC) [10]. First, HVDC performs better when it comes to the transmission of bulk power
over long distances, as thermal losses are lower than in High-Voltage Alternating-Current (HVAC)
lines of the same capacity. Moreover, HVDC is the most cost-effective solution for long-distance
submarine power cables, as the highly capacitive characteristics of AC cables require a significant

1
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amount of reactive power compensation. In addition, the power electronics interface of HVDC
performs a dual function: (i) it allows for full controllability of power flows, enabling AC system
support, and (ii) it decouples the dynamics of the connected systems, allowing the interconnection
of non-synchronous areas. Thanks to these technical properties, HVDC lines can facilitate the
energy transition in several ways. By connecting power systems separated by the sea or operated
at different frequencies [11], HVDC helps increase the transmission capacity between different
market zones and ensure access to energy from RES to a larger number of consumers. The full
controllability of power flows, then, allows for the provision of different services to the connected
AC systems [12–14], potentially increasing the coordination of neighboring TSOs and reducing the
operating costs of power systems. Finally, HVDC allows the connection of remote offshore sites
with favorable wind conditions [15–17], facilitating the integration of RES and the collaboration
between different operators through large hybrid projects [18].

Since first commercial HVDC line in 1954 [19], HVDC has progressively become an essential
tool in the design of transmission grids, such that in the latest Ten-Year Network Development
Plan (TYNDP), published by ENTSO-E in 2020, the number of DC projects exceeds the AC ones
for the first time, constituting 59% of the total portfolio [20]. However, despite the large number
of HVDC links being installed, different aspects of the current market structure are still not
appropriate for the integration of the HVDC technology in the existing pan-European AC system,
leading to inefficiencies in terms of operation and cost allocation. Moreover, TSOs do not take
full advantage of the potential of HVDC technology, relying on conservative approaches and
preventive strategies that significantly increase the costs of operation and security. The content
of this thesis explores several aspects of market design and system operation in relation to the
advanced functionalities of HVDC lines, highlighting the benefits of HVDC transmission and
proposing new optimization tools to unlock the potential of HVDC and fill the gap between system
needs and implementable solutions.

1.2 Research directions

The research work presented in this thesis is motivated by recent events and ongoing discussions
in the energy industry. The developed methods contribute to the optimal coordination of DC and
AC grids in a market framework, taking advantage of the unique functionalities of HVDC lines to
propose cost-effective solutions for some of the new challenges in power system operation.

The work is articulated in three research directions recalling the three main advantages of
HVDC technology: (i) market coupling of distant and/or asynchronous power systems, (ii) full
controllability of power flows and (iii) long submarine connections to access strategic offshore
sites. The first research direction considers the allocation of the operating costs of long HVDC
interconnectors, focusing on the market inefficiencies that arise if power losses are not properly
considered while clearing the market. The second line of research points at increasing the
coordination between regional TSOs through the exchange of frequency services via HVDC.
Finally, the third research area is based on the role of HVDC interconnectors in the realization of
new offshore wind projects, with particular focus on the new concept of “energy islands”.

1.2.1 Optimal allocation of HVDC losses

As part of transmission system development, TSOs install transmission capacity between market
zones to increase market competition and social welfare. Because of the particular geographical
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conditions of Northern Europe, many interconnectors are formed by HVDC lines, as illustrated in
Figure 1.1. Evidence of their economic benefits can be found, for example, considering the impact
of NordBalt1 on the Lithuanian market, with a first price drop equal to 30%, followed by a steady
decrease of around 5 e/MWh compared to before 2016 [21]. Similarly, thanks to Storebælt2, Danish
consumers have saved on average 20-25 million euro per year since 2010 [11].

On the one hand, HVDC interconnectors are of great value for society as they facilitate the exchange
of energy between areas the could not be connected with regular HVAC lines. On the other hand,
HVDC operation comes with high costs for TSOs as HVDC interconnectors are often much longer
than AC ones and, therefore, dissipate a non-negligible amount of energy [22–24]. The situation
becomes complicated when the HVDC line connects market zones belonging to control areas
operated by different TSOs, as it is not always clear who should pay for these losses.

Ideally, the operating costs of power systems should be allocated to market participants within
market operation. This is the case, for example, for several nodal pricing markets in the United
States: the California Independent System Operator (CAISO) and PJM Interconnection LLC already
have a loss component in the electricity prices calculated based on Marginal Loss Sensitivity
Factors [25, 26]. In Europe, however, transmission losses are not properly considered in the current
market structure and TSOs must procure the energy necessary to cover losses [27]. Problems
arise whenever the price difference between two connected market zones is small or zero, as the
congestion income is not sufficient to cover the cost of losses. This situation occurs regularly in
the Nordic Countries, as shown in Table 1.1, with costs for the Nordic TSOs spanning between
15 and 20 million Euros per year.

In order to ensure revenue adequacy of TSOs operating HVDC interconnectors, a modification
of the current market structure is necessary. The introduction of transmission losses in market
clearing would have a two-fold benefit: (i) losses would be directly paid by those causing them,
relieving TSOs from this task, and (ii) losses would be implicitly minimized, reducing costs for
society. Although Nordic TSOs have proposed the introduction of linear HVDC loss factors in the
market clearing algorithm [28], market inefficiencies can still arise if losses on interconnectors are

1NordBalt, the HVDC interconnector between Sweden and Lithuania, became operational on December 14, 2015.
2Storebælt, the HVDC interconnector between Eastern and Western Denmark, became operational on August 10, 2010.
3Cobra cable became operational on September 11, 2019. The percentage of time is calculated based on the 2700 hours

of operation in 2019.
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Figure 1.1: Nordic HVDC interconnectors.

2018 2019

% Costs % Costs
Cobra3 - - 50% 0.5 Me

Skagerrak 47% 3.6 Me 30% 1.8 Me

KontiSkan 53% 1.5 Me 40% 1.2 Me

Storebælt 74% 1.4 Me 75% 1.1 Me

Kontek 42% 0.9 Me 52% 1.1 Me

SwePol 23% 0.6 Me 16% 0.4 Me

NordBalt 65% 1.6 Me 60% 1.3 Me

FennoSkan 80% 5.5 Me 63% 4.6 Me

EstLink 95% 4.1 Me 89% 4.5 Me

Total 19.2 Me 16.5 Me

Table 1.1: Percentage of operation
with zero-price difference and result-
ing costs.
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not adequately represented, resulting in sub-optimal distribution of power flows [29]. Therefore,
there is the need of in-depth analyses to understand the impact that loss factors have on the
market outcome and to provide recommendations on how to optimally account for and allocate
transmission losses, removing barriers to the integration of HVDC lines in AC-dominated systems.

1.2.2 Sharing reserves through HVDC

In any electrical system, power generation must match electric load at all times. In case of power
mismatch, frequency deviates from its nominal value with the risk of damaging electrical devices
and, in extreme situations, causing blackout. In order to ensure reliable system operation, TSOs
continuously monitor the frequency of the system and define remedial actions depending on the
extent of the frequency deviation [30].

The ongoing replacement of conventional generation with inverter-based units, such as wind
farms and solar PV stations, has the inherent drawback that it leads to the decline in power system
inertia [31]. Problems related to low system inertia are becoming a common experience of TSOs
around the world [32]. Such problems are more pronounced in islanded power systems, such as
Ireland, Great Britain or Australia [33–35]. However, also large interconnected systems have lately
been experiencing these situations [36]: for instance, in the Nordic countries, three low-inertia
events were registered in 2018 [37].

Among different security criteria, the N-1 criterion establishes that the system must accommodate
the loss of any one component. In terms of frequency stability, TSOs enforce the N-1 criterion
considering the largest power disturbance that can occur in the system, such as the disconnection of
large load facilities, interconnectors or generating units [38]. In the Nordic system, the dimensioning
incident is a nuclear power plant located in Sweden, Oskarshamn 3 (O3) [39]. In order to guarantee
N-1 security during the low inertia events in 2018, the power output of O3 was reduced by 100 MW.
Since this action was performed after the day-ahead market was cleared, the generating company,
Oskarshamn Group (OKG), was compensated for the opportunity cost of not producing the amount
of power equal to the imposed limitation. The high costs associated with this remedial action
inspired the introduction of a new frequency product, namely Fast Frequency Reserves (FFR),
in summer 2020 [40]. However, the progressive decrease of system inertia in the future calls for
a reassessment of cost-effective solutions which can guarantee the security of the system while
reducing the costs borne by TSOs [41].

A great potential to react to frequency deviations in the AC system can be found in HVDC converters,
as they can operate in a frequency-sensitive mode [42]. Despite being largely investigated from a
technical point of view in the literature [43–46], the provision of such grid services has never been
investigated from an economic point of view. This justifies the need for investigating decision
support tools for system operators, which can provide insights on the costs of different mitigation
strategies. From this comparison, the economic benefits of exchanging frequency products via
HVDC can be disclosed, showcasing a cost-efficient solution to the inertia challenge.

1.2.3 HVDC in offshore hybrid projects

In order to achieve the climate goals set by the European Union, a significant amount of generation
capacity coming from RES must be installed. In the last decades, scarcity of on-land sites and
public concerns have tipped the scale in favour of offshore solutions, with offshore wind becoming
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the most promising technology to achieve climate goals [47]. At the same time, the North Sea
region has been identified as the most suitable location for massive integration of wind energy [48],
with 180 GW of new installations expected in the next decades.

Given the large number of countries facing the North Sea, the installation of a huge amount of
wind capacity has inspired the realization of an offshore grid. Such offshore system would have
a dual purpose: (i) integrating several wind farms located offshore, transmitting the produced
energy onshore, and (ii) increasing the transmission capacity between the countries involved in
the project [49]. Funded by the European Commission, different organizations have studied the
feasibility of such a project and have promoted the development of offshore wind and transmission
projects (also called hybrid projects) in the North Sea. The first to be established was the North
Seas Countries’ Offshore Grid Initiative (NSCOGI) in 2010 [50], replaced by the North Seas Energy
Cooperation (NSEC) in 2016 [51]. In 2017, Energinet (the Danish TSO), Tennet and Gasunie (the
TSOs for Electricity and Gas in Northern Germany and the Netherlands) launched the North
Sea Wind Power Hub (NSWPH) programme, investigating the feasibility of the construction
of an artificial island in the North Sea to serve as the hub for gradual installation of wind and
transmission capacity [18]. The construction of the artificial island was officially approved by the
Danish Parliament on February 4, 2021 [52], paving the path for the realization of the world’s first
energy island.

The nature of hybrid projects like the NSWPH naturally calls for adopting HVDC as transmission
technology. Being first-of-their-kind projects, TSOs face new challenges related to the operation of
the offshore system and the integration of the island in the current market setup [53]. Therefore,
large scale impact analyses of energy islands on the European electricity market are needed, as
well as policy recommendations and innovative methods for the operation of the island, ensuring
system security and optimal utilization of interconnectors.

1.3 Contributions

The main objective of this thesis is to highlight the benefits of HVDC in market operation,
to propose innovative methods and solutions for the full utilization of the functionalities of
HVDC and to remove barriers to the integration of HVDC in AC/DC grids. In the following,
the contributions presented in this thesis are discussed in details, summarizing the scientific
publications [Pub. A]-[Pub. G].

The first contributions relate to the introduction of HVDC loss factors in market clearing, and are
presented in [Pub. A] and [Pub. B]. Our main objective is to understand how to properly represent
transmission losses while clearing the market, with a particular focus on HVDC losses. Therefore,
we introduce a rigorous framework to assess how losses affect the market outcome (in [Pub. A]),
spanning from zonal to nodal pricing markets. We investigate three loss factor formulations,
constant, linear and piece-wise linear, and propose a detailed method to consider intra-zonal losses
when calculating loss factors. We introduce a relaxation technique to include losses while keeping
the problem linear, and we provide a detailed description of when this relaxation is exact. Since the
relaxation is not exact when prices are negative, we also provide an alternative formulation with
binary variables (in [Pub. B]). We then show how the introduction of DC and/or AC losses impacts
the market outcome, both analytically and through numerical simulations. Our results indicate
that, depending on the system under consideration, the inclusion of only HVDC loss factors could
potentially decrease the economic welfare for a non-negligible amount of time. Therefore, we
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present a detailed market model of the Nordic electricity market (in [Pub. B]), which we use to
perform a rigorous analysis and to provide recommendations on the inclusion of HVDC losses in
the Nordics.

The second group of contributions concerns the exchange of frequency products via HVDC, and
is presented in [Pub. C], [Pub. D] and [Pub. E]. Our objective is to show how the advanced
functionalities of HVDC can reduce the costs of remedial actions, in connection with low-inertia
events, and the procurement costs of frequency reserves. We first focus on sharing reserves during
critical operating conditions (in [Pub. C] and [Pub. D]). We design and present a decision support
tool to identify the most cost-effective remedial actions among a list of available options. We focus
the analysis on three mitigation strategies: the reduction of the dimensioning incident, FFR and
HVDC Emergency Power Control (EPC), that is the support of the system through HVDC. With
the proposed tool, we compare the costs of the remedial actions in two projected case studies which
represent to the Nordic power system in 2025, considering different levels of installed nuclear
capacity. The substantial cost savings obtained with HVDC EPC motivate the extension of the
analysis to cover non-critical operation (in [Pub. E]). To this end, we introduce an optimization
framework for scheduling frequency services in asynchronous power systems connected by HVDC
lines. Two HVDC Supplementary Power Control (SPC) schemes are investigated: the first one
allows for the exchange of reserves only in one direction, while the other enables bilateral exchanges.
We start by deriving the analytical expressions of frequency metrics for asynchronous power
systems exchanging primary frequency reserves through HVDC. The frequency metrics are then
introduced in a Unit Commitment Problem (UCP) in the form of frequency constraints. To deal
with the non-linearity of the Instantaneous Frequency Deviation (IFD) constraint, we propose a
data-driven approach to calculate cutting hyperplanes which substitute this constraint, improving
the accuracy of the results and reducing the computation time. We then use the dynamic responses
of generators and HVDC converters, calculated based on their control parameters, to determine the
right amount of reserves to procure. We show the benefits of sharing reserves via HVDC through
dynamic and market simulations.

Finally, the third group of contributions is centered around the concept of energy islands, and
is presented in [Pub. F] and [Pub. G]. The goal of these analyses is to help the development
of hybrid projects, providing market insights and innovative methods for the operation of the
islands. We start with detailed market analyses which study the inclusion of energy islands in the
North Sea (in [Pub. F]), considering all the European countries. We use for the analyses a detailed
model of the European 400 kV transmission grid together with a model of the European electricity
market. Both models comprise the modification foreseen for 2030 in terms of generation, RES,
demand and transmission reinforcements. We study different hub configurations, considering
several combinations of installed transmission and wind capacity. We use the results of the market
analyses to discuss different policy implications, which can be categorized into system needs and
market challenges, that shall be considered in the design phase of such projects. We then tackle the
problem of N-1 security and frequency stability in the islands, considering the impact that security
constraints have on the market outcome (in [Pub. G]). To ensure N-1 security, we develop an
innovative method to determine the frequency droop gains of HVDC converters, which distributes
any power imbalance among the remaining converters without violating their operational limits.
We calculate the droop coefficients solving an optimization problem which uses as input a forecast
of the flows on the HVDC links. We then assess the impact of the proposed method on market
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operation, carrying out a cost benefit analysis using the European electricity market model, and
we validate its effectiveness through dynamic simulations.

1.4 Thesis structure

The contributions presented in this thesis are divided into three blocks, each one corresponding to
one advantage of HVDC technology. The chapters are a summary of the scientific publications
listed in Section 1.5, which are attached in the Appendix for details.

Chapter 2 introduces the work related to the inclusion of HVDC losses in market clearing. Different
loss factors formulations are presented, together with the methodology to include intra-zonal losses
for zonal markets. The inclusion of losses in the market clearing algorithm is then discussed, and
an intuitive example is provided to explain in details the properties of the presented formulations.
Finally, the impact of the introduction of losses in the Nordic system is studied, concluding with
specific recommendations for system and market operators.

Chapter 3 focuses on the exchange of frequency services via HVDC, and is divided into two parts:
one dealing with remedial actions during critical operating conditions (low inertia events) and
one considering the exchange of frequency reserves during non-critical operation. In the first part,
the decision support tool for selecting the most cost-effective strategy to deal with low inertia
events is presented. A cost saving analysis is then carried out to highlight the economic benefit of
HVDC EPC in the Nordic system. In the second part, the two control strategies for HVDC SPC are
briefly presented, along with the frequency metrics for asynchronous systems whose dynamics are
coupled by HVDC. The chapter concludes with a case study showing how the market is impacted
when HVDC SPC is activated.

Chapter 4 places the main focus on the new concept of energy islands. The chapter is divided
into two parts, one presenting the first market analyses with energy islands in the North Sea, and
the other presenting the centralized controller for frequency regulation in the island. At first, the
results of the market analyses are presented, together with the policy implications. These are
divided into two categories: system needs, which cover operation aspects, and market challenges,
which focus on market players. The second part introduces the operating principles of zero-inertia
offshore systems, focusing on power imbalances. The methodology for the selection of frequency
droops is presented, and the impact of system security on market operation is demonstrated
through market simulations.

Chapter 5 concludes with an overview of the contributions presented in this thesis, along with
some perspective for future research.

1.5 List of publications

The relevant publications which are summarized in this thesis are listed as follows:

[Pub. A] A. Tosatto, T. Weckesser and S. Chatzivasileiadis, “Market Integration of HVDC Lines:
Internalizing HVDC Losses in Market Clearing,” in IEEE Transactions on Power Systems, vol.
35, no. 1, pp. 451-461, Jan. 2020, doi: 10.1109/TPWRS.2019.2932184.

[Pub. B] A. Tosatto and S. Chatzivasileiadis, “HVDC Loss Factors in the Nordic Power Market,” in
Electric Power Systems Research, vol. 190, Jan. 2021, doi: 10.1016/j.epsr.2020.106710.
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[Pub. C] A. Tosatto, M. Dijokas, T. Weckesser, S. Chatzivasileiadis and R. Eriksson, “Sharing Re-
serves through HVDC: Potential Cost Savings in the Nordic Countries,” in IET Generation,
Transmission & Distribution, vol. 15, no. 3, pp. 480-494, Feb. 2021, doi: 10.1049/gtd2.12035.

[Pub. D] A. Tosatto, M. Dijokas, D. Obradović, T. Weckesser, R. Eriksson, J. Josefsson, A. Krontiris,
M. Ghandhari, J. Østergaard and S. Chatzivasileiadis, “Market Integration of HVDC Lines:
Cost Savings from Loss Allocation and Redispatching,” accepted at CIGRE Centennial
Exhibition 2021, Aug. 2021.

[Pub. E] A. Tosatto, G. Misyris, A. Junyent-Ferré, F. Teng and S. Chatzivasileiadis, “Towards Optimal
Coordination between Regional Groups: HVDC Supplementary Power Control,” under
review at IEEE Transactions on Power Systems.

[Pub. F] A. Tosatto, X. Martínez Beseler, J. Østergaard, P. Pinson and S. Chatzivasileiadis, “North Sea
Energy Islands: Impact on National Markets and Grids,” submitted to Energy Policy.

[Pub. G] G. Misyris, A. Tosatto, S. Chatzivasileiadis and T. Weckesser, “Zero-inertia Offshore Grids:
N-1 Security and Active Power Sharing,” submitted to IEEE Transactions on Power Systems.
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CHAPTER2
Optimal Allocation of HVDC Losses

Grid losses are an inherent aspect of power transmission in electrical networks, mainly caused
by the resistive nature of transmission assets. From a market point of view, losses are an indirect
effect of energy trades which result in market inefficiencies (part of the produced energy is lost)
and reduced economic welfare. The approaches to handle losses can be divided into two main
categories: explicit and implicit procurement methods. The first group collects all the different
methods adopted by TSOs to compensate losses in the transmission system and to recover the
related costs. With implicit methods, instead, losses are internalized in market operation and
directly allocated to market participants.

As discussed in Section 1.2.1, every year the Nordic TSOs bear costs of about 15 million Euros to
cover losses on HVDC links during hours of operation with zero price difference. In addition,
countries like Denmark often bear the costs of losses resulting from transit flows to other countries.
In order to fairly allocate the costs of losses, this chapter deals with the transition from explicit to
implicit allocation of HVDC losses, focusing on particular aspects related to optimal operation of
AC and DC grids. Section 2.1 gives an overview of transmission losses, along with the loss factor
formulations presented in [Pub. A] and the methodologies to include losses in the market-clearing
algorithm. Section 2.2 moves the focus towards the Nordic situation, as discussed in [Pub. B],
presenting detailed impact analyses of the implicit procurement of losses on Nordic interconnectors,
together with specific recommendations for system and market operators.

2.1 Inclusion of losses in market clearing

In the following, we start by giving an overview of transmission losses, with a special regard to
HVDC losses, together with different TSO practices to deal with them. Successively, we present
different loss factor formulations and an approach to consider intra-zonal losses during their
calculation, as done in [Pub. A]. Finally, we introduce two market-clearing formulations which
account for transmission losses, as presented in [Pub. A] and [Pub. B].

2.1.1 Losses in transmission systems

Losses in AC systems can be broadly divided into transmission line and transformer losses [54].
The first are mainly caused by Joule heating, proportional to the length of the conductors and to
the square of the current. Losses in power transformers are divided into iron losses, also called
no-load losses, and copper losses. For both components, losses can be expressed as

ploss = RI2, (2.1)

with R being the line resistance or the equivalent resistance of the transformer.

9
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Similarly, losses in point-to-point HVDC systems are the sum of transmission and conversion
losses. While transmission losses only depend on the type of conductor and on the voltage level,
converter losses can vary significantly depending on the type of power electronic devices used for
the conversion and the topology of the converter.

Converter losses are divided into conduction and switching losses. The first are the ohmic losses
caused by the parasitic resistance of the switches, while the second are due to the turn-on and
turn-off of power electronic devices. Line-Commutated Converters (LCCs) use thyristor valves
which allow only one commutation per cycle. Voltage-Source Converters (VSCs), instead, use
insulated-gate bipolar transistors (IGBTs) which offer higher controllability thanks to the increased
number of commutations per cycle, in general between 20 and 40. It follows that switching losses
are higher in the second typology of converters. However, commutations decrease with increasing
number of IGBTs per arm, with the result that switching losses significantly decrease in Modular
Multi-level Converters (MMCs). Additionally, the operating mode of a VSC influences conduction
losses: when operating as rectifier, parallel diodes conduce for more time than IGBTs and, having
lower resistance, losses are lower than in inverter mode. This does not happen in an LCC, as there
are always two valves conducting at a time. Overall, a typical LCC station has power losses of
around 0.7%, which increase to 2-3% in a VSC station and to around 1% in a MMC station.

Converter losses are commonly represented with the generalized loss model:

ploss = aI2 + bI + c, (2.2)

where a captures the quadratic nature of conduction losses, b captures the linearity of switching
losses and c represents standby losses and the power consumption of the auxiliary devices required
for the operation of the substation, around 0.1% of the converter rating. It follows that losses in
point-to-point HVDC systems can be expressed as

ploss = (arec + ainv +R)I2 + 2bI + 2c, (2.3)

where b and c are considered twice to account for the two converter stations. Examples of HVDC
losses on real interconnectors are provided in Figure 2.1 [55].
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Figure 2.1: Examples of HVDC losses on Danish interconnectors.
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As part of system operation, TSOs are responsible for compensating transmission losses. When
this is done explicitly, TSOs use offline grid models to estimate losses based on demand and
weather forecasts. The estimate is then used to place price-independent bids in the day-ahead
energy market. This has the intent of: (i) reducing procurement costs, as day-ahead prices are
usually lower than prices in the regulating power market, and (ii) ensuring the procurement of the
necessary energy while avoiding market distortion. In case of mismatch between estimated and
actual losses, the imbalance is covered in the regulating power market.

Concerning losses on interconnectors, there are specific bilateral agreements which state the
procedure for the procurement of the necessary power and the allocation of costs between the
involved parties. This is particularly relevant for HVDC interconnectors, as the amount of losses
is significant. For example, the energy to cover the losses of the Kontek interconnector, i.e. the
HVDC connection between Eastern Denmark and Germany, is entirely procured in Denmark since
electricity prices are usually lower in Denmark than in Germany. As part of the agreement, 50Hertz
Transmission GmbH, the operator of the cable from the German side, financially compensates half
of these losses to Energinet, the Danish TSO. When the available transmission capacity for market
operation is calculated, a certain margin for losses is always considered in the direction towards
Germany. Conversely, losses in the HVDC link between Sweden and Finland, Fennoskan, are
always purchased in the exporting area, and the importing TSO financially compensates half of
the losses.

In order to recover operating costs, different approaches are followed by TSOs to include the cost
of losses in grid tariffs. In certain regions, the allocation of these costs is done ex-post, based on
actual measurements of power flows. In this case, the contribution of each generator and load
to the total losses is calculated using sensitivity and transmission loss factors. In some other
regions, instead, the allocation is done ex-ante. In Denmark, for example, the total cost of losses is
estimated one year ahead based on historical data, and allocated to market participants following
specific schemes. Usually, the share of costs that has to be covered by the loads is higher, to allow
generators to be more competitive in the European electricity market. In case the estimation is
inexact, tariffs are then updated accordingly the next year.

As an alternative to explicit procurement, losses on interconnectors can be implicitly calculated
while clearing the market. This option presents several benefits: (i) losses are calculated based
on the energy trades, reducing the probability of incorrect estimation, (ii) electricity prices reflect
both energy consumption and transmission losses, with market participants directly paying for
the losses caused by their trades, and (iii) the path resulting in the least amount of losses can be
identified, reducing costs for society. Examples of power exchanges where losses are implicitly
included in the clearing process are the Australian National Electricity Market, New Zealand’s
Electricity Market, California Power Exchange and PJM Energy Market, among others. In Europe,
implicit grid losses are implemented only on few interconnectors, e.g., NorNed and Baltic Cable
among others, with losses calculated by linear approximations. If losses are not adequately
represented in the market-clearing algorithm, sub-optimal power flow solutions are obtained, and,
as a result, transmission losses might increase.

For a successful transition from explicit to implicit loss procurement, transmission losses must be
properly introduced in the market-clearing algorithm. In the following, we will present different
loss factor formulations and how to include them in the market-clearing problem.
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Figure 2.2: Examples of constant, linear and piecewise-linear loss factors.

2.1.2 Loss factor formulations

As mentioned in Section 2.1.1, losses are quadratic functions of the current flow on the line.
Including polynomial equality constraints with degree above 1 in an optimization problem renders
it non-convex and generally NP-hard. Moreover, the solutions of non-convex problems only
satisfy the conditions for local optimality. Thus, to avoid excessive complexity, most of the market
operators allow only linear constraints, calling for an approximation of the loss functions.

Under the assumption of “DC” power flow and using the per-unit system, the current in Eqs. (2.1)
and (2.3) can be replaced by the power flow on the line. Loss factors are then defined as numerical
coefficients which express the relationship between power flows and transmission losses. With the
limitation on the degree of the polynomial function, only three options remain available: constant,
linear and piecewise-linear loss factors. Figure 2.2 gives some illustrative examples of the different
formulations, which are further described in the following.

In addition, loss factors can only represent losses on the transmission lines included in the market
model. In the case of zonal markets, intra-zonal networks are not considered when clearing the
market. Compensation mechanisms have been introduced for intra-zonal losses due to transit flows,
with the Inter-TSO Compensation mechanism (ITC) being an example. However, this particular
mechanism does not apply to HVDC lines, as these flows are intended as specific transactions
scheduled by TSOs. Therefore, we also introduce a methodology to consider intra-zonal losses
when calculating the loss factors on interconnectors, which can be applied to both AC and DC
lines.

Constant Loss Factors

Constant loss factors is the simplest approximation for the losses which can be included in a linear
formulation of the market-clearing problem. They do not express losses as a function of power
flows, but represent directly the losses with a fixed term:

ploss = ε. (2.4)

Several options are suitable for the selection of the coefficient ε. For example, it can represent the
losses corresponding to full or average loading (see Figure 2.2 - left). Clearly, the error introduced
with this approximation is non-negligible. However, this formulation presents some desirable
properties: (i) extreme simplicity and transparency, and (ii) procurement of losses within market
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operation. In the particular case of HVDC interconnectors, the average flow calculated excluding
the hours of operation with zero-flow could be a suitable option, as HVDC interconnectors have
high utilization factors [55].

Linear Loss Factors

Linear loss factors express a linear relationship between flows and losses:

ploss = α|f |+ ε. (2.5)

The two coefficients α and ε can be calculated following different approaches (see Figure 2.2 -
central), e.g., with the least squares method, calculating the derivative at a specific flow, connecting
standby losses to full-load losses, considering a certain range of flows, etc. Since losses now
increase linearly with the flow, the calculation is more precise and less energy must be procured
afterwards in the regulating power market. Moreover, in case of parallel lines, the dependency
of losses on power flows allows for the evaluation of the paths based on the amount of losses
produced.

Piecewise-linear Loss Factors

With piecewise-linear loss factors, the slope of the linear approximation increases with increasing
flow:

ploss =





α1|f |+ ε1, if 0 ≤ |f | ≤ F1,

...

αk|f |+ εk, if Fk−1 ≤ |f | ≤ Fk.

(2.6)

Similar to linear loss factors, the coefficients of each segment can be calculated with different
methods. In addition, the more segments are used to linearize the loss function, the better is the
accuracy of the approximation (see Figure 2.2 - right). Power flows can now be better distributed
across the lines, since it is possible to see the incremental occurrence of losses when loading a line.

Intra-zonal losses

Intra-zonal flows are the superposition of domestic flows and cross-border flows. Since the
goal is to consider losses due to cross-border flows only, the internal flows must be somehow
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Figure 2.3: Linearization of the loss function with and without considering intra-zonal losses.
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excluded from the calculation. We start by considering two areas at a time: one area is considered
a net exporter with no domestic consumption, while the other area is a net importer with no
internal generation. A large number of AC power flow computations are executed: generation and
consumption are randomized to cover the whole range of possible flows on the interconnectors.
This operation is repeated inverting generation and consumption in the two areas, and the whole
procedure is repeated for all the pairs of connected zones in the system. When considering the
system as a whole, losses tend to be lower than when considering only two areas at a time. When
this happens, a correction factor is introduced to not overestimate intra-zonal losses.

An example of the statistical population of losses obtained with this approach is depicted in
Figure 2.3. The resulting linearized losses are steeper than the previously calculated ones, and
account for the increment of internal losses caused by cross-border flows.

2.1.3 Modification of the market-clearing algorithm

In this section, the introduction of losses in the market-clearing algorithm is discussed. This topic
has been widely investigated in the literature [56–58]; however, none of these works have studied
the implications of introducing losses for meshed AC/HVDC grids. The problem is formulated as
an economic dispatch with grid constraints, also referred to as “DC” Optimal Power Flow (OPF),
which is a Linear Program (LP). The objective is to minimize system costs subject to a set of
constraints related to the operational limits of market participants and transmission assets. The
formulation is kept general in order to cover nodal and zonal pricing markets and different
market-coupling methodologies. While the complete formulation is presented in [Pub. A] and
[Pub. B], in the following we present the main differences from a traditional DC-OPF problem.

The linearization of loss functions allows to include losses in the market-clearing algorithm while
keeping the problem convex. However, power flows can be positive or negative depending on
the flow direction. Therefore, the calculation of losses requires the absolute operator to deal with
power flows in both directions, making the problem non-linear.

With constant loss factors this problem does not arise, and Eq. (2.4) can be directly included in the
optimization problem. With linear and piecewise-linear loss factors, instead, a way around this
problem can be found recasting Eq. (2.5), or each equality of Eq. (2.6), as the following inequalities:

plossl ≥ αlfl + εl : σ+
l , ∀l ∈ L, (2.7a)

plossl ≥ αl(−fl) + εl : σ−l , ∀l ∈ L, (2.7b)

where L is the set of transmission lines with implicit losses implemented, and σ±l are the dual
variables associated with the two inequalities. With this relaxation, losses are not constrained
to the values calculated with Eq. (2.5), or with one equality of Eq. (2.6), but can take any value
equal to or greater than these quantities. A representation of the feasible space described by the
inequalities in Eq. (2.7) is provided in Figure 2.4.

Since power losses are included in the power balance equation, generation is increased to
compensate for the losses. It follows that the higher the losses are, the higher the system cost is.
Since the objective is to minimize system costs, losses are implicitly minimized, with the result
that one of the two inequalities in Eq. (2.7) is always binding. However, problems arise when
Locational Marginal Prices (LMPs) are negative. Indeed, negative prices mean that the total system
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Figure 2.4: Feasible space resulting from the relaxation of the equality constraints with linear loss
factor (left) and piecewise-linear loss factors (right).

cost would decrease if energy consumption is increased. In this case, the optimization problem sees
increasing losses as an effective action to decrease system costs, and artificial losses are generated.

Negative prices are occasionally seen in different markets, with the main causes being negative
generator bids, inter-temporal constraints and transmission congestions. In order to avoid
distortions of the market outcome, an exact calculation of losses can be obtained by introducing
integer variables, transforming the problem in a Mixed-integer Linear Program (MILP). Power
flows are then defined as the sum of two non-negative continuous variables, which define the
flows in the two directions, activated once at a time by a binary variable. In case of linear loss
factors, constraints (2.7) are substituted by:

fl = f+
l − f

−
l , ∀l ∈ L, (2.8a)

0 ≤ f+
l ≤ ulFl, ∀l ∈ L, (2.8b)

0 ≤ f−l ≤ (1− ul)Fl, ∀l ∈ L, (2.8c)

plossl = αl(f+
l + f−l ) + εl, ∀l ∈ L, (2.8d)

where ul ∈ {0, 1} defines the direction of the flow. In case of piecewise-linear loss factors with k
segments, 2k continuous variables are introduced for the definition of the flows, while 2k binary
variables activate the right segments. The resulting constraints are:

fl =
∑k
i=1 f

+
i,l −

∑k
i=1 f

−
i,l, ∀l ∈ L, (2.9a)

(u+
i,l − u

+
i+1,l)Fi−1,l ≤ f+

i,l ≤ (u+
i,l − u

+
i+1,l)Fi,l, ∀i 6= k, ∀l ∈ L, (2.9b)

u+
k,lFk−1,l ≤ f+

k,l ≤ u
+
k,lFk,l, ∀l ∈ L, (2.9c)

(u−i,l − u
−
i+1,l)Fi−1,l ≤ f−i,l ≤ (u−i,l − u

−
i+1,l)Fi,l, ∀i 6= k, ∀l ∈ L, (2.9d)

u−k,lFk−1,l ≤ f−k,l ≤ u
−
k,lFk,l, ∀l ∈ L, (2.9e)

u+
i,l ≥ u

+
i+1,l, ∀i 6= k, ∀l ∈ L, (2.9f)

u−i,l ≥ u
−
i+1,l, ∀i 6= k, ∀l ∈ L, (2.9g)

plossl =
∑k
i=1 αi,l(f

+
i,l + f−i,l)

+
∑k−1
i=1 εi,l(u

+
i,l − u

+
i+1,l + u−i,l − u

−
i+1,l)

+ εk,l(u+
k,l + u−k,l),

∀l ∈ L, (2.9h)
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where i is the index of piecewise segments, u+
i,l,u

−
i,l ∈ {0, 1} and Fi,l is the upper limit of segment i.

When fl is positive (within segment ĩ), all u−i,l are equal to 0, all u+
i,l with i ≤ ĩ are equal to 1, and

all u+
i,l with i > ĩ are equal to 0.

Once the loss factors are included in the optimization problem, regardless of the selected formulation,
losses are included in the system balance equation and in the calculation of the nodal/zonal injections
using a loss distribution matrix D, defined as

Dn,l =





0.5, if line l is connected to n,

0, otherwise,
(2.10)

where n refers to a node or zone depending on the pricing scheme applied. The coefficient 0.5 refers
to equal distribution of losses between the connected areas; however, other allocation schemes are
possible.

Considering the price formation after the inclusion of losses, the two presented formulations
are strictly equivalent. Constant loss factors do not have any impact on prices, as there is no
direct relation between flows and losses; therefore, what follows only applies to linear and
piecewise-linear loss factors. With the relaxation in Eq. (2.7), LMPs are calculated as

LMPn = λ+
∑

l∈Lac

PTDFn,l(µ l − µl) +
∑

l∈Lac

αlPTDFn,l(σ−l − σ
+
l ), (2.11)

where λ is the dual variable associated with the system balance equation, PTDF is the Power
Transfer Distribution Factor (PTDF) matrix, µl are the shadow prices of congestion of line l in the
two directions and Lac is the set of AC lines. Note that the coefficient αl becomes the coefficient
α
ĩ,l

of the activated segment ĩ in case of piecewise-linear loss factors. In this form, it is clear
that electricity prices have three components related to the cost of generation (first), the cost of
congestion (second) and the cost of losses (third). An interesting aspect is that dual variables
related to HVDC constraints do not directly appear in Eq. (2.11), but are incorporated in µ and σ
of AC lines.

In case the MILP formulation is used, dual variables are calculated by fixing the binaries to their
optimal values and solving again the problem, which is now an LP. The substitution of the two
inequalities in Eq. (2.7) with constraint (2.8d) or (2.9h) results in a single dual variable σl which
takes the value of either σ−l or σ+

l , depending on which inequality constraint would be binding.
Therefore, LMPs are still represented by Eq. (2.11).

As seen from Eq. (2.11), a direct consequence of implementing implicit losses is the appearance
of the loss component in electricity prices, unless constant loss factors are used. As a result,
price differences arise between zones or nodes, even if there are no congestions in the system.
Considering only two areas, a and b, connected by one line, AC or DC, the relation between the
two electricity prices is

LMPb = 1 + 0.5 sign(f)α
1− 0.5 sign(f)αLMPa, (2.12)

where sign(f ) refers to the flow direction, e.g., if power flows from a to b, sign(f ) = 1 and
LMPb ≥ LMPa. From Eq. (2.12), it is evident that the price difference is a function of the linear loss
coefficient α. In case of piecewise-linear loss factors, instead, this would be the linear coefficient
α
ĩ,l

of the activated segment ĩ. In addition, the coefficients 0.5 refers to equal distribution of losses
between the two nodes; if the allocation scheme is different, these coefficients would change. In
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case of implicit losses on HVDC interconnectors, the price difference arises only between the two
connected areas. In case of AC losses, instead, implementing implicit losses only on a specific
interconnectors would create price differences among all the interconnected nodes or zones, as AC
flows are not independent on each other. Finally, in case of congestion, if the new price difference
is larger than the one calculated with Eq. (2.12), then losses do not further affect prices.

2.2 HVDC loss factors in the Nordic system

The study on HVDC losses was motivated by the proposal, presented by the Nordic TSOs, of
implementing implicit losses on Nordic HVDC interconnectors. The analyses in [Pub. A] show
that, in order to assess the impact of such a modification, a dedicated test case is necessary because
the results are highly dependent on the topology of the system under consideration. Therefore,
in the following, we present the models of the Nordic transmission grid and electricity market
developed in [Pub. B] for such analysis. We then discuss the results, focusing on particular
situations such as parallel DC paths and parallel AC and DC paths.

2.2.1 The Nordic test system

The Nordic power system includes the transmission grids of Denmark, Sweden, Norway and
Finland. The system is divided into two asynchronous areas: Sweden, Norway, Finland and
Eastern Denmark constitute the Nordic Synchronous Area (NSA), while Western Denmark is
synchronously connected to Germany, thus belonging to the Continental Synchronous Area. For
this reason, all the interconnections between NSA and the neighboring areas are formed by HVDC
lines. In addition, one embedded HVDC line connects Sweden to Finland.

In the framework of this thesis, we developed the Nordic test system to represent the Nordic
power system as it was in 2018. The model data are released as open-access and open-source in a
GitHub repository [59]. A detailed representation of Denmark is provided by Energinet [60], the
Danish TSO, while the other countries are represented by an equivalent transmission model [61].
A representation of the system is provided in Figure 2.5 (left); for illustration purposes, not all
Danish lines and substations are represented in the map. The total installed generation capacity
is around 90 GW. The region is water resource rich, hence majority (about 50%) of electricity
production comes from hydropower plants. Fossil fuel-based generation accounts for around 15%
of the installed capacity, and a similar share is covered by nuclear reactors in Sweden and Finland.
The installed wind capacity, both onshore and offshore, is around 13.5 GW, with Denmark leading
the sector. The peak consumption varies from 20 to 60 GW, with the minimum occurring during
summer and the maximum during winter. All generator and load data come from the ENTSO-E
Transparency Platform [62] and Nord Pool archive [21].

The Nordic electricity market, operated by Nord Pool, has a zonal-pricing scheme. Price zones, also
referred to as bidding zones, are primarily defined based on TSO control areas; further divisions are
applied if transmission constraints arise. Figure 2.5 (right) shows the different bidding zones in the
Nordic area and the equivalent interconnectors. The current day-ahead market coupling is based
on Available Transmission Capacities (ATC) [63], defined by TSOs two days before operation (D-2).
The market model is obtained aggregating transmission nodes into the corresponding bidding
zones, with ATC taken from Nord Pool [21].

The analyses presented in the next sections focus on different properties of linear and piecewise-
linear loss factors, together with aspects related to the inclusion of HVDC losses only. Neighboring
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Figure 2.5: Nordic transmission grid (left) and electricity market (right) models.

countries, such as the Netherlands, Germany, Poland, Russia and the Baltic countries, are not
directly included in the model: power exchanges with these countries are fixed to the real exchanges
for each hour of 2017. Therefore, the cost-benefit analyses only consider the implementation of
implicit grid losses on intra-Nordic AC and DC interconnectors, as power flows on the other
interconnectors are unresponsive to the changes introduced by loss factors. In addition, only
losses on interconnectors are considered since the inclusion of intra-zonal losses would require a
degree of detail that is not possible with the data publicly available. In each simulation, the market
is cleared for a time period corresponding to one year (8760 hours) with real demand and RES
profiles from 2017. Demand is considered inelastic. When losses are explicitly procured, these
are calculated using an estimation of the market dispatch and included in the market problem as
price-independent bids.

2.2.2 Parallel DC paths

The first analysis studies the differences between linear and piecewise-linear formulations when
implicit losses are implemented on HVDC interconnectors only. Three simulations are run
considering:

1. explicit procurement of losses on all interconnectors;

2. implicit procurement on HVDC lines with linear loss factors;

3. implicit procurement on HVDC lines with piecewise-linear loss factors.
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Figure 2.6: Example of flows on parallel DC paths: Skagerrak, Kontiskan and Storebælt.

This study is motivated by the presence of parallel DC paths in the Nordic system. An example
of this situation is depicted in Figure 2.6, which shows the possible routes for power flows from
Western Denmark (DK1) to other Nordic zones and vice versa. When losses are introduced in the
market-clearing process, transmission lines are evaluated based on their loss coefficients. Since AC
losses are not considered, the different alternatives are evaluated based on HVDC loss factors only.

In case of linear loss factors, the slope of the loss function does not change and, when a line is
selected, it is loaded until full capacity. Therefore, in case of parallel paths, HVDC lines are ranked
based on the slope of their loss function, and flows are distributed accordingly. In the example
presented in Figure 2.7 (left), the colors refer to the slope of the linear functions: in increasing
order, first blue, then orange and finally red. Therefore, Storebælt is loaded first (blue line), then
Skagerrak (orange line) and then Kontiskan (red line). Clearly, this is not a good distribution of
power flows, as losses grow quadratically with higher loading.

With piecewise-linear loss factors, instead, the coefficients of line segments are used as basis for
comparison. Therefore, line segments are ranked and the path with the least amount of losses is
found by moving back and forth from one loss function to the other. In Figure 2.7 (right), now
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Figure 2.7: Linear (left) and piecewise-linear (right) loss functions for Skagerrak, Kontiskan and
Storebælt. The colors refer to the slope of the line/segment: in increasing order, blue, orange
and then red. Dotted lines represent the quadratic loss functions (from the bottom, Skagerrak,
Storebælt, and Kontiskan). For illustrative purposes, stand-by losses are not considered in this
picture, although accounted for in the simulation.
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the colors refer to the slope of the segments: the segments with the smallest slopes are coloured
in blue, then orange and finally red. The first line to be loaded is Skagerrak, until the first blue
segment is completed, then the flow is redirected towards Storebælt, then Kontiskan, and so on.
When there are no more blue segments, first orange and then red segments are considered. In this
way, the increment of losses at higher loading is taken into consideration and flows are optimally
distributed.

In the simulation with explicit losses, the total losses on the four intra-Nordic HVDC lines (Storebælt,
Skagerrak, Kontiskan and Fennoskan) amount to 0.82 TWh. As expected, the introduction of
HVDC loss factors decreases the utilization of HVDC lines, which results in the losses decreasing
by 7.3% with linear loss factors and by 8.9% with piecewise-linear loss factors. Without considering
AC losses, the cost savings resulting from the introduction of loss factors are respectively 1.21
million Euros and 1.51 million Euros in the two scenarios. Compared to the linear loss factors,
piecewise-linear loss factors further decrease losses (22% difference) and result in higher cost
savings (28% more).

2.2.3 Parallel AC and DC paths

In the second analysis, AC losses are taken into consideration to study the impact of implicit losses
on HVDC lines only. In addition to the previous cases, two more simulations are run considering:

4. implicit procurement on AC and HVDC lines with linear loss factors;

5. implicit procurement on AC and HVDC lines with piecewise-linear loss factors.

Similar to the previous analysis, we aim at highlighting the consequences of HVDC loss factors
if there exist parallel AC and DC paths, as it is the case of Fennoskan (Figure 2.8). Since the
market-clearing model did not consider the losses of the AC interconnectors so far, DC lines will
be loaded only when AC capacity constraint violation cannot be resolved by any other measure.
However, losses occur also on AC lines and, by reducing the flows on HVDC interconnectors, the
risk is to disproportionally increase them.

Table 2.1 presents the variation of losses on AC and DC lines across the four simulations with
implicit grid losses implemented. As discussed before, HVDC losses decrease when HVDC loss
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Figure 2.8: Example of flows on parallel AC paths: Fennoskan.
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Linear HVDC PW-linear HVDC Linear AC-HVDC PW-linear AC-HVDC

DC losses variation -60.13 GWh -71.36 GWh -55.16 GWh -43.61 GWh

AC losses variation +43.02 GWh +47.89 GWh -108.3 GWh -220.8 GWh

Cost savings -0.08 Me 0.13 Me 3.37 Me 4.82 Me

Table 2.1: Outcome of the four simulations with implicit grid losses. The case with explicit losses is
used as reference. All the numbers refer to the cumulative results for one year.

factors are introduced. However, this comes with the cost that AC losses significantly increase.
Still, the total variation is negative, meaning that overall losses are reduced. The two simulations
with AC and DC loss factors, however, show that it is possible to further decrease system losses. In
particular, piecewise-linear AC and DC loss factors lead to a total loss reduction of 12%, accounting
for 4.82 million Euros savings, while this is limited to 0.7% with only linear HVDC loss factors.

Regarding the cost savings, they increase as implicit losses are implemented on both AC and HVDC
lines and the loss approximation becomes more precise. This confirms that implementing implicit
losses on both AC and DC interconnectors using piecewise-linear loss factors is the preferable
option. The negative savings in case of linear HVDC loss factors can be explained considering
the frequent overestimation of losses. Since the total loss reduction is quite small, the positive
effects are cancelled out by the larger amount of power procured. The positive savings in the third
simulation are the further confirmation that piecewise-linear loss factors perform better

2.3 Concluding remarks

In this chapter, we have studied the impact of the introduction of loss factors in the market-clearing
problem, looking at the implications of this modification in the specific case of meshed AC/HVDC
grids. We have focused on assessing the proposal of the Nordic TSOs, which consists in the
introduction of linear loss factors for HVDC lines only. We have conducted detailed analyses on a
model representing the Nordic electricity market, providing different recommendations to system
operators for a successful transition from explicit to implicit loss procurement.





CHAPTER3
Sharing Reserves through HVDC

Reliability of electricity supply is a fundamental requirement of power system operation, such that
TSOs enforce different security criteria to limit the impact of disturbances. Among others, the N-1
criterion establishes that the system must be capable of withstanding the loss of a transmission line
or a generator without violating operational security limits [64]. With decreasing system inertia,
the current requirement for frequency reserves might be insufficient to keep the frequency within
the security limits in the event of large disturbances, violating the N-1 criterion. As a result, we
need to reconsider and appropriately redefine the set of remedial actions necessary in order to
avoid such situations.

Remedial actions are the measures taken by system operators to ensure operational security of
power systems. If a threat is identified during the operational planning process, TSOs decide
whether the necessary remedial actions must be performed prior to its realization (preventive
actions) or straight at the moment of its inception (corrective actions). Among the list of corrective
measures identified by ENTSO-E, the modification of HVDC set-points for active and reactive-
power control is considered one of the most effective options [65]. In HVDC-rich areas such as
Northern Europe, sharing reserves through HVDC can lead to substantial cost savings in ensuring
N-1 security, as the alternative would be to rely on more expensive preventive actions or to procure
more reserves. Therefore, this chapter deals with the utilization of the advanced control features of
HVDC for the provision of frequency services to interconnected asynchronous systems. Section 3.1
provides an overview of frequency balancing procedures, and presents the economic benefits
of using HVDC corrective control capabilities to ensure N-1 security during critical operating
conditions, as discussed in [Pub. C] and [Pub. D]. Section 3.2 moves the focus towards non-critical
operation, studying the economic benefits of sharing frequency services among asynchronous
areas on a continuous basis, as investigated in [Pub. E].

3.1 Mitigation strategies during emergency situations

In the following, we introduce the main concept related to frequency regulation and system security.
We then present a decision support tool which compares several remedial actions in case of low
inertia events, both from an economic and a technical point of view, as described in [Pub. C]. We
discuss different remedial actions focusing on technical and economic aspects and, finally, we
show the potential cost savings in the Nordic countries resulting from the utilization of HVDC for
frequency support, as presented in [Pub. D].

3.1.1 Frequency balancing procedures

TSOs use the frequency of AC voltage and current signals as an indicator of power balance in
the system. When generation is lower than power consumption, the kinetic energy stored in

23
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the rotating mass of the system is converted into electrical energy, rotating speed decreases and,
therefore, system frequency drops. Conversely, if power consumption is lower than generation,
electrical energy is converted into kinetic energy, with the result that rotating speed and system
frequency increases.

Since large power deviations can activate cascading events resulting in the subsequent disconnection
of demand facilities, and eventually system blackout, TSOs ensure that a certain amount of power
reserve is available at any time [66]. In the Nordic system, four different frequency products are
available: the Frequency Containment Reserves for Normal Operation (FCR-N), the Frequency
Containment Reserves for Disturbances (FCR-D), the Frequency Restoration Reserves (FRR) and
the Replacement Reserves (RR) [67].

During normal operation, small frequency deviations are caused by demand and RES variations.
In the Nordic system, frequency deviations up to ±100 mHz are considered normal operation and
FCR-N are deployed to keep the frequency within this range [67]. In case of disturbance, FCR-D
are activated when the frequency drops below (or rise above) the threshold for normal operation,
49.9 Hz for under-frequency events and 50.1 Hz for over-frequency events. These reserves have
the scope of containing the frequency right after the disturbance, and are replaced by FRR when
the frequency is stabilized to the post-fault steady-state value. FRR are divided into automatic and
manual reserves: automatic FRR (aFRR) are activated to relieve FCR-D and make them available
in case of further disturbances, and manual FRR (mFRR) are activated to restore the frequency
back to the nominal value [67]. RR are then used to maintain the power balance once frequency
reserves have completed their tasks. The timeline for the activation of the different frequency
services is illustrated in Figure 3.1 (lower figure).

In order to secure system operation, TSOs use certain frequency metrics as stability indicators
and enforce their upper limits during the planning process. The three main metrics are Rate
of Change of Frequency (RoCoF), Instantaneous Frequency Deviation (IFD) and Steady-state
Frequency Deviation (SSFD), illustrated in Figure 3.1 (upper figure). RoCoF is defined as the
time derivative of the frequency and its maximum value occurs just after a power disturbance.
The maximum IFD, also referred to as frequency nadir, is the minimum (or maximum) value of
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Figure 3.1: Frequency deviation and reserve activation.
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frequency following a disturbance, while SSFD is the value at which frequency stabilizes after
FCR-D have been deployed.

RoCoF, IFD and SSFD mainly depend on the size of the disturbance, the control parameters of
frequency reserves and the inertia level of the system. In order to comply with the N-1 security
criterion, the requirement for FCR-D is calculated considering the largest power deviation, referred
to as dimensioning incident (DI), and historical data for system inertia. The goal of FCR-D is to
keep the frequency above the minimum threshold for critical operation, that is 49 Hz in the Nordic
system (51 Hz per over-frequency events) [67]. If frequency falls below 48.8 Hz, additional security
actions are taken, such as the disconnection of load facilities (load shedding). With the ongoing
replacement of synchronous generation with inverter-based technologies, the minimum level of
system inertia is progressively decreasing, and, as a result, FCR-D (and esp. its activation speed),
can be insufficient to keep the frequency above 49 Hz if the inertia falls below a critical level [66].

In case of low inertia events, TSOs take remedial actions to guarantee system security. In general,
mitigation strategies aim at: (i) increasing system inertia, (ii) increasing the effectiveness of
frequency balancing resources, or (iii) reducing the size of the worst-disturbance. Different
strategies have different time frames of applicability: for example, short-term solutions for
increasing system inertia could be limitations on inverter-based generating units or on HVDC
imports, while long-term solutions could be the implementation of inertia constraints in market
and dispatch algorithms or the introduction of inertia products.

As first choice, TSOs usually try to avoid options that would require a complete change of paradigm,
focusing on short-term actions which can be very effective but often expensive. For instance, in
2018, Nordic TSOs imposed a limitation on the largest generating unit, a nuclear power plant in
Sweden (Oskarshamn 3), to reduce the size of the worst-case disturbance. Because of the high costs
of this power restriction, in summer 2020, a new product for frequency balancing was introduced
in the Nordic system: the Fast Frequency Reserves (FFR) [68]. FFR have an activation time between
0.7 and 1.2 s, and are procured to supplement FCR-D only during those hours of operation with
low inertia.

Among the short-term solutions, HVDC can be used as a vehicle for exchanging frequency services
and provide bilateral support when connecting asynchronous AC systems [65]. If HVDC converters
are equipped with proper frequency controllers, their set-points can be adjusted in case of power
imbalance. In this way, the disturbance can be shared with neighboring systems, which then
participate in active-power regulation activating the respective frequency reserves. Given that low
inertia situations are becoming more and more common among TSOs, increased coordination via
HVDC could represent a valid cost-effective alternative to other measures.

In the following sections, we introduce the decision support tool to compare short-term mitigation
strategies in case of low inertia events and we present the results of a cost saving analysis on the
utilization of HVDC for frequency support in the Nordic system.

3.1.2 Decision support tool

Online tools for inertia estimation are widely used by TSOs to monitor the inertia level of the
system. These tools normally use production plans and market dispatches to calculate the expected
inertia of the system from seven (D-7) to one day (D-1) before operation. However, by extending
the time window and the scope of the analysis, these tools can be used to provide an estimate of the
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Figure 3.2: Sequence diagram of the algorithm comparing different mitigation strategies.

occurrence of low inertia events and to make informed decisions regarding the most cost-effective
strategy available during the planning process. Therefore, we propose a methodology that extends
these online tools with the comparison of different mitigation strategies, and their costs, in case of
low inertia periods. A graphic representation of the proposed method is depicted in Figure 3.2.

As a first step, the calculation of the system inertia is performed. Since the inertia of the system
is a function of which synchronous generators are online, the necessary inputs for this block
are generator status, their inertia constants and their ratings. The length of the time window
considered for the analysis and its scope will then determine how the necessary data is obtained.
In case of short-term analyses, the status of the units can be obtained through direct measurements,
e.g., production levels or circuit breaker status, or through market data, e.g. hourly production
values from power exchanges. Long-term analyses, instead, require detailed market simulations
for forecasting which units are likely to be online in the considered time period.

Once the system inertia has been calculated, the second step determines the corresponding IFD
in case of the dimensioning incident. This process highly depends on the available frequency
response model of the system. In case of dynamic models, the dimensioning incident is dynamically
simulated and the obtained frequency profile is evaluated. Alternatively, statistical models which
relate inertia to IFD can be used. The necessary data to perform this analysis are inertia estimates,
the reference incident and the system frequency. In case the considered time period consists of
multiple time instances, the IFD is calculated for each snapshot.

The calculated IFD values are then given as an input to the comparator, which compares them to
the maximum allowed IFD in the system. Time instances are then divided into two groups, one
where frequency requirements are not violated and one where remedial actions need to be taken to
ensure system security. Further analyses are performed only for the second group.

From this point on, different mitigation strategies are evaluated both from a technical and an
economic point of view. The third step is the assessment of the extent of each measure, e.g. how
much the reference incident should be reduced, or how much extra support to FCR-D is necessary.
To this end, the mapping of system inertia or IFD to the intensity of the remedial action can be
obtained with iterative dynamic simulations where the remedial action is progressively increased
until the IFD stays within the acceptable limits. A regression model can be used to derive numerical
relations between input and output quantities, similar to the one in [69].
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Finally, the cost of the different remedial actions is calculated considering the different market
stages where the actions are performed. The inputs for the calculation are different market aspects
related to the measures and the expected evolution of prices of different services in the considered
time period. Once the costs are calculated, TSOs can use the results to compare the analyzed
strategies from an economic point of view and make an informed decision regarding the most
cost-effective approach. In the next section, we give a detailed description of the costs associated
with three remedial actions (dimensioning incident reduction, FFR and HVDC frequency support),
which will serve as a basis for their comparison in Section 3.1.4 using the proposed tool.

3.1.3 Remedial actions

To highlight the economic benefits of HVDC frequency support, referred to as HVDC Emergency
Power Control (EPC) in the Nordic countries, we compare this remedial action to two measures
used by Nordic TSOs during low inertia periods: power limitations on the largest generating unit
and procurement of FFR.

Low inertia events are considered critical operating conditions and, therefore, power limitations
on the largest production unit can be communicated at any market stage. If the low inertia event is
forecasted after the day-ahead energy market has been cleared, the operation is performed as regular
redispatching and it is handled in the regulating power market [70]. In case the market has not been
cleared yet, then generating companies are requested to reduce their bids. When the scheduling
of production units is altered by TSOs, generating companies receive financial compensation for
their opportunity costs and the induced extra costs. The terms of the compensation are defined
in bilateral agreements between the involved parties. The different aspects considered in the
agreement span from generator efficiency and fuel consumption to wear. In the particular case
of nuclear power plants, the power limitation has two main consequences: (i) approximately
half of the fuel that is not used during the power limitation is lost and cannot be used later on,
and (ii) a temperature transient induces a cumulative aging of the unit and increases the risk of
failure [41]. The size and the duration of such limitations are then highly impacted by technical
constraints of generating units, and by the security margins introduced by TSOs. For instance,
nuclear power plants need several hours to ramp up or down and, as a result, the limitation can be
extended from 6 to 72 hours before and after the low inertia event [41]. If two or more low inertia
events are forecasted within 36 hours, the limitation is normally extended for the whole period
[41]. Additionally, TSOs extend these limitations for few hours before and after the low inertia
event and the reduction is performed by blocks of 50 MW.

The procurement of FFR involves less technical constraints and a smoother process. This product
is complementary to FCR-D and does not reduce the need of these reserves. Similar to other
remedial actions, the procurement of FFR is based on inertia forecasts, and only during low-inertia
periods FFR capacity is reserved. The procurement process can differ from country to country, and
can be done on a seasonal, monthly, weekly or daily basis [68]. Usually, when the procurement
is done for long time periods, TSOs release the non-necessary capacity 2 days before operation
(D-2). The amount of reserved capacity is calculated with an equation that accounts for the system
inertia, the amount of FCR-D and the dimensioning incident [68]. The total requirement is then
divided among the TSOs based on the size of their control zones. Finally, the procurement costs
vary significantly depending on the availability of such reserves. Because of the strict technical
requirements, these products are usually more expensive than primary frequency reserves, with
Battery Energy Storage (BES) power stations and demand facilities being the main providers.
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When HVDC lines are used to exchange frequency services between asynchronous regions,
frequency reserves are activated in neighboring zones to take over part of the disturbance [65].
On the one hand, this remedial action entails more efficient utilization of the frequency products
already available to TSOs. On the other hand, this service can be provided only if some transmission
capacity is reserved, decreasing the available capacity for energy exchanges. Different control
strategies can be used, droop-based frequency control among others [71]. The costs related
to HVDC EPC are mainly HVDC capacity reservation and possibly frequency procurement in
neighboring systems. Similar to DI reduction, the costs of HVDC EPC could increase if the
low inertia period is forecasted after the energy market has been cleared, as the reduction of
transmission flows must be handled in the regulating power market.

These three mitigation strategies are compared in the next section, and the cost savings deriving
from the activation of HVDC EPC in the Nordic system are then presented.

3.1.4 Potential cost savings in the Nordic countries

Although mitigation strategies have been widely investigated from a technical perspective [72–74],
the comparison from an economic point of view has been limited to qualitative analyses [32, 41].
Therefore, our aim is to compare the already discussed mitigation strategies providing quantitative
results in relation to the Nordic system. Two scenarios are investigated, considering the future
development of the Nordic system: full nuclear (FN) considers the current installed nuclear capacity,
while half nuclear (HN) considers only half of the nuclear capacity current installed [75]. In addition,
RES penetration, synchronous generation and HVDC interconnections are adjusted according to
the forecasts for 2025.

The inertia estimates are obtained from detailed market forecasts performed by Svenska kraftät (Svk),
the Swedish TSO [76]. The simulations have been carried out using the EFI’s Multi-area Power-
market Simulator (EMPS), considering different meteorological conditions based on historical
data. The annual inertia profiles obtained from the simulations have been condensed into three
cases: low inertia (dry years), medium inertia, and high inertia (wet years). The statistical model
in [69] is then used to relate the inertia values to the corresponding IFD in case of dimensioning
incident. The model has been tuned using real disturbance events from 2016, validated with real

160 150 140 130 120 110 100 90 80
0

100

200

300

400

500

600

700

Inertia (GWs)

Po
w

er
(M

W
)

DI reduction FFR HVDC EPC

Figure 3.3: Required DI reduction, FFR and injected power by HVDC EPC, respectively, to maintain
the N-1 security criterion in the Nordic system with low inertia.



3.1. MITIGATION STRATEGIES DURING EMERGENCY SITUATIONS 29

High Inertia Medium Inertia Low Inertia High Inertia Medium Inertia Low Inertia
0

1

2

3

4

5

6
To

ta
lc

os
ts

(M
e
/y

ea
r)

DI reduction FFR HVDC EPC

2025 Full Nuclear 2025 Half Nuclear

0

2.0

3.3

0.1

3.7

5.2

0.5

1.4

0.05

1.6

3.6

0.2
0.5

0.02
0.6

1.4

Figure 3.4: Total costs of the different remedial actions.

disturbances occurred in 2017, and it is currently used by the Nordic TSOs to investigate frequency
instability issues. For each low inertia event, the intensity of the remedial actions is calculated
based on Figure 3.3, which is obtained through dynamic simulations with the single-machine
equivalent model used by the Nordic TSOs for similar studies.

The different costs associated with the remedial actions have been calculated through data re-
sampling using historical prices between 2015 and 2019. For the DI reduction, we assume the
downregulation is handled in the regulating power market for the first 24 hours of each event
(regulating power price 34.8e/MWh [21]). For the remaining period, OKG reduces its participation
in the market and receives financial compensation (4740 e per occasion and 4.6 e/MWh). We use
the average FFR price in 2020 (48.95e/MW/h) for the procurement cost of FFR. For the activation of
HVDC EPC, we consider that the power injections are equally distributed among Kontek (DK-DE),
Baltic cable (SE-DE), NorNed (NO-NL) and SwePol (SE-PL). We use the congestion rent for the
capacity reservation cost (cumulative cost 8.95 e/MWh), while we use the price of primary reserves
for the reserves in the neighboring areas (cumulative cost 10.1 e/MW/h).

The total costs of each mitigation strategy are plotted in Figure 3.4 for all the considered scenarios:
it is evident that HVDC EPC is the most cost-effective action. Compared to FFR, HVDC EPC relies
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Figure 3.5: Examples of DI reduction, FFR and HVDC EPC for the low inertia events of the 2025
HN scenario (low inertia).
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on the activation of primary reserves in the neighboring countries: even considering the possible
procurement costs of frequency reserves in Continental Europe, these reserves are significantly
cheaper than FFR. Indeed, FFR are an ad hoc product designed for emergency situations, and
scarcity of suppliers leads to relative high prices. For example, in 2020 the Norwegian TSO did not
receive the expected amount of bids for the seasonal procurement, requiring additional bidding
rounds [77]. Compared to DI reduction, instead, both HVDC EPC and FFR present significant cost
savings. This is mainly due to the technical constraints of nuclear power plants, which prolong
the limitation for time periods longer than the low inertia events. This is evident in Figure 3.5,
which shows a sample of the simulated time horizon. Given the high number of low inertia events
expected in the future, and the uncertainty introduced by the influence of the weather, FFR can be
a good buffer solution to mitigate low inertia issues, but the high cost savings associated with the
activation of HVDC EPC call for a reassessment of the current paradigm.

3.2 Optimal coordination for normal operation

The benefits resulting from the activation of HVDC EPC during low inertia situations suggest
that additional costs savings can be achieved if interconnected AC systems use HVDC lines for
frequency regulation during normal system operation. In the following, we present an optimization
framework for the optimal scheduling of frequency services, as described in [Pub. E]. This
optimization tool considers the possibility of exchanging primary reserves using the Supplementary
Power Control (SPC) functionality of HVDC lines. We then highlight the benefits resulting from
the exchange of frequency reserves via HVDC, and we discuss its impact on the market outcome.

3.2.1 Optimization framework

The main objective of HVDC SPC is to provide supplementary frequency reserves which, together
with the domestic reserves, preserve the frequency stability of the system while reducing the total
procurement costs. When these services are introduced in an optimization framework, frequency
metrics are used as requirements for their provision. Therefore, the first step is the inclusion of a
set of constraints which guarantee that RoCoF, IFD and SSFD stay within the limits in the event of
the worst-case contingency, enforcing the N-1 security criterion. As discussed in Section 3.1.1, the
frequency metrics are functions of the synchronous generators that are online and that participate
in frequency regulation, and of the HVDC converter with the SPC functionality activated. It
follows that, in order to include the frequency constraints, specific variables associated with the
status of the units must be defined. The most suitable problem formulation is therefore the Unit
Commitment Problem (UCP), where the online/offline status of generators is modelled through
binary variables. While the inclusion of frequency constraints in a UCP has been proposed in
several works [78–81], the possibility of exchanging reserves among asynchronous areas via HVDC
has never been considered. Therefore, we extend the models provided in these works to include
the SPC functionality of HVDC lines. The complete formulation of the optimization problem
is provided in [Pub. E]. In the following, we argue how a standard UCP is extended to include
frequency constraints, focusing on the exchange of reserves via HVDC. In addition, we will focus
only on the linearization of the frequency metrics, while their analytical derivation can be found in
[Pub. E].

Among the different control strategies, we consider that HVDC converters are equipped with
droop-based frequency controllers: in the event of a power imbalance, the active power set-points
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are adjusted proportionally to the frequency deviation of the AC system. Such droop-based control
in already included in the converters (but not activated), and is expected to be activated in the
next five years [65]. Moreover, we consider two control schemes, namely unilateral and bilateral:
depending on which scheme is implemented, HVDC converters react to the frequency deviation in
only one area (unilateral), or in both (bilateral). The frequency response model used to derive the
frequency metrics consists of thermal generators and HVDC converters, and considers generator
dynamics, governor droop and turbine dynamics, and HVDC converter dynamics. Finally, we
consider that contingencies do not happen simultaneously in the interconnected areas, and that
HVDC SPC is used only for frequency containment, while frequency restoration uses only domestic
reserves. For the notations, generators are referred to with the index i, converters with the index
k, the area under contingency with the index a and the neighboring areas with the index z. For
simplicity, we omit in all the equations the index t which refers to specific hours of operation of the
system.

In the case of the unilateral control scheme, the RoCoF (ḟ ), the IFD (∆f ) and the SSFD (∆f ss) in
area a are given by:

ḟa = −∆Pa
M̂a

, (3.1a)

∆fa = − ∆Pa
D̂a + R̂a


1 +

√
Ta(R̂a − F̂a)

M̂a

e−ζaω
n
a t

m
a


 , (3.1b)

∆f ss
a = − ∆Pa

D̂a + R̃ga
, (3.1c)

where ∆Pa is the power deviation (equal to the dimensioning incident to ensure N-1 security),
M̂a is the system inertia, D̂a is the damping of generators, F̂a is the equivalent fraction of total
power generated by the turbines considering also the inclusion of converters, R̂a is the sum of
droop gains of generators and converters participating in frequency support, R̃ga is the sum of
droop gains of generators only, tma is the time instance at which the frequency nadir occurs, ζa is
the damping ratio and ωna is the natural frequency. The time constant of turbines is expressed with
Ta; we consider that all turbines have the same time constant, while we consider converter time
constants negligible. Similar to [82], the damping constant D̂a is considered constant.

In the case of the bilateral control scheme, Eqs. (3.1a) and (3.1c) still holds, while the IFD is
calculated with:

∆fmax
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 , (3.2)

where R̃ca,z is the sum of droop gains of the HVDC converters connecting area a and z, ∆fz,a
is the IFD in the neighboring area z due to the propagation of the contingency via the HVDC
links, and Aa is the set of the neighboring areas of area a. The terms ∆fz,aR̃ca,z clearly show
that the response of the HVDC converters is proportional to the frequency deviation in all the
interconnected areas. For simplicity, ∆fz,a is calculated using ∆fmax

a , which is the maximum
allowed frequency deviation in area a. This leads to an overestimation of the frequency nadir in
area a but allows us to be on the safe side.
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The weighted model parameters, M̂a, F̂a, R̂a, R̃ga and R̃ca,z , are obtained by aggregating parameters
of generators and HVDC converters as follows:

R̃ga =
∑

i∈Ga

Kg
i

Rgi
P iv

g
i , (3.3a)
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k v
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R̂a = R̃ga +
∑
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R̃ca,z, (3.3d)

F̂a = F̃ ga +
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R̃ca,z, (3.3e)
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2Hg
i P iu

g
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where Kg
i and Kc

k are respectively the mechanical and electric power gain factor of generator i
and converter k, Rgi and Rck are the droop gains of generator i and converter k, Hg

i is the inertia
constant of generator i, F gi is the fraction of power generated by the turbine of generator i, F̃ ga is
the fraction of total power generated by the turbines in area a, P i and P

dc

k are the nominal power
of generator i and converter k, Ga is the set of generators in area a and Ldca,z is the set of HVDC
lines between area a and z. The binary variables ugi , vgi and vca,z determine respectively the status
of generator i, the participation in frequency support of generator i and the exchange of frequency
services between area a and z. Since only online generators can provide frequency support, the
following constraint is enforced:

vgi ≤ ui, ∀i ∈ Ga. (3.4)

Moreover, depending on the control scheme applied, additional constraints are introduced. For
the unilateral control scheme:

vca,z + vcz,a ≤ 1, ∀z ∈ Aa, (3.5)

which enforces that the exchange can happen in only one direction. For the bilateral scheme,
instead, the following constraint is introduced:

vca,z = vcz,a, ∀z ∈ Aa, (3.6)

meaning that when area a is supported by area z, also area z is supported by area a.

After the inclusion of the weighted model parameters in the optimization model, it is possible to
enforce upper bounds on the frequency metrics. From Eqs. (3.1a) and (3.1c), limits on RoCoF and
SSFD can be directly included:

M̂a ≥
fbase
a

ḟmax
a

∆Pa, (3.7a)

R̃ga ≥
fbase
a

∆f ss,max
a

∆Pa − D̂a, (3.7b)

where fbase
a is the base frequency of area a, ḟmax

a the maximum allowed value of RoCoF and ∆f ss,max
a

the maximum allowed SSFD.
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5

thermal limits are enforced (F
AC

n,m and F
DC

k ). Finally, power
balance constraints are introduced to ensure that generation
and consumption are matched.

B. Weighted Model Parameters
The participation of generators and HVDC converters to

frequency support is decided by means of additional binary
variables: vgi,t defines the participation of generators while
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Figure 3.6: Spatial representation of the frequency nadir function with the related hyperplanes.
The three upper plots show the domain of the IFD function, the infeasible region and the division
of the space with a 2D hyperplane in the case of unilateral control scheme. The three lower plots,
instead, show the 6D hyperplane in the case of bilateral control scheme between two areas. In all
cases, ∆fmax

a is set to 0.7 Hz.

Regarding the IFD constraint, Eqs. (3.1b) and (3.2) are non-linear and non-convex. Therefore,
they cannot be directly included in an optimization problem. These constraints are usually
approximated with piecewise linear functions [78]; however, an accurate representation requires
a large number of binary variables and drastically increases the computation time. We follow
a different approach which consists in finding linear relations between the variables of the IFD
function to exclude the infeasible regions. First, we discretize the domain of the function and,
second, we map the value of the IFD to each point of the domain (see Figure 3.6 - top left plot). By
doing so, two distinct regions can be identified: one with the combinations of the variables which
violate the IFD constraint (see Figure 3.6 - top middle plot), and one with the combinations that
satisfy it. We select the points at the boundary and we calculate the coefficients of the hyperplane
that minimizes the distance to the infeasible region, while making sure that it is entirely included
in the feasible space (see Figure 3.6 - top right plot). We then exclude all the infeasible points
including a linear inequality constraint into the problem. In the case of the unilateral scheme, the
IFD is a function of only the system parameters of the area under contingency. Therefore, the
inequality constraint takes the following form:

F̂a ≥ AR
aR̂a +AM

a M̂a +A0
a, (3.8)

where AR
a , AM

a and A0
a are the coefficients of the hyperplane. In the case of the bilateral scheme,

instead, the IFD depends on the parameters of the system that experiences the contingency and
the supporting systems. Therefore, the inequality constraint contains all these variables:
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where ARg

a,z , AM
a,z , AF

a,z and ARc

a,z are the coefficients of the hyperplane related to area z. The three
lower plots in Figure 3.6 show an example of 6D hyperplane for a system with two asynchronous
areas. With this approach, the computational speed of the problem is significantly increased while
the relative error is kept small (average relative error in the range 0.01-0.04).

Finally, to make sure that generators and converters have enough headroom to provide frequency
support, additional constraints are introduced to calculate frequency responses and reserve the
necessary amount of power:

gf
i = vgi

Kg
i P i

Rgi R̂a
∆Pa, ∀i ∈ Ga, (3.10a)

gi + gf
i ≤ uiP i, ∀i ∈ Ga, (3.10b)

pf
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Kc
kP
dc

k

RckR̂a
∆Pa, ∀k ∈ Ldca,z, ∀z ∈ Aa, (3.10c)

-P
dc

k ≤ pdck + pf
k,a,z ≤ P

dc

k , ∀k ∈ Ldca,z, ∀z ∈ Aa, (3.10d)

where gf
i is the frequency response of generator i (equal to the reserved capacity) and pf

k,a,z is the
response of the HVDC converter k (and the reserved capacity). Additionally, in order to guarantee
that there are enough frequency reserves in case of the outage of an HVDC line, the following
constraint is introduced:

∑
i∈Ga

gf
i ≥ ∆P dc, (3.11)

with ∆P dc the maximum power deviation following an HVDC link outage. Constraints (3.10a) and
(3.10c) are non-linear because R̂a appears in the denominator and the fraction is then multiplied
by vgi,t or vca,z . In order to linearize them, we first use the piecewise McCormick relaxation in [83]
to substitute R̂a with its reciprocal, and then we apply the bigM method to handle the resulting
bilinear term [84].

All the constraints presented so far are related to a single synchronous area. We solve the
optimization problem in a centralized way, including this set of constraints for each synchronous
area considered in the model. This is done because our main goal is to demonstrate the benefits of
using the existing control capabilities of HVDC lines for sharing reserves between asynchronous
areas, and not to propose an improved version of the market clearing problem. Transforming our
method to a market tool can be achieved by spatially decomposing the optimization problem, and
solving it in a decentralized way. A relaxation of binaries like the one presented in [85], together
with standard decomposition techniques, can achieve a similar level of optimality as with the
centralized approach.

3.2.2 Cost benefit analysis

In this section, we present the results obtained by solving the proposed optimization problem for a
system with two asynchronous areas connected by HVDC lines. The focus of the analysis is on the
benefits of HVDC SPC in terms of reserve procurement, and on its impact on the energy market. In
order to improve the readability of the results, we do not consider possible intra-zonal AC networks
(although easily implementable): nodal or zonal balances introduce a spatial differentiation of the
energy prices within the same synchronous area, which can hinder the analysis of the results. The
test system is depicted in Figure 3.7, together with a brief description of the two areas.
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Figure 3.7: Test case with two asynchronous areas interconnected by HVDC lines.

We have investigated four different cases. In the first, no lim, frequency constraints are not
enforced and the procurement of primary reserves is based on a minimum requirement equal
to the dimensioning incident. This case is analyzed only in terms of N-1 security, looking at the
frequency deviation in case of dimensioning incident. The second case, no SPC, considers only
generators involved in frequency regulation, which is based on the frequency constraints. We use
this case as the reference case for the market analysis. In the last two cases, unilateral and bilateral,
the SPC functionality is activated, with the respective control scheme, and frequency reserves can
be exchanged between the two areas. In all the four simulations, the optimization problem is
solved for 15 days, each time for a time period of 24h, similar to the day-ahead market clearing.

Without frequency constraints, there is no guarantee that the frequency nadir stays above the
security level. This is confirmed in Figure 3.8, where the orange lines are partially or fully contained
in the gray area. This does not happen in any other simulation, confirming that HVDC SPC can be
a valid method to reduce procurement costs while guaranteeing system security. The validity of
the dynamic model has been demonstrated in [Pub. E] with extensive time domain simulations.

By introducing the SPC functionality, procurement costs significantly decrease in both areas. With
the unilateral scheme, the savings are more pronounced for one area, in this case Area 1, while the
bilateral scheme distributes the benefit more equally. This is illustrated in Figure 3.9, which shows
the procurement of primary reserves in the two areas, while Table 3.1 shows the numerical values.
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Figure 3.8: Instantaneous frequency deviation in case of dimensioning incident. The shaded gray
area corresponds to N-1 security violation.
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Figure 3.9: Generation capacity reserved during each day of the simulations.

In addition, since the response of HVDC converters is proportional to the power deviation, the
share of the disturbance covered by the HVDC converters in Area 1 is higher than in Area 2, where
the dimensioning incident is approx. 10% smaller.

The exchange of reserves via HVDC requires some capacity reservation. Power flows on the HVDC
lines are directed to Area 1 for most of the hours. Therefore, when Area 1 is supported, the flow is
limited to guarantee access to frequency reserves in Area 2 in case of disturbances. By limiting
the transmission capacity for energy trades, generation costs might increase in the energy market.
Therefore, when the cost reduction in the reserve market is cancelled out by increased costs in the
energy market, the SPC functionality is deactivated. This happens, for example, during day 13.

Finally, in terms of energy trades, two main effects can be observed. On the one hand, releasing
some of the reserved generation capacity reduces the imports during off-peak hours and the
number of hours with congestion on the links. On the other hand, reducing the transmission
capacity forces the dispatch of more expensive units during peak hours, with the result that price

no SPC unilateral bilateral

Reserve Cost Area 1 1.77 Me -12.3% -14.21%
Area 2 2.15 Me -5.3% -7.9%

Energy Cost Area 1 35.86 Me +1.5% +1.6%
Area 2 30.17 Me -3.1% -3.8%

Total Cost Area 1 37.63 Me +0.9% +0.8%
Area 2 32.33 Me -3.2% -4.1%

Gen. Revenues Area 1 28.89 Me +5.7% +5.9%
Area 2 15.67 Me -3.4% +0.2%

Load Payments Area 1 71.16 Me -1.5% -1.7%
Area 2 42.85 Me +0.8% -

HVDC Rev. - 0.23 Me +21.0% +9.0%

Table 3.1: Impact of HVDC SPC on the market outcome.
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differences between the two areas increase. These phenomena have a series of implications on
the market participants, as shown in Table 3.1. Generators in the importing area benefit from the
higher prices during peak hours and the higher production rates, while generators in the exporting
area see their revenues decreased by the lower prices during peak hours and the decreased exports.
Regarding the consumers, the main effect is the price convergence between the two areas as the
number of hours with congestion decreases, with consumer in Area 1 benefiting from lower prices.
Finally, the owners of the HVDC lines benefit from the higher price differences (from 0.6 to 2
Eur/MWh in average), which, in turn, result in a higher congestion income. All these effects are
more pronounced under the unilateral scheme, as the bilateral scheme restores a balance similar to
the case without SPC.

3.3 Concluding remarks

In this chapter, we have discussed several aspects related to the utilization of HVDC lines
for frequency support. Starting from the challenges in connection to low inertia events, we
have demonstrated how the EPC functionality of HVDC lines can increase the coordination of
neighboring areas and significantly reduce the costs of remedial actions. By applying the same
control schemes during non-critical system operation, we have shown that sharing reserves through
HVDC can lead to significant cost savings while maintaining the system secure.





CHAPTER4
HVDC in Offshore Hybrid Projects

On February 4th 2021, the Danish Parliament officially approved the construction of the first North
Sea energy island [52]. The island will be built in the Exclusive Economic Zone (EEZ) of Denmark,
around 80 km far from the Jutland peninsula, and it is expected to become operational between
2030 and 2033, integrating 3 GW of offshore wind. This is only the first step towards the realization
of a wide range of offshore wind farms in the North Sea region, with the construction of several
artificial islands to collect the energy produced and to transmit it to the onshore grids. The key
aspect of this project is its modularity: the involved TSOs will start with a small pilot project and
will continue increasing the number of the wind farms connected to such hubs. Once the first
module is built, the construction of the following ones could be parallelized, speeding up the
development of offshore wind in the North Sea. Several countries will be connected through the
islands: currently Denmark, Germany and the Netherlands, with the participation of Belgium
under discussion, as well as future partnerships with Norway and the UK (see Figure 4.1).

Being a first-of-its-kind project, one of the main challenges is to find the appropriate framework
for the integration of the island in the current European power system. The open questions relate
to technical as well as regulatory and market aspects. In order to help the development of such
projects, this chapter covers different aspects related to the integration of energy islands in the
current European market setup. In Section 4.1, we carry out the first large-scale impact analysis
of offshore hubs on the whole European power system and electricity market, as presented in

NSEH

UK

DE

DK

NL

NO

Figure 4.1: North Sea Energy Hub (NSEH) concept.

39



40 CHAPTER 4. HVDC IN OFFSHORE HYBRID PROJECTS

[Pub. F]. In Section 4.2, we demonstrate the impact of security and reliability of the offshore system
on market operation, as discussed in [Pub. G], and we propose a new centralized control scheme to
safely handle contingencies on the islands while optimizing the utilization of transmission assets.

4.1 Impact on national markets and grids

In this section, we introduce the first large-scale impact analyses of energy islands on the European
system, carried out in [Pub. F]. First, we present detailed models of the European electricity
market and 400 kV transmission grid in 2030, together with the main assumptions for the market
simulations. We then discuss the main findings of the impact analyses, focusing on the market
challenges and system needs arising from the energy islands.

4.1.1 The European electricity market in 2030

In the last decade, the development of offshore wind in the North Sea region was investigated in
several ways: wind potential analysis [86, 87], grid expansion plans [88, 89], feasibility studies of
hybrid projects [90, 91] and cost-benefit analyses [92, 93]. Most of these studies have focused only
on the North Seas countries, considering the rest of Europe too far for being impacted by a hub in
the North Sea. However, the European power system is an interconnected AC/HVDC system and,
therefore, changes in the market equilibrium due to the integration of the energy islands are to
be expected also in areas far from the North Sea. To perform a comprehensive impact analysis,
we consider all the European countries in a detailed model of the European electricity market
(Figure 4.2 - right). This model, which was developed in the framework of this thesis, is derived
from a larger model of the European 400 kV transmission grid (Figure 4.2 - left). The model data
are released as open-access and open-source in a GitHub repository [94].

The transmission grid model counts more than 6’000 nodes and 9’000 transmission lines. The
model is the aggregation of five different models: a reduced version of the ENTSO-E model for
Continental Europe, EirGrid and SONI (System Operator for Northern Ireland) models for Ireland
and Northern Ireland [95], National Grid model for the UK [96], Energinet model for Denmark [60]

Figure 4.2: European 400 kV transmission grid (left) and electricity market (right) models.
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and an equivalent model for the Nordic countries [61]. Several grid reinforcement projects from the
2016 TYNDP [97], the e-Highway2050 project [98] and the Projects of Common Interest (PCI) [99]
are included to account for the grid modifications expected by 2030. The generator data come from
the ENTSO-E Transparency Platform [62] and are adjusted based on the RE-Europe dataset [100].
Different aspects related to national energy policies are considered, such as coal and nuclear phase
out and RES targets. Demand and RES generation profiles are taken from the EUCO30 scenario,
developed by the European Commission [101].

The current European electricity market has a zonal pricing scheme. In a zonal market, all
consumers and producers within a price zone (also called bidding zone) are subject to the same
electricity price regardless their geographical location. In addition, cross-border transmission
lines are aggregated into equivalent interconnectors and the intra-zonal networks are omitted.
Power exchanges on the interconnectors are determined based on explicit or implicit auctioning,
which define whether energy and transmission capacity are traded separately or in the same
marketplace [63]. Explicit auctioning presents several limitations which can lead to market
inefficiencies, therefore power exchanges are gradually moving towards implicit auctioning (Price
Coupling of Region (PCR) project [102]).

In our model, we form price zones by aggregating all the nodes included in the related geographical
area. We model interconnectors by considering all the parallel lines between bidding zones; the
expected transmission capacities in 2030 are taken from the 2018 TYNDP [103] and are considered
fixed throughout the year. Anticipating the development of a uniform flow-based market coupling
algorithm, we consider implicit auctioning to determine all the exchanges between bidding zones.
The power flows on the interconnectors are calculated based on sensitivity factors, also called
PTDF, which show the distribution of power flows in meshed grids. These sensitivity factors are
calculated with a statistical model considering the full transmission grid (a detailed description is
provided in [Pub. F]).

With the developed model, we simulate the clearing of the day-ahead energy market without
considering ancillary services and intra-day markets. The focus of the analyses is on specific
attributes of interest, such as electricity prices, exchanges between countries and utilization of
transmission assets. We formulate the market clearing problem as economic dispatch with linear
power flow constraints. The objective function is the sum of producer and consumer surplus,
which results in the maximization of the social welfare. The demand consists of two components:
one inelastic, derived directly from the EUCO30 scenario, and one responsive to the clearing
price, with an upper limit equal to 10% of the inelastic demand. For the inelastic component,
the value of lost load is set equal to the maximum price cap, 3000 Eur/MWh, while the utility of
the elastic component is calculated as the slope of the line connecting the price cap to zero in a
range equal to 10% of the inelastic demand. We divide generators based on the type of fuel, and
we use the range of prices in [100] to determine their linear cost functions, without the inclusion
of CO2 prices. We assume all market participants to be price takers, therefore considering all
generator bids equal to their marginal cost of production. We model RES production as negative
consumption, which is equivalent to consider that RES producers bid at zero-marginal cost without
subsidy schemes or Power Purchase Agreements (PPAs). We include in the problem formulation
constraints related to the maximum generation or consumption capacities. As commonly done
for large-scale analyses, we do not include technical constraints, such as ramping limits, online
and offline minimum duration periods and start-up and shut-down costs. This is done because
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such data is hard to find, and because some of these constraints would require the introduction
of binary variables, substantially increasing the computation time of the problem. By neglecting
these constraints, the resulting dispatch does not necessarily comply with generator technical
constraints. We consider this aspect when analysing the results, looking at the impact on generator
cycling. Lastly, we calculate power flows on the interconnectors using PTDF and linear power
flow constraints without transmission losses.

Once the market is cleared, we project the dispatch on the transmission grid model to determine
its feasibility and to quantify the necessary wind curtailment in the offshore islands. Since we do
not consider capacity markets, this is not intended to be a market analysis, but only a feasibility
check. Therefore, we assume that all units can be redispatched to deal with congestions, following
the merit order curve, and we introduce wind curtailment and load shedding when necessary. The
mathematical formulation of the two problems is presented in [Pub. F].

4.1.2 Impact analysis

In order to study the impact of North Sea Energy Islands on the European electricity market, we
consider four different case studies with focus on different aspects, such as the size of the island,
the installed transmission capacity and the connected countries. These cases cover a total of five
countries facing the North Sea: Denmark, Germany, the Netherlands, United Kingdom and Norway.
All the simulations presented in this section are performed for a time period corresponding to one
year. The considered case studies are listed below.

1. No Hub: the reference case without energy islands in the North Sea.

2. 10 GW: one island, 10 GW of wind and transmission capacity. The island is connected
to Germany, the Netherlands, Denmark and the UK. The ration between the installed
transmission capacity of the four country is 2:2:1:1 (DE - NL - DK - UK).

3. 20 GW: two islands, 20 GW of wind and transmission capacity in total. The islands are
connected to Germany, the Netherlands, Denmark and the UK. The ration between the
installed transmission capacity of the four country is 2:2:1:1.

4. Exchanges: one island, 10 GW of wind capacity and 20 GW of transmission capacity. The
island is connected to Germany, the Netherlands, Denmark and the UK. The ration between
the installed transmission capacity of the four country is 2:2:1:1.

5. Norway: one island, 10 GW of wind and transmission capacity. The island is connected to
Germany, the Netherlands, Denmark, the UK and Norway. The ration between the installed
transmission capacity of the five country is 2:2:1:1:1 (DE - NL - DK - UK - NO).

In all the case studies with the energy islands (10 GW, 20 GW, Exchanges and Norway), we consider
that the islands constitute a new offshore bidding zone. As explained in [104], this setup seems
to be the only one that avoids market inefficiencies and does not require significant regulatory
changes, making it the most preferable option. Regarding the price formation, the electricity
price at the hub will be equal to the price of the bidding zone connected through an uncongested
transmission link. In the following, we highlight the key findings from the case studies, while the
full analysis is provided in [Pub. F].
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With the inclusion of energy islands in the European system, we can observe the superposition of
two distinct phenomena: (i) the integration of a large share of carbon-neutral and zero-marginal-
cost generation capacity, and (ii) the installation of a large amount of transmission capacity between
the countries involved in the project. Bidding at zero marginal cost, wind generation is placed
at the very beginning of the merit order curve, shifting conventional generators progressively
out of the market dispatch. As a consequence, electricity prices tend to decrease, and the more
wind capacity is installed, the more pronounced such decrease is. At the same time, the newly
installed transmission capacity allows for additional exchanges between countries and, as a result,
the electricity prices in the involved countries tend to converge to a common value, which is
particularly evident when comparing the 10 GW case to Exchanges. This leads to positive and
negative price variations, with low price markets experiencing higher prices. In the three cases
10 GW, 20 GW and Exchanges, the lowest price market is the UK, and the average electricity price
here and in the two connected price zones, Ireland and Northern Ireland, slightly increases. In the
last case study, Norway, the lowest price market is Norway. Therefore, electricity prices decrease
in the UK and in the other connected countries, while they increase in different bidding zones in
Norway and Sweden.

When the transmission capacity is not used for importing the produced wind energy, the inter-
connectors to the islands are used for market exchanges between countries. In particular, transit
flows in the directly connected countries increase significantly, meaning that also neighboring
countries benefit from the newly installed transmission capacity. For example, power can flow from
France to Belgium, passing through the UK, the hub and the Netherlands. In this context, the high
controllability of power flows on HVDC lines allows to bypass congestions on AC corridors. For
instance, France exports around 200 TWh of energy per year thanks to the large amount of wind,
hydro and nuclear generation. Despite the proximity of France, Belgium is one of the countries
with the highest electricity prices. This happens because the AC corridor between France and
Belgium is almost always congested, with the result that electricity prices increase significantly.
Given that flows on AC corridors are linked by PTDF, it is not possible to reroute the power,
e.g., through Germany. Taking the route through the UK, the hub and the Netherlands, instead,
increases the import capability of Belgium.

In addition, the imports/exports through the hub modify the flow patterns in the neighboring
AC systems. For example, 14% of the flows from Poland to Germany, and 11% of the ones from
Czech Republic, pass through the corridor between Hungary and Austria, which is congested
for more than 90% of the time. The imports from the hub decrease the need of exchanges with
Poland and Czech Republic, relieving the congestions on the Austro-Hungarian corridor. As a
result, prices in Austria drop by 5-10%, followed by prices in other neighboring countries, such as
Italy, Slovenia and Switzerland. Conversely, countries on the other side of the congestion, such as
Romania, Bulgaria, Serbia and others, see electricity prices increasing.

Overall, the construction of energy islands in the North Sea is beneficial as: (i) RES penetration
increases, meeting national climate goals, (ii) electricity prices decrease in most of the countries,
and (iii) exchanges between countries increase, reducing price differentials between countries.
Social welfare in Europe, calculated as the sum of consumer and producer surplus in all countries,
increases in all four case studies. However, when looking at the distribution of benefits on a country
level, not all countries experience an increase of social welfare. Indeed, the combination of lower
prices and lower exports due to the presence of the islands can result in a decrease of producer



44 CHAPTER 4. HVDC IN OFFSHORE HYBRID PROJECTS

−80 −60 −40 −20 0 20 40 60 80 100 120 140 160 180 200 220
−200

−100

0

100

200

300

Import/Export [TWh/year]

So
ci

al
w

el
fa

re
va

ri
at

io
n

[M
e
/y

ea
r]

10 GW 20 GW Trend lines

FR

SE2

NO2

NO5

UK

BE

NL
CH

DE-LU

AT

Figure 4.3: Relation between import/export and social welfare variation for all price zones. Positive
x coordinates refer to exports, while negative ones to imports.

surplus which is higher than the corresponding increase of consumer surplus. This is particularly
pronounced in those countries where domestic production largely exceeds consumption. Figure 4.3
shows the correlation between social welfare variation and import/export, with the dashed lines
representing the trends. Clearly, exporting countries, such as France and Norway, are negatively
affected by the lowered prices. As benefits shift from producers to consumers, new mechanisms
should be introduced to fairly allocate benefits and make sure that generating companies can find
other sources of revenues.

The connection of Norway to the hubs is beneficial to the system, as prices further decrease in most
of the countries. These benefits come from the low production costs of hydropower generators
in Norway, which substantially increase their exports to the countries connected through the
hub. However, the assumption that generators behave truthfully is not always true in real power
exchanges. The large amount of transmission capacity installed in the North Sea could potentially
inspire strategic behaviors. Water is considered one of the most strategic assets, especially in the
presence of water reservoirs. Capacity withholding, or any other type of strategic bidding, could
distort the market outcome, with the result that electricity prices rise, increasing the revenues of
certain market players while representing an additional cost for consumer. Examples of market
power exercise have been reported in many hydro-dominated power systems [105, 106], situations
that could be avoided, e.g., by incentivizing energy storage across Europe.

From a system point of view, two main aspects can be observed: the first is linked to the
high volatility of wind power production, while the second to the limited capacity of national
transmission systems. In our model, we do not consider technical limitations of conventional
generators. However, by looking at the cycling patterns of generators, we can observe a substantial
increase in unit cycling. Figure 4.4 shows the generation pattern of a coal-fired unit in West
Denmark (DK1): the blue dashed plot represents the cycling without energy islands, while the
yellow one the cycling with 10 GW of wind in the North Sea. From a quantitative point of view,
the cycling of this unit increases by approx. 30%. This value is higher than the average increase,
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Figure 4.4: Cycling pattern of a sample unit in DK1.

around 11%; however, it clearly shows that conventional generators are requested to be more
flexible as more and more wind capacity is installed. The question is whether this increase is
feasible or not. Two scenarios lie ahead: either technical constraints will force different market
outcomes, introducing less optimal equilibria, or bidding strategies will change to reflect these
additional costs and electricity prices will further increase during low-wind-power events.

Finally, if we look at the results of the feasibility check for the 20 GW scenario (Figure 4.5), not all
the produced wind energy can be imported. In our simulations, this is mainly caused by internal
congestions in Germany. The results of this analysis highly depend on the connection points of the
HVDC links. Possible options for connection points are briefly discussed in [107], where it is simply
assumed that these locations can accommodate such large amount of wind energy. Considering
that the NSWPH consortium is considering the construction of 11 to 17 islands [108], each with 3
to 14 GW of installed wind capacity, there might be difficulties in integrating the large amount
of wind energy unless grid reinforcements are performed. As an alternative, energy storage or
Power-to-X (PtX) solutions could help relieve congestions and shift the demand, increasing both
generation and transmission flexibility.
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Figure 4.5: Duration curve of produced and curtailed wind power in the “20 GW” scenario. The
red dashed line corresponds to the technical limitation imposed by congestions in national grids.
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4.2 N-1 security in offshore islands

In the market analyses presented in the previous section, we did not consider the impact of system
security on the calculation of the transmission capacity available for market exchanges. In this
section, we tackle the problem of system security in offshore systems, as in [Pub. G], and we
analyze its impact on market operation. We start by giving an overview of the main concepts
related to the operation of zero-inertia offshore systems, and by presenting the main features of the
centralized frequency controller designed for the safe operation of offshore islands. Successively,
we show the impact of system security on market operation, and we highlight the benefits of the
proposed methodology in terms of optimal utilization of transmission capacity.

4.2.1 Power sharing among HVDC converters

Similar to traditional offshore wind farms, the energy island will be built in a central location
with respect to the different areas occupied by wind turbines. The wind energy produced will be
collected by array cables and transmitted to the island by means of HVAC cables [109]. On the
island, the collected energy will be converted to the DC form and transmitted onshore by long
HVDC submarine cables. The grid layout is depicted in Figure 4.6.

Given that no synchronous generators or synchronous condensers will be installed on the island,
the system will be a zero-inertia grid [109]. Due to the lack of inertial response, the dynamics
of the system are significantly faster than in conventional power systems. Therefore, in case of
contingency, the power disturbance will propagate almost instantaneously to the interconnected
onshore grids. In order to deal with quick power variations, TSOs have two options: either to
install additional equipment such as DC choppers on crowbars, or to implement a coordinated
control for active power sharing among HVDC converters [110].

With frequency droop-based controllers, similar to the ones we have discussed in Section 3.2,
HVDC converters could emulate the behavior of synchronous generators and adjust their power
set-points to deal with power deviations in the island. Unlike synchronous generators, however, the
maximum current flowing through the power electronic components represent a strict limitation
for the operation of the converters, such that saturation techniques have been largely investigated
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Figure 4.6: Offshore energy islands with point-to-point HVDC connections to the onshore grids.
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Figure 4.7: PQ diagram of offshore voltage-source converters.

in the literature [6]. However, most of these techniques could potentially result in overload-induced
instabilities in a system with only converter based resources [111, 112]. Therefore, the selection of
the frequency droop gains of the converters should take into consideration the current limits of the
converters and what is the available capacity for frequency regulation. It should be noted that the
flows on HVDC links will be determined by the market, and could vary significantly based on the
wind power production and the market exchanges. It follows that, if a unique set of droop gains is
used, it will not be possible to avoid saturation of the converters, with risk of losing synchronism,
unless the transmission capacity available for market operation is significantly reduced. In the
following, we present a centralized frequency control scheme based on adaptive droop gains.
Based on market forecasts for the next days of operation, the selection of droop gains is performed
solving an optimization problem which enforces N-1 security in the event of converter outages,
without saturating the remaining converters. The droop gains are then updated at any change of
the converter set-points, i.e. every hour based on market operation, keeping the system always
capable to withstand a power disturbance.

As already presented in Section 3.2, the adjustment of the converter set-point is performed based
on a linear relation with the frequency deviation:

∆Pk = 1
rk

∆f, (4.1)

where Pk is the frequency response of converter k, rk is its droop coefficient, and ∆f is the deviation
of the frequency from its nominal value.

The operating limits of Voltage-Source Converters (VSCs) are depicted in Figure 4.7, which shows
the interdependencies of active and reactive power set-points (PQ diagram). The main limitation
in terms of active power output is the maximum current that the power electronic components can
withstand. Since the heating is proportional to the square of the RMS value of the current, the
larger the reactive component of the current is, the less active power can be transmitted. In terms
of reactive power limitations, instead, voltage constraints significantly reduce the reactive power
output of the converters.
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In order to avoid converter saturation and overloading, too small values of droop gains should be
avoided. At the same time, too high values could lead to small-signal instability due to the high
influence of eigenfrequencies on the angle dynamics of the converter [113, 114]. Therefore, when
selecting droop gains, upper and lower bounds must be enforced. We calculate droop gains (more
precisely, their reciprocal x) with the following optimization problem:

min
x

n−1∑

k=1

n∑

j=k+1
|xk − xj | , (4.2a)

s.t. α =
∑

k

xk, (4.2b)

xk ≥ Xmin
k , ∀k, (4.2c)

∣∣∣∣Pk + xk
α− xc

Pc

∣∣∣∣ ≤ P max
k , ∀k, ∀c, (4.2d)

where k and j are the indexes of converter k and j, droop coefficients rk have been replaced
by their reciprocal xk = 1/rk, α is the sum of the reciprocal of droop gains, n is the number of
converters, Xmin

k is the minimum value of xk such that the system remains small-signal stable,
Pk is the pre-fault active power set point of converter k and P max

k is the maximum active power
that can flow through converter k. The index c stands for contingency and refers to the outage of
converters: xc is the reciprocal of the droop gain of converter c which is at fault, and Pc is the size
of the power disturbance, equal to its pre-fault active power set-point.

Constraint (4.2b) fixes the sum of the droop coefficients to a predetermined value α. This value is an
indicator of the stiffness of the system, and determines the Steady-state Frequency Deviation (SSFD)
after the occurrence of an active power disturbance in the offshore network. Constraints (4.2c),
instead, ensure small-signal stability, representing the upper bound on the droop gains. Finally,
constraints (4.2d) ensures that the post-fault active power set-points of the converters do not violate
their safe operating limits. The contingencies that are considered are mainly converter outages,
and, by enforcing constraints (4.2d), the N-1 security criterion is always satisfied. Constraints
(4.2d) are non-linear and non-convex, but can be easily linearized using the piecewise McCormick
relaxation technique or the multi-parametric disaggregation technique presented in [115].

Regarding the objective function, Eq. (4.2a), the goal of the optimization problem is to minimize
the sum of the distances between the droop coefficients. When constraints (4.2d) are not binding,
the optimization problem will equally distribute the droop gains between converters, avoiding
power oscillations and improving the dynamic performance of the frequency droop controllers
(the analytical proof is provided in [Pub. G]). When some of the converters are operated close to
their limits, instead, the result of the optimization problem will be a set of different droop gains
which considers the available headroom of power converters.

For the calculation of the droop coefficients, an estimation of the flows Pk on the HVDC links is
necessary. These estimations can be calculated two days before operation (D-2) using, e.g., wind
and demand forecasts. With the proposed optimization problem, we calculate a set of droops for
each hour of operation and, instead of using constant droops, the values are updated every hour.
In the next section, we show what are the benefits of updating the frequency gains of the converter
in market operation, comparing this methodology with the utilization of constant/static droop
gains.
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4.2.2 Benefits in market operation

In this section, we highlight the impact of N-1 security on market operation, comparing the
available capacity for market exchanges in case of static/equal droops and adaptive/different
droops, calculated with the proposed methodology. For the simulations, we use the European
electricity market model presented in Section 4.1.1. We consider ten wind farms around the island,
with a total installed capacity of 9 GW. Six point-to-point HVDC links connect the island to the
onshore grids, and the involved countries are Germany (2 converters), the Netherlands, Denmark,
the UK and Norway. The rated power of each offshore and onshore converter is 1850 MVA.

The available capacity for market exchanges is calculated by TSOs before the clearing of the
day-ahead market, so that generating companies can prepare their bidding strategies. To perform
these calculations, TSOs use offline grid models with RES production and demand forecasts. In
case of internal congestions, or, in general, security issues, TSOs decrease the available capacity
until these internal problems are resolved.

In our simulation, we follow two different procedures to calculate the available transmission
capacity in case of static and adaptive droop gains. In both cases, we simulate the market clearing
to obtain an estimate of the flows on HVDC interconnectors. In case of static droops, we check the
compliance with the N-1 security criterion by looking at the frequency response of the converters
in case of any converter outage. If their operating limits are violated, their capacity is reduced
by blocks of 50 MW and the market is cleared again. The whole process is repeated until the N-1
security criterion is fulfilled. This procedure is not intended as energy market clearing, but aims at
emulating the offline calculation of the available transmission capacity performed by TSOs. In case
of adaptive droops, once we have obtained the estimations of HVDC flows, we solve problem (4.2)
to calculate the droop coefficients. In case the problem is infeasible, the capacity of the most-loaded
converter is reduced by 50 MW. The whole procedure is repeated until we obtain an optimal set of
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and demand forecasts. In the next section, we show what are the benefits of updating the frequency
gains of the converter in market operation, comparing this methodology with the utilization of
static droop gains.

4.2.2 Benefits in market operation

The available capacity for market exchanges is calculated by TSOs before the clearing of the
day-ahead market, so that generating companies can prepare their bidding strategies. To perform
these calculations, TSOs use offline grid models with RES production and demand forecasts. In
case internal congestions, or more in general security issues, arise, TSOs decrease the available
capacity until these internal problems are resolved.
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Figure 4.7: Available transmission capacity (shaded area) and corresponding flows (blue and
orange dots) to Germany (upper plots) and the Netherlands (lower plots). In the left graphs, the
available capacity has been calculated based on fixed/equal droop gains while, in the right ones,
based on adaptive droop gains.

Figure 4.8: Available transmission capacity (shaded area) and corresponding flows (blue and
orange dots) to Germany (upper plots) and the Netherlands (lower plots). In the left graphs, the
available capacity has been calculated based on fixed/equal droop gains while, in the right ones,
based on adaptive droop gains.
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droop gains. We then use the available transmission capacities obtained with the two approaches
to clear the day-ahead market, and we compare the two market outcomes.

Since the optimization problem takes into consideration the available headroom of the converters,
the droop coefficients are distributed to minimize the contribution of the converters that operates
close to their limits. This avoids capacity restrictions and allows for a better utilization of the
interconnectors. Figure 4.8 shows the available transmission capacity and the corresponding flows
for the German (upper figures) and Dutch converters (lower figures). We take these converters
as example because they are the most loaded converters during the whole year. In the figure,
the shaded areas are the available transmission capacities, sorted in decreasing order, and the
dots represents the corresponding power flows. As expected, with a static set of droop gains
(left figures), TSOs must continuously limit the available capacity of the converters. In particular,
these restrictions occur when the wind production is high, or when imports from other countries
could be beneficial. This is confirmed by the fact that most of the flows are equal to the maximum
allowed transmission capacity when limitations are enforced. In case of adaptive droops (right
figures), instead, the capacity is reduced only for few hours, minimizing the costs of generation
and wind curtailment. Indeed, the reduction of transmission capacity in case of static droops
results in more than 350 GWh of curtailed wind energy (for the whole simulated year) which, in
turn, increase the total system costs by 85 million Euros (for the whole simulated year).

Therefore, the results show that a unique set of droop gains does not satisfy the N-1 security
criterion in case of high loading of the converters. In order to ensure N-1 security, TSOs must
reduce the available transmission capacity, with the result that wind energy is curtailed and less
market exchanges are allowed. Such market inefficiencies could be avoided either by oversizing
the converters, and, by that, increasing the investment costs, or by adjusting the droop gains with
the proposed methodology.

4.3 Concluding remarks

In this chapter, we have discussed several aspects related to the integration of North Sea Energy
Islands into the current electricity market. Starting with market analyses on a European scale,
we have demonstrated how the construction of such offshore energy hubs is beneficial to the
system. In order to help with the development of such projects, we have focused the attention
on future challenges that can arise from the islands, such as increased unit cycling or limited
import capabilities of national grids. By considering the N-1 security criterion for the calculation of
available transmission capacity on the HVDC interconnectors, we have shown that a centralized
frequency controller that updates the droop gains of the converters can maximize the utilization of
the interconnectors, reducing investment costs and wind curtailment.
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Conclusions and Perspectives

The contributions and findings of this thesis are summarized in Section 5.1, and future directions
of research are discussed in Section 5.2.

5.1 Overview of contributions

International efforts to reduce greenhouse gas emissions are resulting in a progressive transfor-
mation of power systems. In order to overcome the new challenges of system operation and
guarantee access to low-price and clean electricity across Europe, system operators ought to
increase cross-border transmission capacity and enhance regional coordination. In this vein, this
thesis studied several aspects of market design and system operation in relation to the advanced
functionalities of HVDC transmission. The presented research work covered three main topics
centered on different advantages of HVDC: (i) market coupling, (ii) advanced controllability and
(iii) offshore wind integration.

The first topic deals with the integration of HVDC lines in market-based operation of AC-dominated
systems. HVDC transmission has proven to be a useful tool to harmonize control across market
areas and form interconnected electricity markets. The operation of such long lines, however,
represents a cost for TSOs which, under current circumstances, cannot always be covered by the
congestion income. In order to support TSOs operating HVDC lines and to incentivize further
investments, the current market mechanism must evolve to ensure cost recovery. In this regard, we
provided a rigorous framework to assess the introduction of losses within the European electricity
market framework, through a change of the market-clearing approach (as described in Section 2.1
and in [Pub. A]). Given that most of the market operators try to avoid excessive complexity in
the market clearing algorithms, we focused on the study of three loss factor formulations which
maintain the linearity of the problem, and we provided a detailed description of their properties.
In order to tackle the challenge of transit flows and the induced losses in intra-zonal networks,
we introduced a methodology to include these losses when calculating loss factors. This fills
the gap left by the Inter-TSO Compensation mechanism (ITC), which does not cover “individual
transactions for declared transit flows” (HVDC flows). Following the proposition of Nordic TSOs
to introduce linear loss factors for HVDC interconnectors only, we prepared a dedicated test
case representing the Nordic electricity market, which we used to study the implications of such
proposal (in Section 2.2 and in [Pub. B]). We showed through numerical simulations that linear
HVDC loss factors are only a partial solution because: (i) linear loss factors do not provide an
accurate representation of quadratic loss functions, and (ii) HVDC loss factors disproportionally
increase losses in the AC system. The first aspect concerns optimal distribution of power flows:
losses increase with the loading of the lines, aspect that is not taken in consideration with a single
linear factor. With piecewise linear loss factors, instead, the slope of the linear loss function
increases with the loading, which leads to optimal flow distribution and further loss reduction.
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Regarding the second aspect, we proved analytically that there is no guarantee that the introduction
of HVDC loss factors increases social welfare. This is mainly because, by neglecting losses in the
AC system, the AC alternative to an HVDC line seems always the preferable option, even though
losses could be higher in the former. Thus, only by introducing loss factors on both AC and DC
interconnectors losses can be minimized, hence increasing social welfare.

The second presented research direction is centered around the need for increased coordination
between neighboring TSOs, using HVDC to enhance system security. As the ongoing replacement
of synchronous generators with inverter-based technologies is causing a gradual decrease of
system inertia, the system is left more prone to frequency instabilities. With low inertia operation
becoming the “new normal”, system operators will need to find cost-effective remedial actions to
guarantee the security of power systems while minimizing related costs. To this end, we developed
a decision support tool which can be used by TSOs to determine which remedial actions is the most
cost-effective in relation to low inertia events (as described in Section 3.1 and in [Pub. C]). The tool
is suitable for short- and long-term analyses, providing support to both operation and planning
decisions. Although any mitigation strategy can be compared using the proposed tool, we focused
on studying the technical properties and the related costs of the reduction of the dimensioning
incident, Fast Frequency Reserves (FFR) and the exchange of reserves through HVDC, referred
to as HVDC Emergency Power Control (EPC) in the Nordic countries. We compared these three
strategies in different projected case studies considering the future development of the Nordic
power system (in Section 3.1 and in [Pub. D]). While limiting the generation output of power plants
results in high compensation costs and in the procurement of substitute power in the regulating
power market, HVDC EPC takes advantage of the frequency reserves procured in the neighboring
areas, making better use of the available resources. Looking at the novel frequency products, FFR,
they could represent a valid buffer solution, but the high procurement costs showed that HVDC
EPC is the most cost-effective solution to the inertia challenge. This motivated the study presented
in Section 3.2 and in [Pub. E], where we investigated the economic benefit of exchanging frequency
reserves between asynchronous areas during non-critical operation, referring to this control action
as HVDC Supplementary Power Control (SPC). For that purpose, we derived frequency metrics
for AC systems coupled by HVDC lines, and we included them in a UCP in the form of frequency
constraints. In order to enforce the N-1 security criterion, we considered the procurement of the
necessary frequency services to withstand the loss of the largest generating unit, applying two
control strategies for the HVDC lines (unilateral and bilateral exchanges). We showed through
market simulations that HVDC SPC reduces both reserve procurement and energy costs for the
system, as it allows for a better utilization of the reserves and the generating capacity in the two
areas. At the same time, dynamic simulations proved that the system always remains N-1 secure.

Finally, the focus was brought to offshore hybrid projects and the new concept of energy islands.
The ambitious targets on RES penetration set by the European Union have inspired the collaboration
of several entities in the North Sea region for the realization of offshore wind and grid projects,
with the result that the Danish Parliament has decided to build the world’s first energy island.
Being a first-of-its-kind project, many aspects related to system operation and market setup have
never been investigated before. In this context, we provided the first detailed market simulations
with the inclusion of energy islands in the North Sea as a new offshore bidding zone (in Section 4.1
and in [Pub. F]), considering all the European countries in the study. To this end, we developed
two detailed models of the European transmission grid and electricity market, that we used to
investigate the impact of different combinations of wind and transmission capacity, and the impact
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of additional interconnectors to other countries. We showed through market simulations that the
construction of energy islands reduces electricity prices, as a general trend, and always increases the
total welfare. The results point to different challenges that might arise in terms of system needs and
market operation: (i) the high volatility of the wind production stresses conventional generators,
with cycling increasing by 11%, (ii) congestions in the onshore AC grids limit the wind energy
imported from the island, calling for grid reinforcements, energy storage or PtX solutions, (iii) the
large amount of transmission capacity in the North Sea opens up new opportunity for market
players, with the risk of strategic behaviors, and (iv) exporting countries, such as France or Norway,
are negatively affected by the lower prices, as producer surplus decreases more than consumer
surplus increases. Focusing on system operation, we presented an innovative method to guarantee
N-1 security and frequency stability in the offshore islands (as described in Section 4.2 and in
[Pub. G]). Indeed, energy islands will be zero-inertia systems, and any power imbalance will be
shared among HVDC converters using frequency droop controllers. We proposed a methodology
to calculate and update the frequency droop gains of power converters, considering their power
limitations and the small-signal stability of the system. We showed through dynamic simulations
that, with static and equal droop gains, the system is unstable in the event of power outages,
violating the N-1 criterion. Moreover, market simulations were conducted, using the models
presented in Section 4.1, to show that updating the droop gains allows for more exchanges, as
more transmission capacity can be available for market operation. In this way, initial investment
costs can be reduced, as there is no need for oversizing converters, and transmission capacity is
efficiently allocated, reducing total system costs.

5.2 Perspectives for future research

In this thesis, the analysis of different features of HVDC transmission provided useful insights for
market design and system operation of multi-area AC/HVDC grids. Based on the three analyzed
advantages of HVDC, we provide in the following some perspectives for future research.

In terms of market coupling, we discussed in Chapter 2 different aspects related to the modification
of the current market structure for the inclusion of transmission losses, and in particular HVDC
losses. Beside analyzing the properties of different loss factors formulations, we also provided
insights related to the distribution of power flows among the lines. In this context, loss factors act
like penalty terms, and transmission lines are ranked based on the amount of energy they dissipate.
Without loss factors, instead, the full controllability of power flows on HVDC links flattens the
objective function of OPF or UCP problems. This can result in multiple optimal solutions in the
absence of congestions. Therefore, there is the need to further investigate the impact that different
HVDC set-points might have on the dynamic performance of the system or on market participants.
In the case of studies related to the dynamic performance, this could result in the identification
of alternative penalty terms which could lead to a unique optimal solution. In case of analyses
focusing on the market participants, further work could be done to assess how HVDC settings
influence the market outcome for different agents. This could lead to different recommendations
to regulators to avoid penalization of market players.

Regarding the coordination of AC and DC system for optimal system operation, we highlighted in
Chapter 3 the benefits resulting from the activation of the EPC and SPC functionalities of HVDC
converters. In particular, we proposed in Section 3.2 an extension of the UCP formulation to
optimally scheduling frequency services, considering the exchange of frequency reserves between
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asynchronous system. In terms of modelling, the inclusion of hydropower units in the dynamic
model used to derive the frequency constraints would allow to extend the application of this
methodology to hydro-rich power systems, e.g. the Nordic system. In addition, we have considered
fixed and predetermined droop gains of the converters, calling for a uniform approach to optimally
calculate them (similar to the work in [Pub. G]). Given that the asynchronous system could
potentially be composed by control areas operated by different TSOs, the methodology to select the
droop gains should preferably be decentralized. Further investigations are necessary to determine
how different sets of droops impact the system and to understand the difference between the
outcomes of centralized and decentralized algorithms. In terms of market design, the proposed
optimization model served as a tool for highlighting the economic benefits of HVDC SPC. In order
to translate this tool into a market mechanism, different aspects need to be further investigated. For
instance, in Europe, reserve procurement and energy market clearing are two sequential processes.
Therefore, additional work is required to translate the co-optimization problem into a sequential
structure. Moreover, the barriers to the activation of HVDC SPC (and EPC) are mainly regulatory
aspects of market operation related to the transparency of the transmission capacity available for
market exchanges. Appropriate regulatory frameworks need to be explored and developed that
will allow the limiting of capacity reservation to only those hours when it is necessary or convenient
to activate HVDC EPC/SPC. Lastly, an interesting research direction could lead to the design of a
new “HVDC frequency” product, remunerating line owners for these grid services. The definition
of such market product is not trivial, as the congestion rent might increase or decrease when
transmission capacity is reserved. This could potentially increase the interest around merchant
projects, attracting more capital for investments.

Around the concept of energy islands, we showed in Chapter 4 how different solutions to enhance
the flexibility of the systems are necessary to take full advantage of the large wind potential
in the North Sea region. One of the most attractive solutions is PtX, which would enable the
production of hydrogen during hours with excess production of wind energy. To this end, it would
be interesting to look at the coupling of the energy and gas sector, to develop an optimization
tool which determines when it is convenient to produce, store and transmit hydrogen, adding the
economic benefits of the process to the advantages in operation. Another interesting aspect could
be the study of the feasibility and regulatory aspects related to the exchange of ancillary services
through the island. In Chapter 3, we considered the exchange of services as bilateral agreements
between two parties. Since the island could be the connection point of three or more asynchronous
areas, further investigations are necessary to determine how these exchanges could be organized.
In addition, looking ahead at different future developments of the offshore grid, the possibility of a
multi-terminal HVDC grid could be taken into consideration, studying these types of exchanges in
a meshed grid. This could strengthen the coordination among European TSOs and help overcome
the challenges of RES integration.
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Market Integration of HVDC Lines: Internalizing
HVDC Losses in Market Clearing

Andrea Tosatto, Tilman Weckesser and Spyros Chatzivasileiadis

Abstract—Moving towards regional Supergrids, an increasing
number of interconnections are formed by High Voltage Direct
Current (HVDC) lines. Currently, in most regions, HVDC losses
are not considered in market operations, resulting in additional
costs for Transmission System Operators (TSOs). Nordic TSOs
have proposed the introduction of HVDC loss factors in the
market clearing algorithm, to account for the cost of losses and
avoid HVDC flows between zones with zero price difference.
In this paper, we introduce a rigorous framework to assess the
introduction of loss factors, in particular HVDC loss factors,
in nodal and zonal pricing markets. First, we focus on the
identification of an appropriate loss factor. We propose and
compare three different models: constant, linear, and piecewise
linear. Second, we introduce formulations to include losses in
market clearing algorithms. Carrying numerical tests for a whole
year, we find that accounting only for HVDC or AC losses
may lead to lower social welfare for a non-negligible amount
of time. To counter this, this paper introduces a framework for
including both AC and HVDC losses in a zonal or nodal pricing
environment. We show both theoretically and through simulations
that such a framework is guaranteed to increase social welfare.

Index Terms—Electricity Markets, HVDC Losses, HVDC
Transmission, Internal European Electricity Market, Loss Fac-
tors, Market Operation, Power Losses, Zonal Pricing.

I. INTRODUCTION

W ITH the progress made in the field of power electronics
in the past decades, High Voltage Direct Current

(HVDC) lines are now considered an attractive alternative to
AC lines. Indeed, compared to AC, the transmission of power
in the DC form presents several benefits, such as lower power
losses beyond a certain distance, possibility of connecting
asynchronous areas, full controllability of the power flows,
no need of reactive power compensation, and others [1]–[3].
All these features make HVDC lines particularly convenient in
those applications where bulk power has to be transmitted over
long distances. Consequently, contrary to AC interconnections,
which usually span only a few hundred meters, HVDC inter-
connectors are often hundreds of kilometers long. Thus, when
considering the operation of such long HVDC lines, the cost
of thermal losses becomes non-negligible and the question that
arises is: who should bear these costs?

Ideally, the operation costs of transmission systems should
be covered by generating companies and consumers through
the market mechanisms. In the US, for example, CAISO and
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Fig. 1. HVDC interconnectors in Europe [4].

PJM Interconnection LLC include in the energy price the
marginal cost of losses using Marginal Loss Sensitivity Factors
(MLFs), which show the marginal increase in system losses
due to a marginal increase in power injections at a specific
location [5], [6]. In Australia, losses on interconnectors are
calculated using inter-zonal loss factors and, in a similar way,
market participants within a bidding zone are charged based
on intra-zonal loss factors [7], considering losses occurring
between the Regional Reference Node and their point of
connection.

In Europe, the Price Coupling of Regions (PCR) project
aims at coupling twenty-five different countries whose elec-
tricity markets are operated by eight Power Exchanges [8].
To avoid excessive complexity, market operators use a sim-
plified model [9] for determining power exchanges between
different regions. Although losses on interconnectors could
be considered, for the majority this is not done. As a result,
the revenues of the Transmission System Operators (TSOs)
through the market are insufficient to cover the extra costs of
losses; grid tariffs are introduced to fill this gap, among others.

Different TSOs follow different practices in order to include
the cost of losses in the grid tariffs. In certain regions, once
the market has been cleared, an ex-post settlement is reached
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and the cost of losses is allocated across generators and loads,
using sensitivity and transmission loss factors [10]. Other
TSOs estimate the total losses with an ex-ante calculation
using offline models and the cost of losses are included in
the grid tariffs. The share of losses among generators and
loads varies from country to country, and usually loads carry a
higher share to allow generators to be more competitive in the
European Market [11]. In addition to internal losses, losses
on interconnectors are handled through special agreements
between TSOs: losses are usually shared equally and each
TSO bids in the day-ahead market for its share of losses.
Concerning transit flows, the Inter-TSO Compensation Mech-
anism (ITC) aims at compensating the use of infrastructures
and losses caused by hosting transit flows [12]. However, it
is specified that “There should be no specific network charge
for individual transactions for declared transit of energy” [13],
meaning that HVDC flows do not fit in this mechanism.

The problem of losses arises, especially for HVDC lines,
when the price differences among zones are very small. This
happens often in Scandinavia. For example, the price differ-
ence between Denmark (DK1) and Norway (NO2) has been
zero for more than 4000 hours during 2018 [14]. These two
areas are connected by a 240-km long HVDC line, Skagerrak.
If we consider the power exchanges during these hours, losses
have cost more than 4 million Euros in 2018 while no revenue
has been obtained from the electricity trade. Considering the
large number of HVDC connections in Europe that face a
similar situation, and the increasing number of new projects
(Fig. 1), the cost of losses amounts to tens of millions of euros.

To deal with this problem, some TSOs are considering to
internalize the cost of losses in the market clearing procedure,
moving from an “explicit” to an “implicit grid loss” calcu-
lation. In [15], the TSOs of the Nordic Capacity Calculation
Region (CCR) propose to include loss factors for only HVDC
interconnectors in the market clearing, as HVDC losses are
substantial and HVDC flows are fully-controllable. Through
that, power flows among zones would only be allowed if the
price difference is greater than the marginal cost of losses.
In [15], the Nordic TSOs present the results of different
simulations with implicit grid losses implemented on some of
the HVDC interconnectors in the Nordic area. The following
question arises: is the introduction of loss factors for only
HVDC interconnectors the best possible action?

The aim of this paper is to introduce a rigorous framework
for analyzing the inclusion of losses in the market clearing.
More specifically, the contributions of this paper are:

• the introduction of a framework to assess how incorporat-
ing the losses of AC and HVDC lines in market clearing
affects the market outcome;

• the investigation of different loss factor formulations and
their impact, while maintaining the linear formulation of
the market clearing algorithm;

• a detailed method on how to include cross-border AC
losses and intra-zonal losses in a zonal market;

• an analytical proof on how the inclusion of AC and/or
HVDC losses impacts the market clearing outcome.

The paper is organized as follows. Section II outlines the
modeling of HVDC interconnectors and AC grids for the

AC grid AC grid

HVDC link

Fig. 2. Simplified representation of a VSC-based full HVDC link.

Optimal Power Flow (OPF), and Section III describes the
market clearing algorithm for nodal and zonal markets. In
Section IV, we propose different loss factor formulations
for HVDC and AC lines and analyze their properties. In
Section V, we propose a methodology to derive loss factors for
regional markets, considering also losses due to cross-border
flows. Section VI presents numerical results on a 4-area 96-
bus system and Section VII concludes.

II. TRANSMISSION LINE MODELING

Due to the non-linear nature of power flow equations, most
of the market clearing algorithms use a simplified model of the
power system, following a “DC power flow” approximation
[16]: line resistances are assumed considerably smaller than
line reactances, thus the transmission network is modeled
using only the imaginary part of line impedances and no ac-
tive power losses are implicitly calculated. Moreover, voltage
magnitudes are assumed close to 1 p.u., thus line flows are
determined only by the angle differences between nodes. In
the following, the simplified model for HVDC and AC lines
is presented.

A. Point-to-point HVDC connections

An HVDC point-to-point connection consists of two con-
verters connected through a DC power cable. The two con-
verters are connected to AC systems, and the way they are
modelled depends on the technology used for the conversion,
that is Line-Commutated Converter (LCC) or Voltage-Source
Converter (VSC).

Under the aforementioned assumptions, the complete model
of HVDC lines (that can be found in [17]) can be simplified,
as shown in Fig. 2. In this model, all components inside the
converter stations are substituted with an AC voltage source
and the DC system is not included. With these modifications,
the model is lossless and the power flowing over the line is
equal to the power sent and received at the connected nodes.

If we indicate with f DC
l the power flowing over line l, the

power balance equation becomes:
∑

n

IDC
n,l · f DC

l = 0, (1)

where IDC is the HVDC line incidence matrix, defined as:

IDC
n,l =





1, if bus n is the receiving bus of line l
−1, if bus n is the sending bus of line l
0, otherwise.

(2)

IDC is a nbus×nlineDC matrix, where nlineDC is the number of
HVDC lines in the system and nbus the number of nodes.
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This HVDC model is a simplified version and is used only
for the determination of power exchanges between bidding
zones during the market clearing. The complete HVDC model,
as outlined in [17], is used for offline calculation of losses,
available transmission capacity and for security considerations.

B. Meshed AC grids

AC lines are generally modeled with a π-equivalent model,
consisting of an electrical impedance (R + jX) between the
sending and receiving nodes and two shunt capacitances (j bsh2 )
at the connected nodes [18].

As mentioned above, by neglecting line resistances and
shunt elements, AC lines can be modeled by their line suscep-
tances, resulting in the simplified model used for DC power
flow studies [16].

Contrary to point-to-point connections, in a meshed grid
line flows are not free decision variables, but functions of the
power injected at each node:

f AC = PTDF · P INJ (3)

The Power Transfer Distribution Factor (PTDF) matrix
shows the marginal variation in the power flows due to a
marginal variation in the power injections and it is used to
calculate how power flows are distributed among transmission
lines.

For a power system with nline lines and nbus buses, the
PTDF matrix is an nline × nbus matrix and can be calculated
as:

PTDF = BlineB̃
−1

bus (4)

where Bline is the line susceptance matrix and B̃
−1

bus is the
inverse of the bus susceptance matrix after removing the row
and the column corresponding to the slack bus [16].

III. MARKET CLEARING ALGORITHM

Under the assumption of perfectly competitive electricity
markets, the market-clearing outcome is a Nash equilibrium,
that is a state in which none of the producers or consumers
can increase its profit by deviating from the equilibrium, i.e.
changing unilaterally its schedule. The equilibrium model of
electricity markets consists of four blocks, each one rep-
resenting a different market participant. In the first block,
each producer maximizes its profit from the sale of energy.
Similarly, in the second block, each elastic load maximizes its
profit from the purchase of energy. The third block represents
the profit-maximization problem of the transmission system
operator, who seeks to maximize the profit from the trade
of electricity among different areas. Finally, the last block
consists of the common market constraints, i.e. power balance
equations. The formulation of an optimization problem for
each market participant gives the freedom to arbitrarily change
their objective functions and, thus, include losses.

All the optimization problems in the equilibrium model
are linear and convex, thus it is possible to substitute them
with their Karush-Kuhn-Tucker (KKT) optimality conditions.
By doing so, the equilibrium model is recast as a mixed-
complementarity problem (MCP) including the KKT condi-
tions and the linking constraints. MCPs can be solved using

the PATH solver on GAMS, or other similar solvers. Another
possibility, under certain circumstances, is to recast the MCP
as a single optimization problem. This is possible only when
there exists an optimization problem with the same optimality
conditions as the original MCP [19]. In this case, since all
the market participants are price-takers, the dual variables
(that influences the market prices) are parameters in their
optimization problems. Thus, it is possible to recast the MCP
problem as a single optimization problem [19].

In order to obtain a feasible dispatch, i.e. a set of injections
that does not violate any network constraint, the transmission
network is included in the market model. Depending on how
the network is modeled, different pricing mechanisms are
possible. In the following, a brief description of nodal and
zonal pricing markets is given.

A. Nodal pricing markets

In a nodal pricing system, all transmission lines and trans-
former substations are included in the network model. Lo-
cational Marginal Prices (LMPs) are defined for each node
of the network, and generators and loads are subjected to a
different price according to the substation they are connected
to [20]. This is the case of different markets in the US, e.g. the
Californian electricity market operated by CAISO (California
Independent System Operator) or the market operated by PJM
Interconnection LLC (Pennsylvania-NewJersey-Maryland) [5],
[21], and other markets, such as New Zealand’s Exchange
(NZX) [22].

In its simplest form, the market-clearing problem can be
formulated as the following optimization problem:

max
g,d,fDC

uᵀd− cᵀg (5a)

s.t. G ≤ g ≤ G (5b)

D ≤ d ≤D (5c)

f AC = PTDF · (IGg − IDd− p̃ lossN + IDCf DC) (5d)

− F AC ≤ f AC ≤ F AC
: µAC,µ AC (5e)

− F DC ≤ f DC ≤ F DC
(5f)

∑

j

dj +
∑

n

p̃ lossN
n −

∑

i

gi = 0 : λ (5g)

where u and c are respectively load utilities and generator
costs, g and d are the output levels of generators and con-
sumption of loads, IG and ID are the incidence matrices of
generators and load, G, G, D and D are respectively the
minimum and maximum generation and consumption of each
generator and load, f AC and f DC are the power flows over
AC and HVDC lines, F

AC
and F

DC
are the capacities of AC

and HVDC lines, µAC and µ AC are the lagrangian multipliers
associated with AC line limits, λ is the lagrangian multiplier
associated with the power balance equation and p̃ lossN are
the nodal losses. For now, it is assumed that losses are just
parameters in the optimization problem, which are estimated
using off-line models before the market is cleared.

The objective of the market operator is to maximize the
social welfare, expressed in (5a) as the difference between
load pay-offs and generator costs. Constraints (5b) and (5c)
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enforce the lower and the upper limits of generation and
consumption, while constraints (5e) and (5f) ensure that line
limits are not exceeded. The flows over AC interconnectors
are defined through constraint (5d) using the PTDF matrix
(see Section II-B).

The LMPs are computed as follows [23]:

LMPn = λ+
∑

l

PTDFn,l(µ
AC
l
− µ AC

l ) (6)

B. Zonal pricing markets

In a zonal pricing system, the network is split into price-
zones in case of congestion on certain flowgates. The intra-
zonal network is not included in the model, and a single
price per zone is defined. The main difference between nodal
and zonal pricing is that, in case of congestion, in a nodal
pricing market all the nodes are subjected to different prices,
while in a zonal pricing market price differences arise only
among zones, with all generators and loads subjected to their
zonal price [20]. An example of this pricing system is the
Australian electricity market operated by AEMO (Australian
Energy Market Operator) [24]. An evolution of zonal pricing
is the Flow-Based Market Coupling (FBMC), which aims at
coupling different independent markets. FBMC includes two
clearing processes: first the energy market clearing, where a
clearing price per zone is determined according to the internal
power exchanges, and second, the import and export trades
via the interconnections [20]. As for zonal pricing, the intra-
zonal flows are not represented in the model; in addition,
cross-border lines to another zone are aggregated into a single
equivalent interconnector. This is the underlying concept of
the Price Coupling of Regions (PCR) project of the European
Power Exchanges (EPEX) [25].

As a result, in zonal pricing market, the PTDF matrix
becomes an nline × nzone matrix and must be estimated
taking into consideration the intra-zonal networks that are
omitted in the market model, so that the resulting flows
from the market clearing can resemble the actual ones. The
estimation of PTDFs is based on statistical factors related to
flows on the bidding zone borders under different load and
generation conditions [26]. The PTDF matrix is calculated
as follows. One at a time, the output of all generators is
increased by 1 MW: for each generator, power flow analyses
are carried out considering the extra megawatt consumed at a
different bus every time. For all the generation patterns and
load conditions, the marginal variation of the power flows on
the interconnectors is calculated. At the end, the PTDFs are
estimated by statistical analysis using linear regression.

Once the zonal PTDF is calculated, the market is cleared
solving the optimization problem (5). Zonal prices are still
calculated with Eq. (6), but they refer to regions and not to
single buses.

IV. LOSS FACTOR FORMULATIONS

A. HVDC losses

The power losses of an HVDC link can be calculated as the
sum of the losses in the two converter stations plus the losses

on the DC cable. The latter are the ohmic losses due to the
resistance of the cable, calculated as:

pcable = R
∣∣I line

∣∣2 , (7)

where R is the resistance of the cable and
∣∣I line

∣∣ is the
magnitude of the line current.

In an HVDC converter station, most of the losses are due
to the transformer, the AC filter, the phase reactor and the
converter. Transformer losses are calculated in the same way
as for conventional power transformers in AC grids, and they
can be divided into iron losses (no-load losses) and copper
losses (load losses). Due to the high harmonic content of the
current, however, losses tent to be higher than in conventional
transformers [27]. Losses in the filters and in the phase reactor
are due to their parasitic resistances which are modeled as
equivalent series resistances. For load flow analysis, the above
mentioned losses are calculated by including the impedances
of these elements in the admittance matrix of the system.

Converter losses can be divided into switching and con-
duction losses: the first are caused by the turn-on and turn-
off of power electronic devices, the second are the ohmic
losses caused by their parasitic resistances during the on-
state mode. Power losses can vary significantly depending
on the converter technology: LCC converters use thyristors
as switching devices, while VSCs use IGBT’s. Thyristors are
semiconductor devices that can only be turned on by control
action, resulting in a single commutation per cycle [28]. With
IGBT’s, both turn-on and turn-off can be controlled, giving
an additional degree of freedom. This controllability comes
with a price, since IGBT’s are switched on and off many
times (typically between 20 and 40) per cycle. For this reason,
switching losses are significantly higher in VSC converters
[29]. With increasing number of IGBT’s per arm, switching
losses tend to decrease. In a three-level topology, for example,
the number of commutations per cycle is half compared to
a two-level topology. With Modular Multi-level Converters
(MMCs), each valve is composed by several independent
converter submodules containing two IGBT’s connected in
series. In each submodule, IGBT’s are switched on and off
only once per cycle, resulting in less switching losses [30].
As a rule of thumb, one can say that a typical LCC-HVDC
converter station has power losses of around 0.7%, a VSC-
HVDC converter station of around 2-3% and MMC-HVDC
converter station of around 1% [30]. The switching frequency
does not only influence the converter losses, but has also
an impact on the losses produced by the other devices.
Indeed, switching losses increase with the switching frequency,
but the harmonic distortion decreases. Since losses in other
components depends on the RMS value of the current, their
losses increase with its harmonic content, thus with lower
switching frequencies. Concerning the operating mode, when a
VSC converter is operating as a rectifier, diodes are conducting
more frequently than IGBT’s, and since IGBT’s have higher
conduction losses than diodes, the losses are lower compared
to the inverter mode, when IGBT’s are used more frequently
[27]. This does not happen with LCC converters, since the
only difference between the two operating modes is the firing
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angle and there are always two valves conducting at a time.
The operation of the converter station requires also a certain

number of auxiliary services, such as auxiliary power supply,
valve cooling, air conditioning, fire protection, etc. According
to [31], the total power consumption of auxiliary devices
is around 0.1% of the converter station rating. The losses
of the remaining equipment, such as switchgear, instrument
transformers, surge arresters, etc., are negligible compared to
the above mentioned losses [32].

The modeling of losses through the calculation of equivalent
impedances would require a detailed knowledge of all the in-
dividual loss contributions of these devices, thus, the converter
station losses are commonly represented with the generalized
loss model [17]:

pconv = a |Iconv|2 + b |Iconv|+ c, (8)

where a, b and c are numerical parameters reflecting the
quadratic, linear and constant dependence of the losses on the
line current and |Iconv| is the magnitude of the current flowing
through the converter. The constant parameter represents the
amount of losses that is produced also when the HVDC link is
not operated, that is when the converter station is energized but
the valves are blocked. With the right choice of a, b and c, this
generalized loss model is suitable for both VSC- and LCC-
based HVDC converter stations and for different converter
topologies. Examples of these parameters can be found in [17],
[27].

The losses on an HVDC line are thus quadratic function
of the current, as shown in (7) and (8). However, as ex-
plained in Section II, many market-clearing algorithms use
a simplified model that considers linear functions of active
power. The first step towards a linear approximation of HVDC
losses is to replace the line current in (7) and the converter
current in (8) with the HVDC active power flow. Since no
shunt elements are considered in the simplified model, then
|Iconv| =

∣∣I line
∣∣ = |IDC|. Working in the per unit system, and

assuming |V | = 1 p.u. at each bus (which is the standard DC
power flow approximation), then |f DC| = |IDC|. As a result,
for the HVDC line l, the total losses can be approximated to:

plossDC
l = Al |f DC

l |
2

+Bl |f DC
l |+ Cl. (9)

with Al = ainvl + arectl + Rl, Bl = 2bl and Cl = 2cl, where
Rl is the resistance of the cable and ainvl , arectl , bl and cl are
respectively the quadratic, linear and constant loss coefficients
of the converter stations (one operating in inverter mode, the
other in rectifier mode). Different linearization techniques are
presented in Section IV-C.

B. AC losses

Losses in AC grids are produced by a large number of
devices; however, under the assumption of DC power flows,
it is common practice to only include transmission lines and
transformers in the network model.

Since no reactive power flows are considered, losses on a
transmission line can be expressed as [33]–[35]:

pline=R|Iline|2 (10)

where R is the resistance of the line and
∣∣I line

∣∣ the magnitude
of the line current.

As described in Section IV-A, transformer losses can be
divided into iron and copper losses, and are modeled through
equivalent resistances:

ptran = Req
∣∣Itran

∣∣2 (11)

where Req is the equivalent resistance of the transformer and
|Itran| is the current flowing through the transformer. How-
ever, when solving a DC power flow problem, no distinction is
made between transformers and transmission lines. Moreover,
using the per-unit system, the line or transformer current can
be substituted by the active power flow. It is possible, thus, to
express the losses occurring between two AC buses with the
general loss function:

plossAC
l = Rl |f AC

l |
2 (12)

C. Linearization techniques

To avoid excessive complexity, most of the market clearing
software (e.g. [9] or [36]) don’t allow polynomial constraints
with degree above 1. In this section, three linearization tech-
niques are introduced: constant, linear and piecewise linear.

1) Constant loss factors: One possibility is to consider the
losses constant:

plossl = βl. (13)

The coefficient βl can be estimated considering losses during
the maximum power flowing through the line, or losses occur-
ring with a certain power flow. In the second case, the average
power flowing on the line can be calculated considering a time
window of one year.

2) Linear loss factors: If we consider linear dependence of
losses on the power flow, the loss equation becomes:

plossl = αl |fl|+ βl. (14)

Parameters αl and βl can be estimated in different ways, e.g.
using the least squares approach, connecting stand-by losses to
maximum losses, linearizing around a certain range of flows,
through the derivative at a certain flow, etc.

3) Piecewise linear loss factors: A better approximation of
losses is obtained by constructing a piecewise linear function.
With K segments, the loss equation becomes:

plossl =





α1,l |fl|+ β1,l, if |fl| ≤ f∗
1

...

αK,l |fl|+ βK,l, if f∗
K−1 ≤ |fl| ≤ f∗

K

(15)

For each line segment k, parameters αk,l and βk,l can be
calculated in a similar way as explained above for linear loss
factors.
D. Inclusion of losses in the market clearing

Although convex, the absolute value operator is non-linear.
For this reason, when added to problem (5), equation (14) or
each equality of (15) is recast as two inequalities in the form
of:

plossl ≥ αlfl + βl : σ+
l ∀l

plossl ≥ αl(−fl) + βl : σ−
l ∀l

(16)
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Once losses are calculated, they are considered as an addi-
tional load and equally split between the buses at the sending
and the receiving end. For this purpose, a loss distribution
matrix is defined as follows:

Dn,l =

{
0.5, if line l is connected to bus n
0, otherwise

(17)

Nodal losses plossN and zonal losses plossZ are now calculated
as:

plossN = DDC · plossDC +DAC · plossAC

plossZ = DDC · plossDC +DAC · plossAC + p̃ intra (18)

where plossAC and plossDC are the losses on AC and HVDC
lines, DAC and DDC are the AC and HVDC loss distribu-
tion matrices and p̃ intra are the intra-zonal losses that are
parameters calculated offline. In case that the losses are not
considered implicit for certain interconnectors (e.g. the AC or
the HVDC interconnectors), then the corresponding losses are
not elements of plossAC or plossDC, but are included in p̃ intra.

Finally, nodal (and zonal) prices are calculated as:

LMPn = λ+
∑

l

PTDFn,l(µ
AC
l
− µ AC

l ) +

∑

l

αAC
l PTDFn,l(σ

AC,−
l − σAC,+

l )
(19)

As problem (5) aims at minimizing total generation costs,
and losses are considered in the power balance equation (5g),
the optimization will try to minimize losses. This will lead
one of the two inequalities (16) to become binding, and, as
a result, accurately represent (14) or (15). However, in case
of negative LMPs, the solver might decide to create artificial
losses in order to reduce the system cost [37]–[39]. In order
to address this issue, in the following the causes of negative
LMPs are discussed and a condition for the relaxation to be
exact is provided.

Lemma For a DC optimal power flow problem as (5), negative
LMPs can occur when the cost functions of generators are neg-
ative (negative bids) [37]–[40], when the total demand is less
than the total minimum generation [37], when inter-temporal
constraints are included [40] and, in case of congestion, when
the difference between the marginal costs of production of
the marginal generators is big enough and some of the node
injections contribute to relieve the congestion.

Due to the equal distribution of losses between the two
connected nodes (respectively l(f) and l(t)), artificial losses
are created when the average price of the two nodes is
negative. In the following, we prove that if average prices are
always positive, no artificial losses are created.

Proposition If the original problem is feasible and
1
2 (LMPl(f) + LMPl(t)) > 0, ∀l, then the inclusion of loss
functions in the form of two inequalities does not create arti-
ficial losses in the system, and the two inequality constraints
represent in an exact way the linearized loss functions.

Proof From the stationarity conditions of the problem we have:

1

2
(LMPl(f) + LMPl(t))− (σ+

l + σ−
l ) = 0, ∀l (20)

Being σ+
l and σ−

l Lagrangian multipliers associated with
inequality constraints, they are always non-negative. Moreover,
only one of the two inequality constraints can be binding at a
time, depending on the direction of the flow. For this reason,
given that the average price between the two connected node
is greater than zero, the stationarity condition is satisfied only
if either σ+

l or σ−
l are greater than zero. This means that one

of the two inequality constraints is binding, ensuring that no
artificial losses are created. �

Negative prices are occasionally seen in different markets
[41], [42]. In case of negative prices, many market clearing
software use a Branch and Bound algorithm to limit losses
to their physical value [36]. This is also done in case of loop
flows on parallel cables [9], [36]. Another option is the Big M
method, introducing a binary variable per line and two con-
tinuous variables for the flow in the two directions. Although
simple, this method slows down the clearing process. However,
we never experienced negative prices in our simulations, and
no artificial losses were created. For this reason we used the
formulation in (5) without any of the proposed methods.

Reconnecting with the analysis in [15], including HVDC
loss factors for only HVDC interconnectors might be sub-
optimal. Indeed, only by including losses on both AC and
HVDC lines, the power flows are distributed in a way that
minimizes total losses.

Proposition: If AC and HVDC loss factors are included for all
transmission lines in the market clearing algorithm, the total
losses are minimized and the social welfare is always greater
than or equal to the case where no losses or only HVDC (or
AC) losses are considered.

Proof Let’s call Problem 1 the optimization problem (5)
with no loss factors and constant losses p̃ lossN, Problem 2 the
optimization problem with only HVDC (or AC) loss factors,
i.e. only plossDC are variables in (18) and plossAC are still
parameters (or vice versa), and Problem 3 the optimization
problem with both AC and HVDC loss factors, i.e. all the
elements of (18) are variables and only p̃ intra is a parameter.

For Problem 3, the vector of decision variables is x3 =
[g;d;f DC;plossAC;plossDC] and the feasible space Γ3 is the
set of solutions that satisfy Eq. (5b)-(5g), Eq. (16) and Eq.
(19). Including losses as parameters in Problem 2 is equivalent
to adding a new set of constraints to Γ3, fixing plossAC to a
certain value p̃ lossAC calculated offline . This means that Γ2 is
a subset of Γ3. A restriction of the feasible space means that
the objective value of Problem 2 can only be less or equal to
the objective value of Problem 3.

The question arises what would happen if p̃ lossAC is not fea-
sible for Problem 3. In that case, p̃ lossAC is an underestimation
of the losses considered in Problem 3. Given that Problem
3 provides a better approximation of the actual losses, the
solution of Problem 2 would require the purchase of additional
reserves to cover the losses that were not accounted for in the
day-ahead. The cost of such reserves are almost always higher
than the day-ahead market. As a result, solution x∗

3 always
leads to a higher social welfare and an economic benefit.

Following the same approach, x∗
1 leads to an objective value

that is less or equal the objective value obtained with x∗3, as in
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Fig. 3. 3-zone test system.

TABLE I
GENERATOR, LOAD AND LINE DATA

GENERATORS

ID Gmax c
(MW) ($/MWh)

g1 300 20
g2 80 10

AC LINES

Line Fmax
AC B

(MW) (p.u.)

1-3 200 0.106

LOADS

ID D
(MW)

d 292

HVDC LINES

Line Fmax
DC

(MW)

1-2 200
2-3 200

TABLE II
HVDC LOSS FACTORS

Type Line 1-2 Line 2-3

Constant β = 0.0348 β = 0.0332

Linear α = 0.0403 α = 0.0373
β = 0.0001 β = 0.0010

PW-linear

α1 = 0.0188 α1 = 0.0171
β1 = 0.0095 β1 = 0.0100
α2 = 0.0403 α2 = 0.0373
β2 = −0.0048 β2 = −0.0036
α3 = 0.0618 α3 = 0.0576
β3 = −0.0335 β3 = −0.0306

Problem 1 all the losses are fixed to a certain value calculated
offline, while in Problem 3 the total losses are allowed to be
minimized. �

E. Comparison of loss factor formulations

Consider the three-bus network in Fig. 3. To make this
illustrative example general, the term “bus” is used to refer
to different locations in the network: these might correspond
to nodes or to zones depending on the pricing scheme. In
addition, the load is considered inelastic. Two different system
configurations are analyzed: on the left, generator g2 is located
in zone 2 and load d in zone 3, while, on the right, their
position is swapped. Generator, load and network data are
listed in Table I. To study the differnet properties of the
proposed formulations, loss factors are introduced only for
HVDC lines (Table II), as proposed in [15]. The base power
is 100 MW and the base voltage 400 kV.

To compare the impact of the different loss factor formu-
lations, the optimization problem (5) is solved four times.
The first time, no HVDC loss factors are included. The other
times, constraint (18) is included together with, respectively,
constant, linear and piecewise linear loss factors. Fig. 4 shows
the different prices and power flows obtained with the four
formulations.

EXAMPLE 1

1 2 3

19

20

21

22

Zone

Pr
ic

e
($

/M
W

h)

Zonal Prices

1-2 1-3 2-3

−2

−1

0

1

2

0

Line

Fl
ow

(p
.u

.)

Power Flows

EXAMPLE 2

1 2 3

19

20

21

22

Zone

Pr
ic

e
($

/M
W

h)

Zonal Prices

1-2 1-3 2-3

−2

−1

0

1

2

0

Line

Fl
ow

(p
.u

.)

Power Flows

No LFs Constant LFs Linear LFs PW-linear LFs

Fig. 4. Zonal prices and line flows.

In Example 1, most of the power flows from bus 1 to bus
3. With this configuration, the power has two possible paths,
either over one AC interconnector or over two HVDC lines.
When the market is cleared without loss factors, no distinction
is made between HVDC and AC lines and, thus, there are
several power flow solutions for the market equilibrium. If
constant loss factors are introduced, losses still do not depend
on the power flows, so prices and flows remain unchanged.

The situation changes when linear and piecewise linear loss
factors are introduced. Indeed, losses are now a function of the
power flow, and thus the more the HVDC lines are used, the
higher the losses are. For this reason, the use of HVDC lines is
limited to the cases when the AC capacity constraint violation
cannot be resolved by any other measure. In addition, a price
difference is forced between buses 1-2 and buses 2-3 when
the HVDC line is used. These price differences are functions
of the linear coefficients of losses and can be calculated as:

LMP2 =
1 + 0.5αDC

1

1− 0.5αDC
1

·LMP1 LMP3 =
1 + 0.5αDC

2

1− 0.5αDC
2

·LMP2. (21)

These equations are derived from the KKT optimality condi-
tions, and give the relation between the lagrangian multipliers
associated with the power balance equations. Once the limit
of line 1-3 is reached, the only way to supply the load is
through the two HVDC lines. An increase of consumption
∆d at bus 3 would correspond to an increase of generation
equal to ∆d plus the losses, and thus it would be more
expensive than an equal increase at bus 1 or 2. In case of
piecewise linear loss factors, the coefficients appearing in
(21) are the linear coefficients of the binding loss functions.
It should be mentioned that (21) depends on the direction
of the HVDC flows. In case of opposite flow between e.g.
zone 1 and 2, then the signs in (21) will be opposite, i.e.
LMP2 = [(1− 0.5αDC

1 )/(1 + 0.5αDC
1 )]LMP1.

In Example 2, the load is moved to bus 2 and g2 to bus
3. Now both paths for supplying the load include an HVDC
line. As Fig. 4 shows, with no loss factors or with constant
loss factors the market outcome is very similar: in the first
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Fig. 5. Inclusion of intra-zonal losses on HVDC and AC loss factors. Line
losses are the losses on the interconnector, black dots are the intra-zonal losses
due to cross-border flows. The linearization is made with 10 segments.

case no distinction between AC and HVDC lines is made,
and in the second case losses do not depend on the flows and
thus prices and flows remain unchanged. Again, the situation
is different when linear or piecewise linear loss factors are
introduced. With linear loss factors, the slope of the loss
function determines the path that results in less losses. Indeed,
the power flow over line 2-3 is equal to its capacity, while
only the remaining power is supplied through line 1-2. With
piecewise linear loss factors, the slope of the loss function
changes depending on the flow. For this reason, the solver
identifies the least costly path by moving back and forth from
one line to the other, when the slope of the loss function
changes. In this way the two lines are used in a more efficient
way, and the price difference, although greater, reflects better
the cost of losses.

V. INTRA-ZONAL LOSSES

In our initial investigations, and as we also demonstrate in
our numerical tests in Section VI, the social welfare does not
always increase by introducing AC and HVDC loss factor in
zonal pricing markets. This is due to the fact that intra-zonal
losses are not variables in the optimization problem, and thus
cannot be minimized. This chapter introduces a method for
considering a part of intra-zonal losses, which is produced by
cross-border flows, in the calculation of loss factors.

Intra-zone losses are caused by both cross-border and in-
ternal flows. Loss factors are meant to account only for the
losses due to inter-zonal flows, so the internal losses have to
be excluded from the calculation. We calculated the new loss
factors as follows. Two zones connected are considered at a
time: in Zone 1 all the loads are removed, while in Zone 2
all generators are removed. The statistical population of losses
is calculated running 10’000 AC power flows, where different
generation patterns and load conditions are considered. The
same procedure is then repeated inverting generation and
consumption in the two areas. We repeat these two steps for all
the zones connected by AC lines. Ideally, the losses between
any two zones would have been the result of the superposition
of the losses found for each pair of zones. However, in that
case we account for the losses in each transit zone more than

=

~

=

~

=

~

=

~Area 1 Area 2

Area 4 Area 3

Fig. 6. 4-area 96-bus test case under the assumption of flow-based MC.

once. As a result, we carry out a similar analysis considering
the whole system, and estimate a correction factor that we
introduce in order to avoid accounting for the same losses
twice. Finally, we use the least-squares methods to linearize
the losses.

VI. CASE STUDY

We compare four market outcomes (with no loss factors,
with only HVDC loss factors, with only AC loss factors and
with AC and HVDC loss factors) on a modified version of
the IEEE 3-area RTS ‘96 Test Case [43] using YALMIP
[44] and MOSEK [45]. The numerical tests are carried out
considering both nodal and zonal pricing mechanisms. The
market is cleared for every hour of a year, resulting in a time
series of 8760 market outcomes. The test case is modified
as described in [46], including a fourth zone, three HVDC
interconnectors and some wind farms. To modify energy prices
over the year, load consumption and wind generation vary in
each snapshot. This leads to different import-export situations
for each zone, resulting in a more realistic analysis.

To investigate the impact of the introduction of loss factors
on the social welfare, four simulations are run. The first three
times, a zonal pricing scheme is considered and the 96-bus
system is reduced to a 4-area system for FBMC, as shown in
Fig. 6. The fourth time, a nodal pricing scheme is considered
and the whole network is included in the model. In all the
simulations, the following procedure is applied:

1) Losses are calculated offline. The market is cleared with-
out considering losses. Subsequently, the determined
generation and load setpoints are used to calculate the
losses;

2) Four optimization problems are solved. In the first,
losses are considered as constant parameters. In the sec-
ond, only HVDC losses are variables in the optimization
problem, while all AC losses are parameters. In the
third, only AC losses are variables in the optimization
problem, while all HVDC losses are parameters. In the
fourth, the losses in all the interconnectors are variables
and only the intra-zonal losses are still calculated offline;

3) The social welfare is computed according to the three
market outcomes. The differences are plotted in Fig. 7,
8, 9 and 10.

For the first simulation, loss factors are calculated consid-
ering only losses on the interconnectors. The quadratic loss
functions are linearized with linear loss factors considering
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Fig. 7. FBMC: comparison of market outcomes. Loss factors calculated based
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Fig. 8. FBMC: comparison of market outcomes. Loss factors calculated based
on line losses and piecewise linear approximation.

two fixed points (no-flow and 60% line loading), similarly to
the proposal of Nordic TSOs in [15]. No intra-zonal losses
are considered in the loss factor calculation. Fig. 7 shows the
differences in social welfare between the base case (no loss
factors) and the other optimization problems, with implicit grid
loss implemented respectively on only HVDC, only AC and
both AC and HVDC interconnectors.

Overall, the inclusion of losses in the market clearing has
a positive impact. However, in many simulations, the social
welfare is decreased. First of all, the estimation of losses
is not very accurate. As explained, the market is cleared
without losses, and these are calculated based on the set points
of generators and loads. Including losses as constant loads
alters the flows, thus the losses calculated are not precise.
This happens also in reality, since losses are forecast. The
underestimation of losses requires the purchase of this power
in the balancing market resulting in higher costs, thus having
a representation of losses in the market clearing is a good
solution. Moreover, internal losses are not considered when
defining the power exchanges: different power flows on the
interconnectors might result in higher amount of internal
losses, and thus in higher costs.

For the second simulation, still no intra-zonal losses are
considered, but line losses are now linearized using piecewise
linear functions with segments of the length of 60 MW. By
doing so, flows are distributed in a better way, since the solver
moves back and forth from one loss function to the other
determining the least costly path. Moreover, the quadratic
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Fig. 9. FBMC: comparison of market outcomes. Loss factors calculated based
on line losses, intra-zonal losses and piecewise linear approximation.
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Fig. 10. Nodal pricing: comparison of market outcomes. Loss factors
calculated based on piecewise linear approximation.

loss functions are approximated in a better way. This leads
to a partial improvement of the results, as shown in Fig. 8.
However, with only AC loss factors, the situation seems to
get worse. This is because, in most of the situations, Zone
1 and 4 are exporting. With AC loss factors, the power from
Area 4 is rerouted through Area 1, creating more losses on the
interconnectors and causing also more internal losses, while,
with DC loss factors, HVDC lines are the only path from Zone
1 to the others, thus HVDC lines are used anyways, and with
both loss factors, all the lines are used in an optimal way.

In the third simulation, additionally to line losses, intra-
zonal losses due to cross-border flows are included in the
calculation of loss factors. Different points of connection
might result in different internal losses, and this is now
considered. As a consequence, the results are further improved,
as shown in figure Fig. 9.

Finally, a similar analysis is carried out with a nodal pricing
scheme, considering the whole network. Contrary to the other
simulations, there are now 156 AC lines and 3 HVDC lines.
This means that the possibility of controlling the flows is
reduced, and thus the amount of savings as well. However,
the representation of losses in the market clearing is more
accurate, and there are fewer situations where the social
welfare is decreased. Also, one would expect to have only
positive increments with AC and HVDC loss factors, however
the inaccuracy of the loss estimation procedure affects the
results.

TABLE III presents the total savings in the different situa-
tions. In all simulations, the inclusion of both AC and HVDC
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TABLE III
TOTAL SAVINGS (M$)

HVDC LF AC LF AC-HVDC LF

Simulation 1 1.16 1.12 1.38
Simulation 2 1.05 0.90 1.51
Simulation 3 2.52 1.23 3.10
Simulation 4 0.99 1.77 1.81

loss factors gives the greatest benefit, as theoretically expected.

VII. CONCLUSION

The introduction of loss factors for HVDC lines, also called
implicit grid loss calculation, has been proposed by the TSOs
of Nordic Capacity Calculation Region to avoid HVDC flows
between zones with zero price difference. Currently, it is
under investigation for real implementation in the market clear-
ing algorithm. In this paper, we have introduced a rigorous
framework to assess the impact of the shift towards implicit
grid losses, considering the introduction of loss factors for
different interconnectors. We develop different loss factor for-
mulations and study their main properties on a representative
test system. We find that although the introduction of HVDC
loss factors is in general positive, it may lead to a decrease
of the social welfare for a non-negligible amount of time
as it disproportionately increases the AC losses. For zonal
pricing markets, this might happen also when implicit grid
losses are implemented in all interconnectors because of intra-
zonal losses. To counter that, we introduce a methodology to
estimate loss factors based on statistical analysis and linear
regression. We prove theoretically that the introduction of both
AC and HVDC loss factors in market clearing is guaranteed
to increase the social welfare. We confirm our results through
numerical tests in a representative test system.

ACKNOWLEDGEMENT

This work is supported by the multiDC project, funded
by Innovation Fund Denmark, Grant Agreement No. 6154-
00020B.

REFERENCES

[1] ABB Group. Economic and Environmental Advantages — Why choose
HVDC over HVAC. [Online]. Available: https://new.abb.com/system
s/hvdc/why-hvdc/economic-and-environmental-advantages [Accessed:
2018-09-28]

[2] ABB Group. Technical Advantages — Why choose HVDC over HVAC.
[Online]. Available: https://new.abb.com/systems/hvdc/why-hvdc/techni
cal-advantages [Accessed: 2018-09-28]

[3] R. Rudervall, J. P Charpentier, and R. Sharma, “High Voltage Direct
Current (HVDC) Transmission Systems Technology Review Paper,”
January 2000.

[4] ENTSO-E. Grid Map. [Online]. Available: https://www.entsoe.eu/data
/map/ [Accessed: 2018-09-20]

[5] California ISO, “Fifth Replacement FERC Electric Tariff,” Tech. Rep.,
December 2017.

[6] PJM Interconnection LLC, “Locational Marginal Pricing Components,”
Tech. Rep., July 2017.

[7] AEMO, “Proportioning Inter-regional Losses to Regions,” Tech. Rep.,
September 2009.

[8] EPEX SPOT SE, “PCR Project . Main Features,” Tech. Rep., October
2018.

[9] NEMO Committee, “EUPHEMIA Public description- Single Price Cou-
pling Algortithm,” Tech. Rep., April 2019.

[10] ELEXON, “Load Flow Model Specification for the Calculation of Nodal
Transmission Loss Factors,” Tech. Rep., May 2017.

[11] Energinet.dk, “Regulation A: Principles for the electricity market,” Tech.
Rep., December 2007.

[12] European Commision, Commision Regulation (EU) No 838/2010. Of-
ficial Journal of the European Union, September 2010.

[13] European Parliament and Council of the European Union, Regulation
(EC) No 714/2009. Official Journal of the European Union, July 2009.

[14] Nord Pool Group. Market Data — Elspot Day-Ahead. [Online].
Available: https://www.nordpoolgroup.com/ [Accessed: 2018-08-30]

[15] Fingrid, Energinet, Statnett, Svenska Kraftnät, “Analyses on the effects
of implementing implicit grid losses in the Nordic CCR,” Tech. Rep.,
April 2018.

[16] S. Chatzivasileiadis, “Optimization in modern power systems: Lecture
Notes on Optimal Power Flow,” Technical University of Denmark, 2018.
Available: https://arxiv.org/pdf/1811.00943.pdf.

[17] J. Beerten, S. Cole, and R. Belmans, “Generalized Steady-State VSC
MTDC Model for Sequential AC/DC Power Flow Algorithms,” IEEE
Transactions on Power Systems, vol. 27, no. 2, pp. 821–829, May 2012.
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HVDC Loss Factors in the Nordic Power Market
Andrea Tosatto and Spyros Chatzivasileiadis

Abstract—In the Nordic countries (Sweden, Norway, Finland
and Denmark), many interconnectors are formed by long High-
Voltage Direct-Current (HVDC) lines. Every year, the operation
of such interconnectors costs millions of Euros to Transmission
System Operators (TSOs) due to the high amount of losses that
are not considered while clearing the market. To counteract this
problem, Nordic TSOs (Svenska kraftnät - Sweden, Statnett -
Norway, Fingrid - Finland, Energinet - Denmark) have proposed
to introduce linear HVDC loss factors in the market clearing
algorithm. The assessment of such a measure requires a detailed
model of the system under investigation. In this paper we develop
and introduce a detailed market model of the Nordic countries
and we analyze the impact of different loss factor formulations.
We show that linear loss factors penalize one HVDC line over
the other, and this can jeopardize revenues of merchant HVDC
lines. In this regard, we propose piecewise-linear loss factors: a
simple to implement but highly effective solution. Moreover, we
demonstrate how the introduction of only HVDC loss factors is
a partial solution, since it disproportionately increases the AC
losses. Our results show that the inclusion of AC loss factors can
eliminate this problem.

Index Terms—Electricity markets, HVDC losses, HVDC trans-
mission, loss factors, Nordic countries.

I. INTRODUCTION

OVER the last decades, more than 25,000 km of High-
Voltage Direct-Current (HVDC) lines have been grad-

ually integrated to the existing pan-European HVAC sys-
tem. Thanks to their technical properties, HVDC lines allow
the connection of asynchronous areas and represent a cost-
effective solution for long-distance submarine cables. For these
two reasons, many interconnectors in the Nordic area (Swe-
den, Norway, Finland and Denmark) are formed by HVDC
lines. Contrary to AC ones, HVDC interconnectors are often
hundreds of kilometers long and produce a non-negligible
amount of power losses, which are not considered in the
current day-ahead market clearing process (the Nordic power
market is operated by Nord Pool Group). In case of equal
zonal prices between neighboring bidding zones, the cost of
HVDC losses cannot be covered because of the zero-price-
difference, and the cost is transferred to local Transmission
System Operators (TSOs) who must procure sufficient power
to cover these losses. The problem is especially pronounced
in transit countries, as in the case of Denmark.

TABLE I shows the hours of operation with zero-price-
difference of five intra-Nordic HVDC interconnectors and the
corresponding cost of losses in 2017 and 2018 [1]. For exam-
ple, in 2017 the price difference between the Swedish bidding
zone SE3 and Finland (FI), connected by FennoSkan (2-pole,
233km-long HVDC connection [2]), was zero for 8672 hours
(99% of the time). During these hours, the Swedish TSO
(Svenska kraftnät) paid half of the losses on the interconnector

Andrea Tosatto and Spyros Chatzivasileiadis are with the Technical Uni-
versity of Denmark, Department of Electrical Engineering, Kgs. Lyngby,
Denmark (emails: {antosat,spchatz}@elektro.dtu.dk).

for exporting power to Finland without recovering this cost
through any price difference. For this interconnector, the cost
of losses is 4 million Euros per year on average.

In order to reduce costs, TSOs procure the power for cov-
ering losses in the day-ahead market. Based on statistical data
and load predictions, TSOs forecast losses and place price-
independent bids before the market is cleared; any mismatch
is then covered during the balancing stage. For losses on
interconnectors, since they are usually co-owned by TSOs,
there exist special agreements, e.g. for FennoSkan all losses
are purchased by the exporting TSO (mostly Svenska kraftnät)
and the importing TSO financially compensates half of them.
At the end, TSOs recover the cost of losses through grid tariffs.

Due to the high cost of HVDC losses, Nordic TSOs
(Svenska kraftnät - Sweden, Statnett - Norway, Fingrid -
Finland, Energinet - Denmark) have proposed the introduction
of HVDC loss factors to implicitly account for losses when the
market is cleared [3]–[5]. The introduction of loss factors will
force a price difference between the two connected bidding
zones that is equal to the marginal cost of losses. This will have
two advantages: first, HVDC losses are no longer needed to be
purchased by TSOs in the day-ahead market but are directly
paid by the market participants who create them and, second,

TABLE I
HOURS OF OPERATION (%) WITH ZERO-PRICE DIFFERENCE

AND COST OF HVDC LOSSES

2017 2018
% LOSSES % LOSSES

KontiSkan (DK1-SE3) 61% 1.2 Me 53% 1.5 Me
Storebælt (DK1-DK2) 73% 0.8 Me 74% 1.1 Me
Skagerrak (DK1-NO2) 47% 3.2 Me 46% 4.7 Me
EstLink (FI-EE) 76% 3.1 Me 95% 6.7 Me
FennoSkan (SE3-FI) 99% 3.8 Me 80% 4.2 Me

Total 12 Me 18 Me

EE

DK1

DK2

SE4

SE3

SE2

FI

NO1

NO2

NO3

NO5
FennoSkan

EstLink

Storebælt

KontiSkan
Skagerrak

Fig. 1. Intra-Nordic HVDC links: Skagerrak, KontiSkan, Storebælt, Fen-
noSkan and EstLink. For each country, the respective TSO and bidding zones
have been included in the map.
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losses are implicitly minimized, resulting in cost savings for
TSOs and the society.

The proposed loss factors are linear approximations of the
quadratic loss functions [6]. The following questions arise: are
linear loss factors a good representation of quadratic losses? Is
the introduction of loss factors for only HVDC interconnectors
the best possible action?

In [7], we have introduced a rigorous framework for ana-
lyzing the inclusion of loss factors in the market clearing. The
results showed that HVDC loss factors may lead to a decrease
of the social welfare for a non-negligible amount of time as
they may disproportionately increases the AC losses depending
on the topology of the system under investigation. Indeed, in
meshed grids there might exist parallel HVDC paths, or AC
parallel paths to HVDC interconnectors, and the solver will
choose one option over the other based on approximations
of the quadratic loss functions, which might not be very
accurate. For this reason, this paper aims at introducing a
detailed market model of the Nordic countries and analyzing
the introduction of HVDC loss factors in the Nordic market.
Moreover, the formulation used in [7] included losses in the
form of inequality constraints: this relaxation is exact when
all prices are positive. In real power systems prices can be
negative, thus an exact formulation with binary variables is
presented in this paper. More specifically, the contributions of
this paper are the following:

• the introduction of a formulation with binary variables
for covering the situations with negative prices;

• a detailed market model of the Nordic countries;
• a rigorous analysis and recommendations on the imple-

mentation of implicit grid losses on HVDC interconnec-
tors in the Nordics.

The paper is organized as follows. Section II describes
the market clearing algorithm with implicit grid losses using
binary variables. Section III outlines the test case representing
the Nordic countries. Section IV presents the analyses on the
introduction of loss factors in the Nordics and Section V
gathers conclusions and final remarks.

II. FORMULATION

In the market clearing algorithm presented in [7], loss
functions were included in the form of two inequality con-
straints. This relaxation was adopted to keep the problem linear
and convex, without the introduction of binary variables or
absolute operators. In [7], we proved that this relaxation is
always exact if Locational Marginal Prices (LMPs) are all
positive. If this condition is not satisfied, artificial losses are
created by the solver to reduce the objective value.

In all the simulations performed in [7] electricity prices were
positive, thus meaningful results could be obtained solving
the relaxed linear program. However, negative prices occur in
reality [8]–[10]; for example, in Germany electricity reached
its lowest price of -52e/MWh in October 2017. This often
happens during periods with low demand and high renewable
generation, when the operators of inflexible generating units
find more convenient to offer electricity for negative prices
than shutting down their plants.

For this reason, when it comes to real electricity markets,
binary variables must be introduced to avoid artificial losses.

In this section, a formulation with binary variables for clearing
the market with implicit grid losses is presented.

A. Market Clearing Problem
In the Nordic countries, as for the rest of Europe, a zonal-

pricing scheme is applied. This means that the system is split
into several bidding zones and the intra-zonal network is not
included in the market model. When the market is cleared, a
single price per zone is defined. In case of congestion, price
differences arise only among zones [11].

The current day-ahead market coupling is based on Avail-
able Transfer Capacity (ATC). In the day-ahead time frame,
TSOs calculate ATCs based on the network situation and
communicate them to the market operator. These values are
used as bounds for inter-zonal power transfers in the spot-
market. When the power exchanges are defined, TSOs manage
the physical flows to guarantee these transactions and, if
necessary, counter-trade at their own cost [12].

ATCs are computed as follows. First, TSOs calculate the
Total Transfer Capacity (TTC) based on thermal, voltage and
stability limits. The TTC is reduced by the Transmission
Reliability Margin (TRM), which covers the forecast uncer-
tainties of tie-line power flows. This new value is referred
to as Net Transfer Capacity (NTC). The ATC is calculated by
subtracting the Notified Transmission Flow (NTF) to the NTC.
NTFs are the flows due to already accepted transfer contracts
at the time of ATC calculation [12]. In some situations,
NTCs can be zero or negative, meaning that NTFs are greater
than NTCs. This could happen when TSOs reduce TTCs to
guarantee operation security, or when forecast uncertainties
lead to large TRMs.

The difference between ATC-based and flow-based market
coupling is that, in the first, congestion management is im-
plicitly embedded in the market clearing by means of reduced
capacities, while in the second, it is explicitly embedded
through power flow constraints [13]. The rest of this section
focuses on ATC-based market clearing algorithms, as this is
the current market coupling procedure in the Nordic region;
however, the presented formulation could be easily adapted
to flow-based market clearing algorithms (in a ATC-based
model flows are free variable while in flow-based models they
are bound variables calculated by means of Power Transfer
Distribution Factors (PTDF) or line susceptance matrices).

In its simplest form, the market-clearing algorithm based on
ATC can be formulated as the following optimization problem:

min
g,f AC,f DC

cᵀg (1a)

s.t. G ≤ g ≤ G (1b)

−ATCAC ≤ f AC ≤ ATCAC
(1c)

−ATCDC ≤ f DC ≤ ATCDC
(1d)

IDD − IGg + IDCf DC + IACf AC + p̃ loss = 0 (1e)

where c is the linear coefficient of generators’ cost functions,
g is the output level of generators, D is the demand, IG and ID

are the incidence matrices of generators and load, G and G
are respectively the minimum and maximum generation level
of each generating unit, f AC and f DC are the power flows over
AC and HVDC lines, IAC and IDC are the incidence matrices of
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AC and HVDC lines, ATCAC and ATCDC are the available
transfer capacities of AC and HVDC lines (lower and upper
bars indicate in which direction) and p̃ lossN are the losses.
For now, it is assumed that losses are just parameters in the
optimization problem, which are estimated by TSOs using off-
line models before the market is cleared.

The objective of the market operator is to minimize the
system cost, expressed in (1a) as the sum of generator costs.
Constraint (1b) enforces the lower and the upper limits of
generation, while constraints (1c) and (1d) ensure that line
limits are not exceeded and constraint (1e) enforces the power
balance in each zone.

We would like to highlight that, although the scope of this
paper is to carry out market analysis on the Nordic countries,
the presented formulation, as well as the methods to include
losses presented in the next subsection, could be extended
to perform similar analyses for any interconnected system
containing AC and HVDC links, similar to the work in [7].

B. Linear Loss Functions
When linear loss functions are included in the model,

constraints (1c) and (1d) are replaced by the following set
of constraints:

f = f+ − f− (2a)

0 ≤ f+ ≤ uATC (2b)

0 ≤ f− ≤ (1− u)ATC (2c)

p loss = α(f+ + f−) + β (2d)

with u ∈ {0, 1}. Eq. (2d) is the linearized loss function,
with α and β respectively the linear and constant coefficients
(also referred to as loss factors, parameters in the optimization
problem). When u is equal to 1, f is positive and when b is
equal to 0, f is negative. In both cases, f+ and f− are positive
and can be used for calculating losses. A brief explanation on
how to calculate the loss factors is provided in Section III-E.

C. Piecewise-linear Loss Functions
In case of piecewise-linear approximation of loss functions,

constraints (1c) and (1d) are replaced by the following set of
constraints:

f =
K∑

k=1

f+
k −

K∑

k=1

f−
k (3a)

(u+
k − u+

k+1)F k−1 ≤ f+
k ≤ (u+

k − u+
k+1)F k ∀k 6= K (3b)

(u+
K)FK−1 ≤ f+

K ≤ (u+
K)FK (3c)

(u−
k − u−

k+1)F k−1 ≤ f−
k ≤ (u−

k − u−
k+1)F k ∀k 6= K (3d)

(u−
K)FK−1 ≤ f−

K ≤ (u−
K)FK (3e)

u+
k ≥ u+

k+1 ∀k 6= K (3f)

u−
k ≥ u−

k+1 ∀k 6= K (3g)

p loss =
K∑

k=1

αk(f
+
k + f−

k ) +

+

K−1∑

k=1

βk(u
+
k − u+

k+1 + u
−
k − u−

k+1) +

+ βK(u+
K + u−

K)

(3h)

with k the index of the segments, u+
k ,u

−
k ∈ {0, 1}, F k−1 and

F k the extreme points of segment k (F k−1 = 0 for k = 1) and
K the total number of segments. When f is positive (within
segment k̃), all u−k are equal to 0, all u+k with k ≤ k̃ are equal
to 1, and all u+k with k > k̃ are equal to 0. In (3h), losses are
calculated using the right segment of the loss function, with
αk and βk the loss factors of the k-th segment.

Constraints (2a)-(2d) and (3a)-(3h) are valid both for AC
and HVDC lines and, depending on the lines where implicit
grid loss is implemented (AC, HVDC or both), they can be
included in problem (1).

The losses calculated in (2d) or (3h) are introduced in the
power balance equation as follows:

IDD − IGg + IDCf DC + IACf AC +

+ DDCplossDC + DACplossAC = 0
(4)

where DDC and DAC are respectively the loss distribution matrix
for HVDC and AC lines, which are defined as follows:

Dz,l =

{
0.5, if line l is connected to zone z
0, otherwise

(5)

It’s important to point out that, if all LMPs are positive, the
relaxation introduced in [7] is exact and the above formulation
produces the same results as the one presented in [7].

III. NORDIC TEST CASE

The Nordic test case developed in this paper is the combina-
tion of two sets of data: the transmission system data published
by Energinet [14] and the Nordic 44 test network [15].

The dataset provided by Energinet contains the static data
of the 132-150-400-kV Danish transmission system as it was
in 2017, together with the developments planned for 2020.
As it is not possible to publicly share system data from the
Swedish system, we use the Nordic 44 test network, which
represents with sufficient accuracy an equivalent of Sweden,
Norway and Finland. The test case was initially developed for
dynamic analyses and then adjusted in a variety of ways to be
used for different purposes, reliability analyses [16] and Nord
Pool market modeling [17] among others.

The two data sets are merged to obtain a detailed model of
the Nordic power grid, which is described in this section. All
the data is publicly available in a depository in GitHub [18].

A. System Topology

The test case comprises electrical nodes from three asyn-
chronous areas:

• Nordic: Eastern Denmark, Norway, Sweden and Finland;
• UCTE: Western Denmark, Germany, Poland and the

Netherlands;
• Baltic: Estonia, Lithuania and Russia.
The focus of the test case is on the Nordic power grid,

thus neighboring countries (Germany, the Netherlands, Poland,
Lithuania, Estonia and Russia) are included in the model
only for representing power exchanges. For this reason, only
interconnectors between Nordic countries and neighbors are
considered, i.e. the connections between Poland and Germany,
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Fig. 2. Nordic power grid.

for example, are not modeled. The following interconnectors
are included in the model:

- NorNed: Norway-Netherlands, HVDC;
- East coast corridor: Western Denmark-Germany, AC;
- Skagerrak: Norway-Western Denmark, HVDC;
- KontiSkan: Western Denmark-Sweden, HVDC;
- Storebælt: Western Denmark-Eastern Denmark, HVDC;
- Kontek: Eastern Denmark-Germany, HVDC;
- Baltic cable: Sweden-Germany, HVDC;
- SwePol: Sweden-Poland, HVDC;
- NordBalt: Sweden-Lithuania, HVDC;
- EstLink: Finland-Estonia, HVDC;
- Vyborg HVDC: Finland-Russia, back-to-back HVDC.

The system consists of 368 buses, where Western and Eastern
Denmark account for 262 buses, Norway for 48 buses, Sweden
for 38 buses and Finland for 11 buses. The remaining buses
represent the neighboring countries: 4 buses for Germany and
5 buses for the Netherlands, Poland, Lithuania, Estonia and
Russia. Neighboring countries are modeled with conventional
loads which can be negative (export) or positive (import).

B. Generation

For each country, a large number of generators is included,
for a total of 390 units. Generator data have been obtained
from different datasets. All the units listed in ENTSO-E Trans-
parency Platform [19] are included; however, since ENTSO-E
provides only the data of the major production units, additional
generating units (mainly hydro-power plants) were added to
meet the actual production of each country. The geographical
location of generators in [19] was used to distribute them
among buses. The cost of production of each unit is based

LEGEND:
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NL DE
PL

LT
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RU
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Fig. 3. Nordic market model.

on the generation type, according to [20]. Among units of the
same type, the production cost is assumed to decrease with
increasing plant size.

A large number of wind farms and PV power stations is
included in the model, for a total of 122 wind farms and 119
PV stations. For Norwegian, Swedish and Finnish wind farms,
their location is based on [21]. For Denmark, Energinet dataset
contains all the wind farms and PV stations aggregated up to
the appropriate transmission substation. Both wind farms and
PV stations are modeled as negative loads, and their outputs
vary according to the wind and solar profile of each area.
The wind profiles for Sweden and Denmark are obtained from
Nord Pool [1], the wind profile for Finland from Fingrid [22]
and for Norway from ENTSO-E [19]. The PV production of
Denmark is obtained from Energinet [23]. All the data refer
to the actual production in 2017 and the whole time series is
used for the analyses in Section IV.

The generation mix of each country is provided in TA-
BLE II, together with the total installed capacity.

C. Demand

All the original loads are kept in the model, for a total of 142
loads. These loads are considered as the aggregation of all the
distribution loads to the proper transmission substation. Only
the loads in Oslo and Oskarshamn have been spread among
the neighboring nodes to avoid infeasibilities in the solution
of the optimization problem. The actual consumption of each
area is taken from Nord Pool [1] and zonal load profiles are
used to vary their consumption. All the data refer to the actual
consumption in 2017 and the whole time series is used for the
analyses in Section IV.
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TABLE II
GENERATION MIX [GW]

DK NO SE FI

Renewables

Biomass 0.36 - 0.10 0.66
Hydro - 27.97 16.11 1.46
Solar 0.50 - - -
Wind 4.92 1.10 5.92 1.61

Fossil fuels

Gas 2.31 1.36 0.70 1.10
Hard coal 1.87 - - 3.19
Oil 0.07 - 2.25 0.76
Peat - - 0.12 0.97

Nuclear - - 9.10 4.35

Other 0.20 - - 0.29

TOTAL 10.23 30.43 34.3 14.39

D. Transmission Network

The Nordic transmission network is divided into two asyn-
chronous Regional Groups (RGs): Western Denmark is con-
nected to Continental Europe (UCTE) and, thus, it is operated
at a different frequency from the rest of the Nordic countries.
Western Denmark counts 140 transmission lines (400 and
150 kV) and 40 power transformers. The Nordic grid counts
221 AC transmission lines (400 and 132 kV in Eastern
Denmark, 420 and 300 kV in Sweden, Finland and Norway),
one HVDC line (FennoSkan, Sweden-Finland) and 114 power
transformers.

Western Denmark is connected to Germany through differ-
ent AC lines, along a corridor which is usually referred to as
east coast corridor. Three HVDC links (Skagerrak, KontiSkan
and Storebælt) connect Western Denmark to Norway, Sweden
and Eastern Denmark.

RG Nordic is connected to Continental Europe through
four additional HVDC links: NorNed (Norway-Netherlands),
Kontek (Eastern Denmark-Germany), Baltic cable (Sweden-
Germany) and SwePol (Sweden-Poland). Three other HVDC
links connect RG Nordic to RG Baltic: NordBalt (Sweden-
Lithuania), EstLink (Finland-Estonia) and Vyborg HVDC
(Finland-Russia).

A schematic representation of the transmission network is
depicted in Fig. 2. For illustration purposes, not all Danish
lines and substations are represented in this picture.

The market model is obtained by aggregating all the nodes
within each bidding zone and neglecting the internal networks.
Fig. 3 shows the different bidding zones in the Nordic area and
the equivalent interconnectors. ATCs on the interconnectors
are obtained from Nord Pool [1] for each hour of 2017.

E. HVDC and AC loss factors

Losses on HVDC links are calculated using the generalized
loss model presented in [24]. For a more detailed description
of HVDC losses, the interested reader is referred to [7].
TABLE III contains the quadratic, linear and constant loss
coefficients (a, b and c respectively) of the Nordic HVDC
lines. These parameters were provided directly by Energinet
and Svenska kraftnät (some of them are also available in [6]),

TABLE III
HVDC INTERCONNECTORS, LOSS COEFFICIENTS AND LOSS FACTORS

a b c α β

Storebælt .000025 - 1.7590 .0142 1.7590
Skagerrak .000017 - 8.2405 .0159 8.2405
Konti-Skan .000035 - 2.1616 .0156 2.1616
Baltic Cable .000041 - 1.6633 .0184 1.6633
SwePol .000045 - 1.5907 .0266 1.5907
Kontek .000031 - 1.9659 .0184 1.9659
Fenno-Skan .000026 - 4.6490 .0124 4.6490
Estlink .000033 - 4.4000 .0090 4.4000
NordBalt .000022 - 2.6478 .0132 2.6478
NorNed .000043 .0062 1.4971 .0373 1.4971

only the parameters of Estlink have been estimated based on
similarities with other lines.

Losses on AC interconnectors are produced by Joule effect,
proportional to the square of the current and the resistance of
the conductors. For those zones connected by multiple parallel
lines, an equivalent resistance has been used to calculate
the losses between these zones. For the sake of space, the
resistances of AC lines can be found in [18].

For the simulations in Section IV, quadratic loss functions
are approximated with linear and piecewise-linear functions.
The linear and constant coefficients of linear loss functions
are calculated in a similar fashion to [6], using the points
corresponding to zero flow and to the median of the flows
over the year 2017, only considering the hours with non-zero
flows. TABLE III displays the resulting loss factors, α and β,
of the Nordic HVDC interconnectors.

Finally, the piecewise-linear approximations are obtained
with the least squares regression method. As will be pointed
out in Section IV, for the sake of optimal distribution of
flows among lines, all segments must have the same length.
Fig. 4 shows the root mean square error vs. the computational
time for linear and piecewise-linear loss factors (the latter
with different segment lengths): the error is calculated as the
average error among all interconnectors while the computation
time is the time required to solve one instance (one hour) of
the market clearing problem with binary variables (Problem (1)
with constraints (2a)-(2d) or (3a)-(3h)). All simulations have
been run on a machine with an Intel Core 2.9 GHz CPU (4
cores, 32 GB of RAM), using YALMIP [25] and MOSEK [26].
As a trade off between accuracy and speed, the simulations
presented in the next section have been performed with 60-
MW segments.
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IV. NUMERICAL SIMULATIONS

In this section, the analysis on the introduction of loss
factors in the Nordic region is carried out. Five simulations
are run considering different loss factors at a time:

1) No loss factors
2) Linear HVDC loss factors
3) Piecewise-linear HVDC loss factors
4) Linear AC and HVDC loss factors
5) Piecewise-linear AC and HVDC loss factors

In each simulation, the market is cleared for each hour of the
year (8760 instances) using data from 2017.

The focus of the analysis is on the differences between
linear and piecewise-linear loss factors and between HVDC
and AC+HVDC loss factors.

It is important to mention that all the cost-benefit analyses
are limited to the introduction of loss factors in the intra-
Nordic interconnectors, that means Fennoskan, Skagerrak,
Storebælt, Kontiskan and only the AC interconnectors of
RG Nordic. Indeed, the power exchanges with neighboring
countries are fixed to the real exchanges, and so are the flows
on the interconnectors (becoming unresponsive to any change
introduced by loss factors).

A. Linear and Piecewise-linear HVDC Loss Factors

For this analysis, the outcomes of simulations 1, 2 and 3
are compared focusing on HVDC losses only. In simulation 1,
to make a fair comparison, HVDC losses are first “estimated”
solving the optimization problem (1). The estimated values
are then included as price-independent bids of TSOs in the
optimization problem, which is solved a second time. The
objective value of the latter is used for comparison with the
objective values of simulation 2 and 3. For the comparison of
losses, in each simulation HVDC losses are calculated ex-post
(after the market has been cleared, i.e. using the actual flows)
using the quadratic loss functions.

With the inclusion of HVDC loss factors in the market,
HVDC losses are implicitly considered when the market is
cleared. Since losses appear in the power balance constraint
(4), they represent an extra cost and the solver will try to
minimize them. Given that only HVDC losses are considered,
the solver will use HVDC interconnectors only if necessary,
i.e. in case of congestions in the AC system or for exchanges
between asynchronous regions.

For the same reason, when forced to use HVDC intercon-
nectors, the solver will look at which path produces the least
amount of losses. In case of linear loss factors, the slope of the
linear loss functions is the discriminating factor. This might
become a problem in a situation with different parallel HVDC
paths, as it is the case, for example, of Skagerrak, Kontiskan
and Storebælt in Western Denmark (Fig. 5 - left). In such a
situation, the solver will direct the flow over the line with the
smallest slope (in the left chart of Fig. 6, the blue one) and
only when its capacity is fully utilized it will start directing
the flow towards the line with the second smallest slope (the
orange one), and finally towards the remaining line (the red
one).

DK1

DK2

SE4

SE3

NO2

NO1
NO5

SE3

SE2

SE1

FI

Skagerrak
Kontiskan

Storebælt

Fennoskan

Fig. 5. Examples of flows on parallel HVDC paths (left) or on parallel AC
and HVDC paths (right).

With piecewise-linear loss functions, the solver finds the
path that produces the least amount of losses by moving back
and forth from one loss function to the other. As with linear
loss factors, it will start with the HVDC line with the smallest
slope. However, since the slope changes in the next segment,
the solver will start directing the power flow towards other
lines if the slope of those segments is smaller (in the right
chart of Fig. 6, all the blue segments). It will move back to the
first line only when there are no other segments with smaller
slopes, i.e. it will move to orange segments when the are no
more blue segments, and so on. In this way, the quadratic
nature of losses is better represented, allowing the solver to
identify the best path and better distribute the power flows
among the HVDC lines.

HVDC lines are mainly built by TSOs to increase social
welfare by relieving congestions and connecting asynchronous
areas. To incentivize more transmission investments, private
investors are allowed to commission some of these lines
(merchant lines), generating their profits through the trade
of electricity between the areas they connect. These projects
are proposed by private entities but approved by TSOs and
regulators, meaning that private profits must be aligned with
social benefits. In such a situation, discriminating HVDC lines
due to bad approximation of losses would unfairly result in lost
profit for the investors. This situation should be avoided and
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Fig. 6. Linear (left) and piecewise-linear (right) loss functions for Skagerrak,
Kontiskan and Storebælt. Dotted lines represent the quadratic loss functions
(from the bottom, Skagerrak, Storebælt, and Kontiskan). For illustrative pur-
poses, stand-by losses are not considered in this picture, although accounted
for in the simulation. .
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Fig. 7. Comparison of simulation 1, 2 and 3 with focus on HVDC losses.

can be avoided by using piecewise-linear loss factors.
The comparison of the three simulations is shown in

Fig. 7. The blue bars represent the decrease of HVDC losses
compared to simulation 1, set as reference, where losses on
HVDC interconnectors amount to 0.82 TWh. As explained
above, the piecewise-linearization allows the solver to take
decisions based on a better approximation of the quadratic
loss functions, resulting in a further decrease of losses of 22%
(from 7.3% of simulation 2 to 8.9% of simulation 3). The
reduction of losses is reflected in the system cost (yellow bars):
with linear loss factors the cost decreases by 1.21 million
Euros, with piecewise-linear by 1.55 million Euros (+28%).

It is interesting to notice that a further decrease of losses by
22% is followed by an increase of cost savings by 28%. This
happens because linear loss factors result in a bad approxi-
mation of losses which are often overestimated, meaning that
unnecessary power is provided by generators (at a higher cost
for society). This does not happen with piecewise-linear loss
factors as they better represent the quadratic loss function.

B. AC and HVDC Loss Factors

For this analysis, the outcomes of simulations 1, 2, 3, 4
and 5 are compared considering both AC and HVDC losses
(interconnectors only). As for the previous analysis, losses are
first “estimated” solving the optimization problem (1) and then
included as price-independent bids of TSOs in the optimization
problem, which is solved a second time. This is done for
AC and HVDC losses in simulation 1 and for AC losses in
simulation 2 and 3. As before, objective values are used for
comparison of cost savings and AC and HVDC losses are
calculated using the quadratic loss functions and the actual
flows (ex-post calculation).

As aforementioned, with the inclusion of HVDC loss fac-
tors, the solver will see HVDC lines as expensive alternatives
to AC lines, whose losses are not considered when the market
is cleared. So if there exist parallel AC and HVDC paths, the
solver will always prefer the AC option. This is the case, for
example, of Fennoskan, the HVDC link connecting Sweden
and Finland (Fig. 5 - right). In this case, if implicit grid loss is
implemented on Fennoskan and not on the AC interconnectors
SE3-SE2, SE2-SE1 and SE1-FI, the solver will always try to
reroute the power across the AC path. However, losses are
produced in the AC system as well and, by reducing the flow
on some HVDC interconnectors, we might disproportionately
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Fig. 8. Comparison of simulation 1, 2, 3, 4 and 5 with focus on AC and
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increase losses in the AC system. The only way to minimize
losses and maximize social benefits is to include loss factors
for AC interconnectors as well. By doing so, the solver will be
able to identify the path producing the least amount of losses.

The comparison of the five simulations is shown in Fig. 8,
where the blue bars represent HVDC losses, the red AC losses
and the yellow cost savings. As expected, in simulation 2
and 3, the reduction of HVDC losses comes together with an
increase of AC losses. The net reduction of losses is positive,
meaning that the introduction of only HVDC loss factors
can be beneficial. However, the results of simulation 4 and
5 shows that it is possible to decrease the sum of AC and
HVDC losses by 12% (compared to simulation 1, where losses
on all interconnectors amount to 2.42 TWh) by introducing
piecewise-linear loss factors for AC interconnectors, while
this is limited to 0.7% with only linear HVDC loss factors.
Concerning the cost savings, they increase moving from left
to right in Fig. 8, showing the progressive benefit of having
piecewise-linear loss factors and AC loss factors. In particular,
simulation 5 with piecewise-linear loss factors for both AC and
HVDC interconnectors results in cost savings of 4.82 million
Euros.

The negative cost savings in simulation 2 are explained
considering the bad approximation of the loss functions.
Indeed, now that we consider the AC losses as well, the net
reduction of losses is quite small (0.7%), meaning that all the
savings are cancelled out by the overestimation of losses, i.e.
the unnecessary power provided is more than the reduction
of losses. As expected, this does not happen in simulation
3, confirming that piece-wise linear loss factors are to be
preferred.

It is important to point out that the cost savings presented
in this chapter do not have to be compared to the cost
of HVDC losses presented in TABLE I. Indeed, losses can
only be minimized and not cancelled out. As mentioned in
the introduction, the loss factors transfer the cost of losses
from TSOs to market participants (in this sense the costs
in TABLE I are the cost savings for the TSOs) and help
reducing losses by the amount presented in these analyses,
with a consistent overall benefit for society.

V. CONCLUSION

Nordic TSOs have proposed to introduce loss factors for
HVDC lines to avoid HVDC flows between zones with zero
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price difference. The proposal has already gone through the
first stages of the process and it is currently under investigation
for real implementation in the market clearing algorithm. In
our previous work we developed a rigorous framework to
assess this proposal; however, the results showed that the
benefits of such a measure depend on the topology of the
investigated system. Therefore, in this paper, we develop
and present a detailed market model of the Nordic countries
that we use for testing different loss factor formulations.
The results show that there is room for improvement in
two directions. First, by using piecewise-linear loss factors.
This leads to a better representation of the loss functions,
resulting in further decrease of losses and higher cost savings.
Moreover, piecewise-linear loss factors allow for a better
distribution of power flows among interconnectors, avoiding
line discrimination (important in case of merchant lines).
Second, by introducing also AC loss factors. HVDC loss
factors disproportionately increase AC losses; the inclusion
of AC loss factors helps identifying the optimal paths that
produce the least amount of losses, maximizing cost savings.
Implementing such measures in real system is possible: for
instance, piecewise-linear loss functions are already used in
real power exchanges, e.g. New Zealand Exchange (NZX),
and several power markets in the US already use sensitivity
factors to determine AC losses.
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Sharing Reserves through HVDC: Potential
Cost Savings in the Nordic Countries

Andrea Tosatto, Matas Dijokas, Tilman Weckesser, Spyros Chatzivasileiadis and Robert Eriksson

Abstract—During summer 2018, the Nordic system’s kinetic
energy dropped below a critical level. As a consequence, Sven-
ska kraftnät, the Swedish transmission system operator (TSO),
requested the largest production unit to reduce its power output
to guarantee system’s security. This action resulted in a deviation
from the generation dispatch determined by the market and
in high costs for the Nordic TSOs. In this regard, this paper
presents a tool for comparing mitigation strategies from an
economic point of view and evaluates potential economic benefits
of utilizing the Emergency Power Control (EPC) functionality of
HVDC lines for the provision of fast reserves as a compliment to
Frequency Containment Reserves (FCR). Moreover, the analysis
is extended to the years 2020 and 2025 using inertia estimations
from the Nordic TSOs. The findings of the paper suggest that
the frequency of redispatching actions will increase in the future
and that the cost of security for Nordic TSOs could be reduced
by 70% if HVDC links are used for frequency support.

Index Terms—Emergency Power Control, Frequency Contain-
ment Reserves, frequency stability, HVDC transmission lines, low
inertia, N-1 security, Nordic synchronous area, power redispatch.

I. INTRODUCTION

AS governments across the world are planning to limit
greenhouse gas emissions, the penetration of renewable

energy sources has significantly increased in the last years.
During the last decade, the total installed wind power capacity
has increased from 159 to 651 GW on a global level. In 2019,
the global offshore wind industry had a record year with 6.1
GW of new additions. Denmark alone counted as 6% of the
new installed capacity, and forecasts show that investments
will not stop here [1]. On the one hand, this process repre-
sents the first step towards cleaner electricity systems; on the
other hand, it causes a shift from synchronous to inverter-
based non-synchronous generation, resulting in lower system
kinetic energy and reduced power systems robustness to grid
disturbances.

Electrical systems are built to continuously match the supply
of electricity to customer demand: any mismatch results in
a deviation of the frequency from its nominal value (50
Hz in Europe). Small frequency deviations are common
during normal operation, mainly caused by load volatility
and intermittent renewable generation. To distinguish between
normal frequency fluctuation and deviations caused by large
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imbalances, Transmission System Operators (TSOs) define
security thresholds and activate different balancing resources
depending on the size of the power deviation.

In the Nordic region (Denmark, Sweden, Norway and
Finland), also referred to as Nordic Synchronous Area (NSA),
normal system operation has a standard range of ±100 mHz
and Frequency Containment Reserves for Normal operation
(FCR-N) are deployed to keep frequency within the normal
band [2]. When frequency drops below 49.9 Hz, FCR for
Disturbances (FCR-D) are activated to mitigate the impact of
the disturbance and stabilize the frequency, while Frequency
Restoration Reserves (FRR) are used to restore the frequency
back to the nominal value. The maximum acceptable Instanta-
neous Frequency Deviation (IFD) is 1’000 mHz and, in case
frequency drops below 48.8 Hz, loads are shed to avoid system
blackouts [3].

The IFD that follows a disturbance depends on the size
of the power deviation, on the activation speed of reserves
and on the kinetic energy of the system (system inertia).
Indeed, kinetic energy stored in the rotating mass of the
system opposes changes in frequency after a disturbance and
represents the first inherent containment reserve. Due to the
replacement of conventional generation with RES, the system’s
kinetic energy is decreasing, leaving the system more prone
to high Rate of Change of Frequency (RoCoF) and larger IFD
[4].

The methodology for calculating the FCR-D requirement
consists in a deterministic approach which aims at limiting
the frequency deviation to 0.9 Hz after the dimensioning
incident, taking into consideration the kinetic energy of the
system, the frequency-dependent load and the available FCR-
D capacity [5]. The considered dimensioning incidents (DI)
are the loss of critical components of the system, such as large
generators, demand facilities and transmission lines. Since
this calculation depends on the kinetic energy of the system,
the lowest experienced level of kinetic energy is used, i.e.
120 GWs after the DI. Given the ongoing displacement of
synchronous generation, the current requirement might result
in insufficient FCR-D dynamic response during low inertia
periods, raising concerns among TSOs.

Currently, the dimensioning incident in the NSA is the
loss of Oskarshamn 3 (O3), a 1’450 MW nuclear power
plant in Sweden (located in the bidding zone SE3) operated
by Oskarshamn Kraftgrupp (OKG) [6]. The method and the
results presented in [7] show that, with the current FCR-
D requirement, the maximum IFD is exceeded when the
Nordic kinetic energy drops below a certain threshold (around
150 GWs with the current dimensioning incident), unless
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mitigation measures are taken. This has already happened three
times in 2018 (June 23-25, July 6-9 and August 11-12) [8].
During these three periods, the loss of O3 would have caused
an IFD greater than 1’000 mHz, violating the N-1 stability
criterion.

To avoid this risk, the Swedish TSO (Svenska kraftnät - Svk)
ordered OKG to reduce its power output by 100 MW. TSOs
are responsible for safe operation of power systems and can
give orders to market participants at any market stage (real-
time, intra-day, day-1, day-2, day-x) if the system security
is in danger. However, this operation comes with high cost,
since the affected producers should be compensated for the
incurred costs and the substitute power must be procured
outside the market operation [9]. This mitigation strategy
falls in the category of preventive actions, which aim at
eliminating causes of potentially dangerous situations before
these happen [10]. The following question arises: are there
more cost-efficient options which guarantee safe operation
while avoiding expensive redispatching actions?

Decrease of kinetic energy in modern power systems is
becoming a common experience of system operators around
the world. The first cases date back to 2010 in Ireland, where
the Irish system operators (EirGrid and SONI) identified high
RoCoF values as potential security problems [11]. In the
following years, similar situations were experienced in other
small islands, such as Cyprus, Hawaii and New Zealand [12]–
[14]. More recently, the same problems have reached larger
islands, such us Great Britain and Australia, where large part
of the electricity demand is supplied by renewable sources
[15], [16]. Although large interconnected systems have not
experienced such situations yet, many system operators, Cali-
fornia Independent System Operator (CAISO) and Electricity
Reliability Council of Texas (ERCOT) among others, have
performed analyses to calculate the maximum amount of RES
their systems can accommodate without experiencing such
problems [17]–[19]. As more and more system operators are
facing these challenges, many technical and regulatory solu-
tions have been proposed in the literature. In [20], the authors
compare different mitigation approaches from a technical point
of view, raging from synthetic inertia to more complex control
strategies. They also analyze what could be the impact of
regulatory measures such as new market constraints, demand
side inclusion and adaptive protection schemes. The situation
of Ireland is analyzed in [21]–[23]; in particular, authors in
[21] compare three mitigation strategies - RoCoF relay setting
relaxation, minimum inertia level in the market and provision
of synthetic inertia - with dynamic simulations, conveying that
relaxing the settings of RoCoF relays has the most influence
in minimizing the risk of frequency instability. Similar studies
have been carried out also for the UK, showing that with the
current requirements for FCR the frequency nadir and RoCoF
exceed respectively 49.0 Hz and 0.125 Hz/s [24], [25].

Besides conventional generators, frequency support can be
provided by other components capable of injecting active
power into the grid, e.g. High-Voltage Direct Current (HVDC)
lines. According to [26], the control scheme of all HVDC
converters must be capable of operating in frequency sensitive
mode, i.e. the transmitted power is adjusted in response to a
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Fig. 1. Synchronous areas, HVDC interconnections and dimensioning incident
(Oskarshamn 3) [27], [28]. Dashed lines are expected to be operational by
2025.

frequency deviation. For this reason, an HVDC link connecting
asynchronous areas can be used as a vehicle for FCR-D: to
limit the IFD in case of a disturbance, the necessary active
power can be imported from the neighboring system in the
form of Emergency Power Control (EPC). Given the high
number of interconnections formed by HVDC lines between
NSA and the neighboring areas (see Fig. 1) and the introduc-
tion in the Nordic market of a new FFR product expected by
summer 2020, this corrective action could represent a valid
alternative to expensive preventive redispatching. The current
EPC activation method is based on step-wise triggers: when
the frequency drops below a certain threshold, a constant
amount of power is injected through the HVDC link, depend-
ing on the level of inertia. Although already implemented [9],
HVDC EPC is currently not in use.

The utilization of HVDC interconnectors for frequency
support has been largely investigated from a technical point
of view [29]–[34]; however, limited work has been done on
the evaluation of the related economic benefits. This is the
case also for other mitigation strategies, e.g. [20]–[23], which
are in general analyzed based on their technical properties.
The only document referring to the potential costs of these
remedial actions is [9]; however the discussion always remains
qualitative. In this regard, the contributions of this paper are:

• a quantitative analysis on the costs of different remedial
actions, focusing on the EPC functionality of HVDC links
for the provision of frequency support;

• the design of a decision-making support tool for deciding
how to act in case of low inertia situations, not only from
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a technical but also from an economic point of view;
• the comparison of different mitigation strategies and the

corresponding cost savings on the Nordic Synchronous
Area.

The analysis is carried out for three scenarios (2018, 2020,
2025), using historical data from Nord Pool (2018), and inertia
estimates from the Nordic TSOs (2020-2025). The costs of the
remedial actions are calculated based on historical data from
the past 5 years, considering the distribution of the average
price obtained via data re-sampling, making this paper the
first effort to calculate these costs in a quantitative manner.

The rest of the paper is organized as follows. Section II pro-
vides a brief overview of the Nordic power system. Section III
introduces the decision-making support tool and which data is
used for the three different scenarios. Section IV presents the
under frequency regression model used to determine the IFD
based on the kinetic energy of the system. Section V describes
in detail the current paradigm and some alternative remedial
actions, focusing on some technical considerations. Section VI
introduces the market considerations and price scenarios used
for the calculation of the related costs. Section VII presents
the cost saving analyses and Section VIII concludes.

II. NORDIC SYNCHRONOUS AREA

A synchronous area (SA), also referred to as regional group,
is a group of power systems that are connected and operate
under the same frequency. In Europe, there are five main
synchronous areas [28]:

• Continental Europe SA;
• Nordic SA;
• Baltic SA;
• British SA;
• Ireland/Northern Ireland SA.
The system of interest – Nordic SA, or NSA – consists of

four countries: Norway, Sweden, Finland and East Denmark
(see Fig. 1). West Denmark is synchronously connected to Ger-
many, thus belongs to Continental Europe SA. The generation
mix in the Nordic countries can be found in the ENTSO-E
Transparency Platform [35]. Almost half of the generation in
East Denmark comes from renewable sources (onshore and
offshore wind, solar, biomass and waste), while the remaining
is fossil fuel based (natural gas, coal and oil). In Norway, more
than 90% of electricity is produced by hydro power plants.
Hydro power plants contribute to half of the generation in
Sweden as well, the remaining capacity is divided between
nuclear power plants, wind farms and oil-fired thermal units.
In Finland the generation mix is more heterogeneous; half of
the Finnish electrical energy is produced by nuclear power
plants and coal-based thermal units.

The grand total installed generation capacity was 91.66 GW
in 2018, and it has gradually increased to 97.2 GW in the
last two years. Overall, the region is water resource rich,
hence majority (about 50%) of electricity production comes
from hydro power plants. The second source of generation is
thermal (about 20%) and nuclear comes third (about 12%).
The penetration of RES has gradually increased from 11.1
GW (12%) in 2018 to 14.5 GW (15%) in 2020, as Sweden

and Norway are installing a large number of onshore wind
turbines. The total demand ranges from 26.4 to 60.1 GW, with
the minimum and the maximum respectively during summer
and winter. With a similar trend, the total system kinetic energy
ranges from 100 to 300 GWs. Based on the system data, NSA
is comparable to the British SA and it is not immune to high
frequency deviations during low-inertia operation.

In terms of interconnections to neighboring asynchronous
areas, NSA is connected to Continental Europe SA through
seven HVDC links: NorNed (Norway-Netherlands, 700
MW), Skagerrak (Norway-West Denmark, 1’632 MW), Kon-
tiSkan (Sweden-West Denmark, 720 MW), Storebælt (West
Denmark-East Denmark, 600 MW), Kontek (East Denmark-
Germany, 600 MW), Baltic cable (Sweden-Germany, 600
MW) and SwePol (Sweden-Poland, 600 MW). In addition,
Kriegers Flak (Combined Grid Solution) will provide con-
nection between East Denmark and Germany starting from
August 2020 (AC cable and back-to-back HVDC converter,
400 MW), integrating offshore wind farms along its path.
Finally, three other HVDC links connect NSA to Baltic SA:
NordBalt (Sweden-Lithuania), Estlink (Finland-Estonia) and
Vyborg HVDC (Finland-Russia).

A. Future Scenarios

As mentioned in several Nordic TSOs reports [9], [36], the
Nordic power system is undergoing substantial changes. The
main drivers are climate policies, which in turn stimulate the
development of more Renewable Energy Sources (RES), tech-
nological developments, and a common European framework
for markets, operation and planning. As a consequence, the
following events are expected in the next years [36]:

• Closure of fossil-fuelled thermal power plants and reduc-
tion of CHP plants;

• Installation of a large amount of wind power capacity to
meet political agreements;

• Decommissioning of Swedish nuclear power plants and
construction of new nuclear power plants in Finland;

• Construction of new HVDC interconnectors between
NSA and neighboring areas.

In order to assess the impact of the ongoing and foreseen
changes on the kinetic energy of the system, future market
scenarios have been defined by the Nordic TSOs. In [9], a
scenario for 2025 is presented: the scenario is constructed as a
best-estimate scenario, i.e. it describes the market development
that is considered most probable.

In brief, the grand total installed generation capacity is
expected to increase by 6.2 GW. The new capacity from RES
is expected to be 8.44 GW, of which 6.72 GW of wind power,
while the closure of fossil-fuelled thermal units will decrease
synchronous generation by 2.24 GW. The demand is expected
to increase by 6%, mainly due to growing population and
electrification of vehicles and railroads.

In terms of new connections, three HVDC links are expected
to become operational between 2020 and 2025 (dashed lines
in Fig. 1): North Sea Link (Norway-UK, 1’400 MW) and
Nord Link (Norway-Germany, 1’400 MW) in 2021 and Hansa
PowerBridge (Sweden-Germany, 700 MW) in 2025 [36].
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III. DECISION-MAKING SUPPORT TOOL

The ongoing decrease of system inertia is classified as one
of the major future challenges for the Nordic Power System
[36]. For this reason, all Nordic TSOs (Energinet - Denmark,
Svenska kraftnät - Sweden, Statnett - Norway, and Fingrid -
Finland) have implemented in their SCADA systems an online
tool for estimating the inertia of the system and the corre-
sponding maximum IFD [9]. These tools are used to estimate
the inertia level, and the corresponding maximum IFD, from
seven to one day before operation based on production plans;
however, they can be used also for forecasting future inertia
levels based on market simulations.

In this paper, we propose an algorithm which extends these
online-estimation tools. First, the inertia level of the system
and the corresponding IFD are estimated. If the frequency
limits and N-1 security criterion are violated, different mitiga-
tion strategies are then compared, both from a technical and
an economic point of view. The flow chart of the proposed
method is depicted in Fig. 2.

The first block relates to the estimation of system inertia.
This calculation is performed considering which units are
online, or will be online. There could be different input for
this, such as hourly production values from power exchanges,
production measurements per production type, measurements
of power plants, status of generators’ circuit breaker, and so
on. The length of the simulation period and the time resolution
are also defined at this stage, meaning that the analysis can be
performed for the next hour, but also for longer periods (e.g.
an entire year) with hourly, or longer, time resolution.

The second block corresponds to the estimation of the
maximum IFD. For this calculation, the frequency response
model of the system under investigation is used. This can
be a dynamic, e.g. single- or multi-machine equivalent, or a
statistical model. The input to this block is the frequency of
the system, the reference incident and the inertia estimates (the
kinetic energy reduction due to the reference incident can be
considered as well).

Once the maximum IFD is calculated with the desired time
resolution, these values are compared to the maximum allowed
IFD of the system. If the requirements are not violated,
then there is no need for further analyses and the algorithm
goes directly to the conclusion; otherwise, different mitigation
strategies are compared in the following blocks.

A large variety of mitigation strategies can be applied in
order to guarantee N-1 security in low-inertia situations [9],
[20]. Depending on the inertia level of the system, the entity
of these actions could vary significantly. The scope of the
technical analysis is to calculate the entity of each action, e.g.
how much the reference incident should be reduced, or how
much extra support to FCR-D is necessary. This calculation is
normally performed and validated with dynamic simulations.

After the technical analysis has been performed, the cost
of each strategy is calculated taking into consideration the
different market stages where these actions are performed. The
input to this blocks are different market considerations and the
expected evolution of prices in the upcoming period. Once the
costs are calculated, it is possible to compare the analyzed
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IFD > IFDmax
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Mitigation
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1

Mitigation
Strategy
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Fig. 2. Sequence diagram of the algorithm comparing different mitigation
strategies.

strategies from an economic point of view and choose the one
which results in least costs.

In this paper, the cost saving analysis starts with the events
of 2018, and continues with two scenarios for the years 2020
and 2025. As power system data is considered sensitive by
Nordic TSOs, the comparison of the two remedial actions
considered in this paper varies across scenarios based on the
availability of data. The three scenarios and the corresponding
data are further described in this section.

A. Summer 2018

During Summer 2018, the inertia of the Nordic System
dropped below the safety level three times. The length of
the periods and the limitations on the largest unit, O3, have
been communicated by Svk through Urgent Market Messages
(UMM) in the Nord Pool Online Platform [8]. The three
periods are:

- June 23-25: duration 50 hours, dimensioning incident
reduced by 100 MW;

- July 6-9: duration 75 hours, dimensioning incident re-
duced by 100 MW;

- August 11-12: duration 41 hours, dimensioning incident
reduced by 100 MW.

During these periods, the kinetic energy of the system was
not always below the security threshold; however, for security
reasons and technical limitations (ramping limits and costs),
the output of O3 was reduced for the entire length of these
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periods. As the duration of these events and the entities of the
reduction are known, only the comparison of the two remedial
action is performed for this scenario (thus starting directly
from the technical analysis).

B. Scenarios 2020 and 2025

The kinetic energy stored in the system, Ek, is proportional
to the rated apparent power of synchronous generators con-
nected to the grid, S, and their inertia constants, H:

Ek =

N∑

i=1

HiSi (1)

Thus, in order to estimate the kinetic energy in the system, it
is necessary to know which generating units will be online.
To this end, Svk has performed a large number of market
simulations for the upcoming years [37], [38]. The resulting
market outcomes, i.e. the production of generating units and
the flows over HVDC interconnectors, have been used to
estimate the inertia level of the system for these years.

The market simulations are carried out using the EFI’s
Multi-area Power-market Simulator (EMPS) with the SAM-
LAST functionality [9]. The EMPS model is a market sim-
ulation tool, designed for power systems with high shares of
hydro power plants, which comprises a strategy evaluation and
a system simulation part [39]. The strategy evaluation consists
in the calculation of incremental water values (marginal costs
for hydro power) for each area using stochastic dynamic
programming. These values are then used in the simulation
part, where an optimization problem is solved to determine
the production of hydro and thermal power plants. The gener-
ators dispatch is then analyzed with the SAMLAST program,
which performs load-flow analyses using detailed grid models
[40]. If grid constraints are violated, SAMLAST reduces the
available transmission capacities between areas and update the
optimization problem with the new capacities. In principle,
the final solution will coincide with the outcome of a well-
functioning electricity market.

The market model used for the simulation comprises more
than 1’200 hydro power plants and all thermal units with
capacity greater than 100 MW [9]. The countries included
in the model are Sweden, Denmark, Norway, Finland, Latvia,
Lithuania and Estonia, while the neighboring countries (Ger-
many, Poland, the Netherlands and the UK) are described with
fixed prices [9]. For the 2020 scenario, revisions of nuclear
power plants is taken into consideration [41]–[43]; since these
events are scheduled 2 years in advance, they are not accounted
for in the 2025 scenario. Instead, two different scenarios are
considered for the year 2025 based on the decommission of
nuclear power plants:

1) 2025 - Full nuclear (FN): market simulations based on
the current situation, with nuclear power plants fully
dispatched.

2) 2025 - Half nuclear (HN): market simulations with
half of the nuclear production replaced by wind and
solar production and HVDC imports (all inverter-based
generation).

These scenarios are further described in a previous report
from ENTSO-E [44], and comprise the foreseen changes
introduced in Section II-A, i.e. estimations on future wind
power installed capacity, information on synchronous genera-
tion plants decommission and new HVDC interconnections.

As there is a strong correlation between weather conditions
and system inertia, e.g. in dry periods with low rainfall the
production of hydro power plants is replaced by HVDC im-
ports leading to low inertia levels [36], the weather conditions
assumed for 2020 and 2025 highly impact the results. In
order to capture a greater variety of possible conditions, each
market simulation (for the years 2020 and 2025) is performed
several times; each time, different meteorological conditions
are applied (see Fig. 3). The meteorological dataset used
by Svk comprises the years between 1980 and 2012. Each
simulation is run for a time-series corresponding to the whole
year with a resolution of 3 hours [9].

The validation of the market model was performed compar-
ing the outcome of the simulation for the year 2014 with the
actual data [9]. In general, the model captures the seasonal
behaviour of generation of both hydro and thermal units, with
some minor errors. For example, the production of thermal
plants is underestimated during summer because the model
does not comprise start-up costs and reserve requirements,
which results in thermal units to stop producing for short
periods.

The outcome of the market simulations determines which
units are online, which in turn are used to estimate the kinetic
energy in the system at each time instance. For each time
instance, the kinetic energy is calculated by summing the
product of the inertia constant and the rated apparent power of
all online synchronous generators. Most of the inertia constants
and rated apparent powers of synchronous units are available
from the Nordic grid model datasets, for the others average
inertia constants have been used. For those generators modules
with more than one unit, the capacity of already online units
is fully utilized before considering online other units.

The results of the simulated hydrological years have been
condensed into three cases:

Inertia calculation with different hydrological dataset

Hydrological dataset 1

Hydrological dataset 2

Hydrological dataset n

Market simulation
Online units Inertia calculation

using Eq. (1)

Analysis of the results and identification of the different scenarios

Worst case:
Dry year = Low inertia

Most probable:
Medium inertia

Best case:
Wet year = high inertia

Fig. 3. Determination of inertia scenarios based on simulations with different
meteorological data.
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1) Low-inertia: dry hydrological year, resulting in low
inertia;

2) Medium-inertia: average hydrological year, resulting in
average inertia;

3) High-inertia: wet hydrological year, resulting in high
inertia.

These cases have been selected because they correspond to
the ”best case” (high inertia), the ”worst case” (low inertia)
and the ”most probable case” (medium inertia).

The calculated values of kinetic energy are then given as
input to the frequency response model, which is explained in
details in the next section.

IV. FREQUENCY RESPONSE MODEL

The goal of kinetic energy estimation is to verify that the
N-1 criterion is satisfied, that is to confirm that the loss of
the dimensioning incident would not lead to an IFD greater
than the maximum allowance. In the following, the relation
between system inertia and IFD is presented, together with
the statistical model used for the analyses presented in this
paper.

As mentioned above, IFD depends on power deviation,
system inertia and activation speed of reserves. Assuming
that generators swing coherently and neglecting the frequency
dependency of the load, the system dynamics can be modeled
by a single machine equivalent and its behavior can be
expressed using the normalized swing equation [45]:

2H
dωr

dt
= Pm − Pe (2)

where H is the inertia constant of the system, ωr is the
generator speed and Pm, Pe are respectively the mechanical
and electrical power of the system. The aggregate system
inertia H can be related to the kinetic energy Ek with the
following expression:

H =
Ek

Sn
(3)

where Sn is the system’s base power. In such a reduced
system, the rotor speed ωr of the single machine equivalent is
directly related to the system frequency f :

ωr =
2πf

2πf0
(4)

where f0 is the nominal system frequency. RoCoF can be
obtained by plugging Eq. (3) and (4) into Eq. (2):

df

dt
=

f0
2Ek

∆P (5)

where ∆P = (Pm−Pe)Sn is the mismatch between mechan-
ical and electrical power. An expression of the IFD, ∆f , can
be derived by taking the Laplace transform of Eq. (5):

∆f =
f0
2s

∆P

Ek
. (6)

The single machine equivalent described above can be
extended including primary frequency reserves. The IFD is
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Fig. 4. Maximum instantaneous frequency deviation relative to the ratio be-
tween power imbalance and kinetic energy of the under-frequency regression
disturbances in [7].

then expressed as in [7]:

∆f =
f0
2

s+ RF (s)f0
2Ek

∆P

Ek
(7)

with F (s) the transfer function of primary reserves, describing
the dynamics of governor and turbine, and R the regulating
strength in MW/Hz.

Eq. (7) shows the strong correlation between RoCoF and
IFD. With the assumption that the ratio between regulating
strength and kinetic energy is constant for a system with high
regulating strength, the authors in [7] approximate Eq. (7)
using a linear regression model. The regressions are expressed
as:

∆fover ≈ αover
∆P

Ek
+ βover (8)

∆funder ≈ αunder
∆P

Ek
+ βunder (9)

with the assumption that the transfer function of primary
reserves is not the same for under and over frequency events.

The regression analysis was carried out using respectively
19 and 26 disturbance events (occurred in the period between
October 2015 and September 2016 in the Nordic system) for
under and over frequency deviation, under the assumption that
FCR-N were fully activated (frequency deviations start at 49.9
Hz) and provided similar response during each disturbance.
Fig. 4 shows the 19 disturbances used to determine the under
frequency regression model. The model was then validated
using historical disturbances from October 2016 to September
2017, with the resulting standard deviation equal to 0.035 Hz
and 0.048 Hz for under and over frequency response. This
regression model is currently the most accurate model for
estimating the IFD based on the kinetic energy in the NSA
and it is used in Nordic TSOs’ control rooms to investigate
frequency instability problems [9].

The regression model is used in this work to determine the
IFD for the 2020 and 2025 scenarios, using the kinetic energy
estimations from the above mentioned market simulations. For
each instance, the kinetic energy estimate is given as an input
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to the linear regression model (Eq. (9), with αunder = 0.0757
and βunder = 0.0369), which returns the corresponding IFD.
The IFD is then compared to the maximum allowed IFD.
According to current TSOs practice, a safety margin of 0.05
Hz is kept and the maximum allowed IFD is 950 mHz. If the
IFD is below this value, then the N-1 criterion is satisfied
and no redispatch is necessary, so the algorithm moves to
the next instance. When the IFD is greater than 950 mHz,
the algorithm proceeds to compare the differnet mitigation
strategies considered.

V. REMEDIAL ACTIONS: TECHNICAL CONSIDERATIONS

Remedial actions are defined as the set of measures applied
by TSOs to maintain operational security and relieve conges-
tions. According to the Network Code on System Operation
[10], remedial actions can be divided into:

- Preventive actions: measures applied in operational plan-
ning or scheduling stage to prevent dangerous situations
and maintain system security in the coming operational
situation.

- Corrective actions: measures implemented immediately
or relatively soon after an occurrence of a contingency.

In this paper we consider two remedial actions taken to
meet the maximum allowed IFD during low inertia periods,
fulfilling the N-1 security criterion. This section starts with the
explanation of the current paradigm, the preventive reduction
of O3 followed by upward regulation of reserves. We then
investigate an alternative corrective action where HVDC con-
tributes to frequency stability. For the sake of completeness,
we conclude this section discussing in brief other remedial
actions.

A. Current Paradigm - DI Reduction

The current practice in case of low inertia periods is the
preventive reduction of the dimensioning incident, i.e. the
largest production unit, O3. For example, if the maximum
disconnected power the system can handle is 1’300 MW, the
power output of O3 is reduced by 150 MW.

According to TSOs’ current practice, the dimensioning
incident is usually reduced by blocks of 50 MW. Moreover, a
certain security margin is kept and the redispatch is performed
few hours before and after the low-inertia event. Due to
technical limitations, nuclear units might need few hours to
ramp down (normally 8 hours) and, depending on the length
of the reduction period, they might take from 6 to 72 hours
to get back to their nominal power output (for example, if
the limitation is performed for up to 80% of the operational
period, the output cannot be increased for the remaining time)
[9]. For these reasons, if the frequency limits are exceeded
twice (or more) within 36 hours, the dimensioning incident is
reduced for the whole period (and the maximum reduction is
applied).

Fig. 5 shows the power limitation on O3 (orange plot)
depending on the level of inertia. These values are obtained
through dynamic simulations using a single machine equiv-
alent model of the Nordic power system. The parameters
of the model are tuned based on the frequency response of
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Fig. 5. Required DI reduction and injected power by HVDC EPC, respec-
tively, to maintain the N-1 security criterion in the Nordic system with low
inertia.

the system to some real disturbances happened in the Nordic
system. The model has been validated and is currently used
by Nordic TSOs in their control rooms. For this analysis,
the reference incident is applied with varying system inertia
and the IFD is calculated. The model considers that FCR-
N are already fully activated and the frequency deviation is
calculated starting from 49.9 Hz. With an IFD greater than
0.9 Hz, the reference incident is decreased until the frequency
limits are not exceeded anymore.

B. HVDC Emergency Power Control

As electricity markets are becoming increasingly integrated
towards a common European market, TSOs have started
exchanging balancing energy products through common Eu-
ropean platforms. With this purpose, new cooperation projects
have been kicked off. For example, the International Grid
Control Cooperation (IGCC) project aims at minimizing the
activation of aFRR in neighboring control areas in case of
imbalances in opposite directions [46].

In a similar fashion, TSOs could use HVDC links for shar-
ing FCR-D, decreasing the risk of frequency violations dur-
ing low inertia periods. Indeed, HVDC converters, equipped
with fast frequency controllers, can adjust the power flow
in response to frequency deviations. In the Nordic countries,
this control mode is referred to as Emergency Power Control
(EPC). This measure falls in the category of corrective actions:
in low inertia periods, although the dimensioning incident
would lead to an IFD greater than 1 Hz, the output of O3 is not
reduced in advance. In case the dimensioning incident occurs,
EPC is immediately activated and the power necessary to keep
the frequency within the limits is injected through HVDC.

Different control strategies can be used to define the re-
sponse of HVDC converters. The currently implemented strat-
egy is based on step-wise triggers: depending on the size of the
power deviation and the corresponding frequency variation, a
constant amount of power is injected to improve the frequency
response of the system. Authors in [29] presented a new
approach based on droop control, where the power injection
varies taking into consideration the actual frequency response
of the system (instead of injecting a fixed amount of power)
to achieve a faster response compared to the current strategy.
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However, detailed technical analyses of such control strategies
are outside the scope of this paper and for the comparison
of the two remedial actions the current implemented strategy
(step-wise trigger) is considered.

Similar to the analysis done for DI reduction, the nec-
essary power injected through HVDC links depending on
the inertia level of the system is plotted in Fig. 5 (blue
plot). The analysis is carried out with the single machine
equivalent model described above. Similar to the work in
[29], the frequency response of the system is analyzed with
varying system inertia: the reference incident is applied and
the frequency nadir is calculated. The contribution of HVDC
links to frequency stability is assessed considering that all
HVDC links have a single-step injection, the same triggering
level and the same time threshold. As pointed out by the
authors in [29], the triggering level has a great impact on the
system response: the greater the frequency dead band, the more
power must be injected. Our analysis are carried out using the
frequency dead band values provided in [9]. It is no surprise
that more power shall be injected through HVDC compared
to the reduction of the incident, as the frequency dead band
makes the contribution of HVDC links less effective. However,
reservation of HVDC capacity and procurement of reserves
for HVDC EPC are only needed for those hours when the
frequency can fall below 49.05 Hz whereas the reduction of
the dimensioning incident would be prolonged for more hours
due to technical limitations.

The cost saving analysis focuses on four interconnectors -
Kontek (KO), Baltic Cable (BC), NorNed (NN) and SwePol
(SP) - and the injected power is equally shared by the four
links. Since TSOs must guarantee the security of the system,
available transmission capacities given to the market already
consider what remedial actions are taken in case of dimen-
sioning incident. Moreover, this remedial action is used only
to contain the frequency within the limit while the frequency
restoration is assumed to use local reserves. It follows that the
power injections last for a very short period, in the range of
minutes, during which the thermal limits of AC cables can be
exceeded to some extent. Thus, a possible congestion of the
AC system does not prevent the utilization of any remedial
action, in particular HVDC EPC.

The ongoing standardization of frequency stability services
and unification of ancillary service markets leave the door open
to new agreements between balancing entities for improving
the security of the system while reducing the costs for energy
consumers. In this frame, the utilization of HVDC links for
sharing FCR-D or FFR could represent the first joint effort to
secure different synchronous areas and prepare the system to
large frequency deviations during low inertia periods. Indeed,
this is the main difference with the IGCC project, as the latter
aims at reducing the costs related to unnecessary activation
of frequency reserves, while the purpose of HVDC EPC is to
provide additional support to local FCR-D when necessary.

C. Other Remedial Actions

When considering other mitigation strategies, these can be
distinguished according to the time frame of their applicability.
A series of short-term strategies could be the procurement of

additional FCR-D, the utilization of certain thermal and hydro
power units as synchronous compensators, the installation
of new synchronous condensers and the decrease of non-
synchronous generation, imports from HVDC connections and
loads [9].

Among the medium-term strategies, new market products
for frequency support, e.g. Fast Frequency Reserves (FFR),
are probably the most interesting solution [47]. Another op-
tion is to adjust the existing controllers of non-synchronous-
connected production units for providing synthetic inertia [48].

Finally, the adjustment of protection schemes reacting to
high RoCoF and low frequencies [20], the implementation of
inertia constraints in market or dispatch algorithms and the
introduction of new inertia products [49], [50] can be seen as
long-term strategies.

All these remedial actions have their benefits and draw-
backs. Their costs vary greatly depending on the system
under consideration, thus the comparison of these actions is
case sensitive. In the next section, these costs will be briefly
discussed.

VI. REMEDIAL ACTIONS: MARKET CONSIDERATIONS

In this section, the market considerations and price scenarios
for the cost saving analyses are presented.

A. Redispatching Costs and Regulating Prices

The downregulation of O3 is considered as a redispatching
action. Normally, redispatch happens after the day-ahead and
intra-day markets have been cleared: this is done to avoid the
distortion of the market outcome. Generators and consumers
have to submit their final dispatch 45 minutes before real time
operation; in this time frame, TSOs check if the actual dispatch
violates grid constraints. If this happens, they downregulate
and upregulate some units. In the Nordic countries, this is done
following a market-based approach: generators and consumers
submit their bids for up/down regulation, the real-time market
is cleared and the prices for up/down regulation are defined
[51]. Although each Nordic TSO is responsible for the real-
time power balance in their control zone, there is a common
regulating power market operated by Nord Pool. This is done
to reduce balancing costs and to increase the competition
between balancing responsible entities.

In case of low inertia periods, the security of the system
is considered in danger and a different regulation applies:
Svk can communicate the limitation to OKG at any market
stage. When this measure is used, the producer should receive
market compensation for the costs associated with the power
limitation. First, by decreasing its power output, the producer
incurs opportunity costs that are equal to what they would
have received for producing an amount of power equal to the
power reduction. Second, by moving away from the nominal
power output, extra costs are incurred due to lower efficiency
(as a rule of thumb, for nuclear power plants, one can say
that half of the fuel which is not used during the power
reduction is lost and cannot be used later on) [9]. Third, the
decrease of power production of nuclear power plants results
in a temperature transient, inducing a cumulative aging of the
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unit and increasing the risk of failure [9]. All these things are
taken into consideration by Nordic TSOs and OKG receives
a financial compensation, as stated on a bilateral agreement
between Svk and OKG.

In this paper, we consider that low-inertia events are forecast
after the day-ahead market is cleared, and thus the reduction
of O3 is performed similarly to normal redispatching:

- OKG is compensated for the opportunity cost of not
producing 100 MW (the compensation was equal to 49
SEK/MWh - approx. 4.64 e/MWh);

- OKG is compensated for reduced efficiency and other
costs associated with the power limitation (fixed amount
equal to 50’000 SEK - approx. 4’740 e);

- The substitute power is procured form other generators
in the regulating market (Nord Pool regulating price
e/MWh [52]).

Although there might be some small changes in the bilateral
agreement between OKG and Svk (a new version is expected
for 2020), we calculate the financial compensation in the 2020
and 2025 scenarios using the values from 2018.

Concerning the regulating power prices, all three low-
inertia events in 2018 happened during summer (June to
August). Therefore, in all our scenarios we assume that the
redispatching will most probably occur in the summer period.
The distribution of regulating prices for the last 5 years is
shown in Fig. 6 (left): prices are calculated as the average price
in the 12 Nordic bidding zones during a specific hour [52].
Since market forecasts for the year 2020 or 2025 are out of the
scope of this work, reasonable prices are calculated through
data re-sampling. Fig. 6 (right) shows the distribution of the
average price obtained by randomly sampling 2’232 prices out
of the 11’160 considered (this action is repeated 10’000 times).
From the distribution, three price scenarios (high-medium-
low) are obtained considering the 5th, 50th (median) and the
95th percentile. These prices, as well as the average price for
summer 2018, are reported in TABLE I.

It is important to notice that, if the downregulation is
performed before the day-ahead market closure, the out-of-
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Fig. 6. Left: Nordic regulating power prices during the summer period
(calculated for every hour as the average price in the 12 bidding zones).
Right: distribution of the average price obtained after data resampling. Blue
dashed lines are respectively the 5th and 95th percentiles, while the red one
is the median.

pocket costs incurred by TSOs would be lower since the
substitute power is supplied by other generators within the
market operation. However, this happens at the expense of
society, as more expensive generators will produce this power.
If there is an increment in day-ahead prices, all the consumers
are subject to socio-economic loss.

B. HVDC Reservation and FCR Procurement Costs
The utilization of HVDC lines for frequency support relies

on the fact that there is enough transmission capacity available
on the HVDC interconnectors, and that there is a certain
availability of frequency reserves on the neighboring systems.
As for now, there seems to be no regulation about how these
can be procured on a market basis. In order to assess what
could be the cost of this remedial action, we envision a
possible future situation where there is a European market
for reserves, and Nordic TSOs are requested to procure the
necessary primary reserves through this platform. In fact, this
seems to be the direction that European countries are taking,
as described in [53] for automatic activated FRR. Moreover,
the reservation of HVDC capacity is assumed to come with a
cost. This is considered also in [9], where they assume there
might be a reservation cost for HVDC in the future.

However, it cannot be excluded that Nordic TSOs might
sign an agreement - similar to IGCC - with neighboring TSOs
for the exchange of reserves in situations where operational
security is in danger (or at any time in order to increase the
level of security); or that HVDC capacity will not be reserved
at a cost, as there are 100 MW of available capacity on the
considered lines for 70% of the time on a yearly average
[52] or, alternatively, HVDC lines could be overloaded for
a short amount of time (in the range of minutes) [54], [55].
Despite these considerations, the analyses presented in this
paper consider that these services will be provided at a cost.

Regarding FCR procurement prices in Germany, the Nether-
lands and Poland, this data can be found in the ENTSO-E
Transparency Platform [56]. Similar to what was done for
regulating power prices, prices corresponding to one summer
period were sampled from the data set of the summer prices
of the last 5 years, and three price scenarios (high-medium-
low) were determined using the 5th, 50th (median) and 95th
percentile, shown in TABLE I together with the average
summer prices of 2018. The distribution of the average prices
for these three countries is depicted in Fig. 7.

TABLE I
AVERAGE PRICES FOR 2018 AND FOR THE PERIOD 2015-2019.

2018 5-year average
5th pct Median 95th pct

Regulating power
(e/MWh) 54.06 34.10 34.60 35.10

FCR procurement
(e/MW)

DE 11.18 9.61 10.78 12.13
NL 19.53 12.15 13.63 15.19
PL 5.34 5.32 5.34 5.36

Congestion rent
(e/MWh)

KO 1.27 5.27 5.59 5.93
BC 1.78 6.60 6.94 7.30
NN 5.01 11.57 11.97 12.39
SP 2.00 10.75 11.31 11.91
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Fig. 7. Distribution of the average price for primary reserves in Germany,
the Netherlands and Poland obtained after data re-sampling.

The only source of prices for HVDC capacity is Energinet’s
data platform: the Energi Data Service [57]. In their web page,
the yearly and monthly auction prices for Kontek, the link be-
tween Germany and Denmark (DK2), can be found. However,
there is no data for Baltic Cable, NorNed and SwePol. Since
TSOs do not incur direct costs when reserving transmission
capacity, this should be provided at the opportunity cost of not
using it for energy trades in the day-ahead market. For this
reason, in this paper we consider that the price for reserving
HVDC capacity in a specific hour is equal to the congestion
rent (in that hour). Day-ahead spot prices can be found in the
ENTSO-E Transparency Platform. Similar to the other prices,
congestion rents corresponding to one summer period were
sampled from the data set of the last 5 summers. Again, three
prices (high-medium-low) were determined using the 5th, 50th
(median) and 95th percentile, shown in TABLE I together with
the average congestion rent of summer 2018. The distribution
of the average prices for these four interconnectors is depicted
in Fig. 8. The resulting prices for Kontek were compared to
the actual auction prices, with the calculated prices slightly
higher than the actual ones.

C. Costs of other Remedial Actions

In the following, the potential costs of some of the other
mitigation strategies introduced in Section V-C are shortly
discussed.

Similar to DI reduction, when the output of non-
synchronous-connected units is decreased to increase syn-
chronous generation, power producers must receive compen-
sation for the opportunity cost of not producing that energy.
The socioeconomic cost of this remedial action is thus equal
to the fuel cost of the replacing synchronous units.

In a similar way, if HVDC imports are decreased, the cost
is equal to the loss of congestion rent. Moreover, if the HVDC
capacity given to the market is reduced in advance, this might
have an impact on power prices and those market participants
which are subject to higher prices incur extra costs.

The disconnection of industrial or aggregated loads, instead,
requires additional control equipment for remote activation
and control. Moreover, new agreements with consumers must
be signed, resulting in new flexibility contracts with financial
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Fig. 8. Distribution of the average congestion rent for Kontek, Baltic Cable,
NorNed and SwePol obtained after data re-sampling.

compensation for the energy not supplied. Finally, for most of
industrial loads, the disruption of electricity might results in
additional activation costs once industrial processes are started
up again.

Given that the current installed capacity of synchronous
condensers is not enough to make any significant difference
in low inertia situations, this remedial action would require
the installation of new equipment with the related costs.
Alternatively, gas and hydro power units could be used as
synchronous compensators. The main cost of running hydro
turbines without discharging water is the cost of cooling water:
for 1 GWs/h this cost would be in the range of 270-340 Euros
[58]. However, if the turbine has no direct access to cooling
water, the realization of a cooling system is necessary, with
an investment cost in the range of 0.22-0.33 million Euros
[58]. Gas turbines run at minimum power can support the
system with “real” inertia. Given that the cost of production of
these units is usually high and that they often provide tertiary
reserves, the average price for inertia produced by gas turbines
is 3500 e/GWs/h [9].

Finally, more frequency reserve products could be procured
by TSOs. In general, by reserving generation capacity there are
socioeconomic costs associated with the capacity that cannot
be used in the energy market. Indeed, if the generating units
that provide frequency support have low fuel costs, it is likely
that more expensive generators will supply the reserved power
to the market. In case of new services, e.g. FFR, additional
costs will be incurred for adjusting existing controllers. In case
of frequency imbalance, TSOs incurs the activation cost of
such reserves, that is usually higher than the spot price.

VII. COST SAVING ANALYSES

In this section, the results of the cost saving analyses are
presented. The authors would like to stress that the presented
results are highly dependent on the assumptions made in the
previous sections, summarized as follows:

• The redispatch of O3 happens in the Regulating Power
Market; OKG receives a fixed compensation per event
(for the reduced efficiency) and a compensation propor-
tional to the power limitation (for the opportunity costs),
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Fig. 9. Comparison between DI reduction and HVDC EPC for the low inertia events of the 2025 HN scenario (low inertia).

while the power that is not produced by O3 is procured
at the regulating power price.

• Frequency reserves are procured in the neighboring zones
and some HVDC capacity is reserved. HVDC overload-
ing is not considered.

Thus, if one or more of the assumptions are inexact, the
cost savings could be considerably larger or smaller.

TABLE II and IV present the results of the algorithm
introduced in Section III, with the hours when the kinetic en-
ergy is below the requirement and the corresponding remedial
actions. The first thing to be noticed is that the occurrence
of low inertia periods is highly impacted by the weather. In
terms of hours when the kinetic energy is expected to be
below the requirements, this number is almost always zero
in case of wet hydrological years (high inertia scenarios). On
the contrary, these numbers are tripled in case of dry years
(compared to an average hydrological year). This happens

TABLE II
LOW INERTIA EVENTS AND DI REDUCTION

Scenario Events Hours (h) Energy (GWh)

2018 3 166 17

2020
High - - -
Medium 8 856 137
Low 11 1’950 392

2025 FN
High - - -
Medium 15 345 48
Low 16 1’020 182

2025 HN
High 1 60 5
Medium 18 649 132
Low 14 1’638 437

TABLE III
COSTS: DI REDUCTION (MEDIUM-LOW INERTIA, MEDIAN PRICES)

2018 2020 2025 FN 2025 HN

Medium inertia
Down-regulation (Me) 0.091 0.674 0.294 0.698
Up-regulation (Me) 0.897 4.740 1.661 4.567
Total cost (Me) 0.988 5.414 1.955 5.265
Low inertia
Down-regulation (Me) 0.091 1.871 0.920 2.094
Up-regulation (Me) 0.897 13.563 6.297 15.120
Total cost (Me) 0.988 15.434 7.218 17.214

because during dry periods the production of hydro power
plants (that are synchronous machines) is replaced by imports
via HVDC (which do not contribute to the kinetic energy of
the system). The same trend is observed with the entity of
remedial actions (”Energy” column in TABLE II and IV), as
they are proportional to the amount of hours. Conversely, the
number of events does not follow the same trend: technical
limitations play an important role on the length of DI reduction
and, with high frequency of low inertia periods, the limitation
on O3 is often prolonged resulting in less but longer events.

Second, the amount of hours of low inertia periods is ex-
pected to decrease in the next 5 years. This is mainly because
of the new HVDC interconnections, as more transmission
capacity means more exports. Indeed, the high share of hydro
power makes Nordic electricity cheaper than in other countries
(e.g. Netherlands or UK). Thus, more exports mean more
synchronous generation. This is even reflected in the 2025 HN

TABLE IV
LOW INERTIA EVENTS AND HVDC EPC

Scenario Hours (h) Energy (GWh)

2018 166 19

2020
High - -
Medium 260 17
Low 603 47

2025 FN
High - -
Medium 165 11
Low 411 28

2025 HN
High 12 1
Medium 165 31
Low 411 72

TABLE V
COSTS: HVDC EPC (MEDIUM-LOW INERTIA, MEDIAN PRICES)

2018 2020 2025 FN 2025 HN

Medium inertia
HVDC capacity (Me) 0.048 0.152 0.098 0.278
Primary reserves (Me) 0.225 0.172 0.111 0.314
Total cost (Me) 0.273 0.324 0.210 0.592
Low inertia
HVDC capacity (Me) 0.048 0.421 0.251 0.645
Primary reserves (Me) 0.225 0.476 0.284 0.730
Total cost (Me) 0.273 0.897 0.534 1.374
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scenario, where low inertia periods with half of the nuclear
capacity are shorter than the ones in 2020.

Lastly, the length of each event differs depending on the
remedial action. For instance, HVDC capacity and UCTE
reserves are needed only for those specific hours when the
kinetic energy is below the requirements, while this is not the
case for DI reduction. This can be visualized in Fig. 9, where
the two remedial actions are compared.

The cost of reducing the dimensioning incident is provided
in TABLE III. In summer 2018, the cost of downregulating
O3 is calculated to be around 90 thousand euros, while the
procurement of the substitute power around 900 thousand
euros, resulting in a total cost of 0.988 million euros. De-
pending on the type of hydrological year, future projections
suggest that there could be more low-inertia periods between
2020 and 2025, resulting in considerable higher redispatch
costs. Three different prices have been used for calculating the
cost of procuring the substitute power, based on the historical
prices from 2015 to 2019. As the standard deviation of the
distribution in Fig. 9 is quite small, the corresponding costs are
quite close to each other (for example, in 2020 - low inertia,
costs are in the range of 15.24-15.63 million euros). Thus, for
the sake of space, only the results calculated with the median
are displayed. On the contrary, the results vary a lot across
different inertia scenarios: they are equal to or close to zero if
wet years are to be expected, and triple moving from average
to dry years.

For the calculation of costs associated with HVDC EPC, it
has been assumed that Nordic TSOs pays for reserving HVDC
capacity and for procuring reserves on the other systems. This
corresponds to the entire spectrum of costs they could bear for
this action. The calculated costs are presented in TABLE V.
Also in this case, the difference between the costs calculated
with high and low prices is not big, as the entity of these reme-
dial actions is significantly smaller than the power limitations
on O3. Therefore, only the results calculated with the median
are displayed also in this case. In 2018, the costs of using
HVDC can be divided into 48 thousand euros for reserving
HVDC capacity and 225 thousand euros for procuring primary
reserves in the three neighboring countries, for a total cost of
273 thousand euros. Similar to the preventive reduction of O3,
these costs highly varies across inertia scenarios with the peak
in the 2025 HN - low inertia scenario. Once again, these are
the maximum expected costs; real costs will depends on the
type of agreement between Nordic and European TSOs.

Finally, the cost saving comparison between DI reduction
and HVDC EPC is provided in Fig. 10 for all the consid-
ered scenarios. The cost of the current paradigm is used as
reference, and the savings from HVDC EPC are compared.
The position of the marker show what are the cost savings
in case of medium prices, while the marker size relates to
the different price scenarios, e.g. to the range of variation
due to high-low prices. The light blue bars show what is the
range of potential savings for each year. Clearly, there is a
substantial economic benefit from using HVDC for frequency
support. Starting from 2018, potential cost savings amount to
0.72 million euros (72.4%). As a large number of low inertia
events is expected in 2020, the potential cost savings increase
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Fig. 10. Cost savings by using HVDC in the form of EPC for frequency
support.

to 5.18 million euros per year (reaching 14.80 million euros
per year in case of a dry year). Finally, in 2025, savings are
potentially in the range of 1.70-1.78 million euros per year
with the current capacity of nuclear power plants, or in the
range of 4.56-4.78 million euros per year if the capacity of
nuclear power plants is halved (these number will increase to
6.55-6.81 and 15.51-16.16 million euros per year in case of a
dry year).

VIII. CONCLUSION

During summer 2018, the inertia level of the Nordic Syn-
chronous Area (NSA) dropped below the security level three
times, jeopardizing the N-1 security of the system. To deal
with these situations, Svenska kraftnät ordered the reduction
of the power output of Oskarshamn 3, a nuclear power plant
in Sweden, which is the most critical generating unit of the
Nordic system. An estimation of the costs associated with
this power limitation for the three instances in 2018 has been
calculated in this paper and amount to 0.988 million euros.
Given that more and more low-inertia periods are expected
in the coming years, this calls for a reassessment of whether
there exist more cost-efficient options which guarantee safe
operation while avoiding expensive redispatching actions.

In this paper, we have presented a decision-making support
tool for comparing different mitigation strategies in case of
low inertia periods. Moreover, we have investigated what is
the cost of using HVDC interconnectors for the provision
of frequency support, and we have performed a cost savings
analysis comparing this alternative to the current paradigm.
The analysis is carried out for three scenarios (2018, 2020,
2025), using historical data from Nord Pool and inertia esti-
mations from Nordic TSOs. The cost of the remedial actions
are calculated based on historical data from the past 5 years,
considering the distribution of the average price obtained via
data re-sampling. Our results show that, if HVDC was used
in the form of Emergency Power Control, the costs in 2018
could be reduced to 0.27 million euro. The extension of the
analysis to year 2020 and 2025 confirms that many more low-
inertia periods can be expected in the future, calling for more
redispatching actions. In this regard, the method proposed in
this paper could reduce the costs by 70%, resulting in cost
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savings in the range of 1.70-4.78 million euros per year by
2025 (or even higher if dry years are to be expected).

Although the focus of the paper is on the utilization of
HVDC lines for frequency support, other mitigation strategies
can be compared following the same approach. For instance, a
new product - Fast Frequency Reserves (FRR) - will become
available for Nordic TSOs starting from summer 2020. Ac-
cording to the availability of market data, the proposed tool can
be used to compare the new product to the already analyzed
measures.
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Market Integration of HVDC Lines: Cost
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Athanasios Krontiris, Merdhad Ghandhari, Jacob Østergaard and Spyros Chatzivasileiadis

Abstract—In the last decades, over 25’000 km of High-Voltage
Direct-Current (HVDC) lines have been gradually integrated
to the existing pan-European HVAC system. From a market
point of view, HVDC interconnectors facilitate the exchange of
energy and ancillary services between countries. In the Nordic
region, many interconnectors are formed by HVDC links, as
Scandinavia, Continental Europe and the Baltic region are non-
synchronous AC systems. In this regard, this paper presents two
cost benefit analyses on the utilization of HVDC interconnectors
in the Nordic countries: in the first we investigate the utilization
of HVDC interconnectors for reserve procurement and, in the
second, we assess the implementation of implicit grid losses on
HVDC interconnectors in the day-ahead market.

The first analysis is motivated by real events in 2018 where
the inertia of the Nordic system dropped below a critical level
and the most critical generating unit, a nuclear power plant in
Sweden, was redispatched to guarantee the security of the system.
In order to guarantee system security while reducing the costs
of preventive actions, in summer 2020 new frequency products
were introduced in the Nordic system: the Fast Frequency
Reserves (FFR). HVDC lines, however, can perform similar tasks
at lower costs. In our analysis, we are, thus, investigating the
cost savings of using HVDC lines for frequency support using
their Emergency Power Control (EPC) functionality, instead of
redispatching or FFR.

The second analysis is based on the proposition of Nordic
Transmission System Operators (TSOs) to introduce linear
HVDC loss factors in the market clearing. With our analysis, we
show that linear loss factors can unfairly penalize one HVDC
line over the other, and this can reduce social benefits and
jeopardize revenues of merchant HVDC lines. In this regard,
we propose piecewise-linear loss factors: a simple-to-implement
but highly-effective solution. Moreover, we demonstrate how the
introduction of HVDC loss factors is a partial solution, since
it disproportionally increases the AC losses. Our results show
that the additional inclusion of AC loss factors can eliminate this
problem.

Index Terms—Corrective control, Emergency Power Control,
electricity market, Fast Frequency Reserves, HVDC, losses, loss
factor, redispatch, Nordic synchronous area, remedial action
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I. INTRODUCTION

THE world’s first commercial High-Voltage Direct-Current
(HVDC) link was delivered by ABB in the 1950’s. Since

then, HVDC has become a common tool in the design of
transmission grids, especially when technical limitations of
AC transmission come into play. Indeed, the transmission
of power in the DC form presents several benefits, both
from technical and economical points of view [1], [2]. First,
beyond a certain distance, an HVDC line has lower power
losses than an HVAC of the same capacity. Second, with
HVDC no reactive compensation is needed, resulting in no
length limitation for submarine or underground power cables.
Moreover, HVDC enables the connection of non-synchronous
areas, allowing both inter-area and cross-continental long-
distance power flows.

Evidence of the economic value of HVDC can be found
by looking at the evolution of prices in different electricity
markets. Installing transmission capacity means allowing for
power exchanges between low- and high-price areas, reducing
price differences and increasing social welfare. For example,
Storebælt, the connection between the two bidding zones in
Denmark (DK1 and DK2), has decreased electricity prices
in Eastern Denmark by 2 e/MWh in average since 2010,
resulting in 20-25 million euro savings per year for Danish
consumers [3]. Another example is NordBalt, the link between
Sweden and Lithuania: electricity prices in Lithuania dropped
by 30% when the link was operated for the first time in 2016,
followed by an average decrease of 5 e/MWh compared to
before 2016 [4].

Furthermore, HVDC is attracting increasing attention be-
cause of the full controllability of power flows; depending
on the technology of the converter stations, both active and
reactive power flows can be controlled. This property can help
improve the performance of AC power systems by means
of additional control facilities, such as in the provision of
frequency support.

Frequency stability is becoming a concern for many Trans-
mission System Operators (TSOs) because of the gradual de-
crease of system inertia. This is mainly caused by the replace-
ment of conventional synchronous generators with inverter-
based non-synchronous units. Therefore, power systems are
becoming more sensitive to power disturbances and TSOs have
to bear additional costs for system security [5]. Until May
2020, the standard procedure to ensure N-1 security during low
inertia periods was the reduction of the dimensioning incident
(DI) – the largest disturbance. In Regional Group Nordic (RG
Nordic), this is the loss of the most critical generating unit,
a 1450 MW nuclear power plant in Sweden – Oskarshamn 3
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(O3). For example, during Summer 2018, the power output
of O3 was reduced by 100 MW three times [6]. To avoid
such costly redispatching actions, since summer 2020, Fast
Frequency Reserves (FFR) have been introduced as an ancil-
lary services market product, which Nordic TSOs procure to
complement the response of Frequency Containment Reserves
for Disturbances (FCR-D) during low inertia periods. The
costs of these mitigation strategies amount respectively to 0.38
million euros in 2018 (DI reduction) and 3.33 million Euros in
2020 (FFR). This trend of increasing cost for ancillary services
has been observed in other countries, too, and is expected to
continue with increasing shares of renewable generation [7],
calling for a reassessment of whether there exist more cost-
efficient options to guarantee safe operation while avoiding
expensive remedial actions.

According to [8], the control scheme of all HVDC convert-
ers must be capable to operate in frequency sensitive mode, i.e.
the transmitted power is adjusted in response to a frequency
deviation. For this reason, an HVDC link connecting asyn-
chronous areas can be used as a vehicle for sharing frequency
reserves among asynchronous areas: to limit the instantaneous
frequency deviation (IFD) in case of disturbance, the necessary
active power can be imported from the neighboring system
using the Emergency Power Control (EPC) functionality [9].
Given the high number of interconnections formed by HVDC
links between RG Nordic and the neighboring regional groups,
this corrective action could represent a valid alternative to
expensive preventive redispatching or the procurement of
expensive frequency reserves.

On the one hand, HVDC interconnectors are of great
value for society as they facilitate the exchange of energy
and ancillary services between countries. On the other hand,
HVDC operation comes with a cost for TSOs as HVDC
interconnectors produce a non-negligible amount of losses that
is currently not considered in the market clearing. During
periods of zero price difference between neighboring bidding
zones, due to equal zonal prices, the cost of HVDC losses
is transferred to local Transmission System Operators (TSOs)
who must procure sufficient power to cover these losses. The
problem is especially pronounced in transit countries, as in the
case of Denmark.

Power losses are generated both by AC and DC intercon-
nectors; however, because of their properties, HVDC lines are
often significantly longer than AC lines and thus the operation
of such lines leads to a considerable amount of losses. In 2017,
the total losses by all the HVDC links in the Nordic region
was equal 1.14 TWh [4]. Compared to the total amount of
losses in the Nordic AC system, which is about 10 TWh, this
value accounts for 10% [10]. However, given that all HVDC
lines connect control areas operated by different TSOs, it is
often unclear who should pay for these losses.

Recently, Nordic TSOs have proposed the introduction
of HVDC loss factors (also called “implicit grid loss”) to
implicitly account for losses when the market is cleared [11].
The introduction of loss factors will force a price difference
between the two connected bidding zones that is equal to the
marginal cost of losses. This will have two advantages: first,
HVDC losses are no longer needed to be purchased by TSOs
in the day-ahead market but are directly paid by the market

participants who create them and, second, losses are implicitly
minimized, resulting in cost savings for TSOs and the society.
The proposed loss factors are linear approximations of the
HVDC system losses. The following questions arise: are linear
loss factors a good representation of HVDC losses? Is the
introduction of loss factors for only HVDC interconnectors
the best possible action? In this regard, this paper presents a
cost benefit analysis on:

• The utilization of HVDC interconnectors for frequency
support, using the Emergency Power Control functional-
ity to fulfil the N-1 security criterion.

• The implementation of implicit grid losses on HVDC
interconnectors in the day-ahead market.

For the first analysis, we start by investigating what is the
cost of frequency balancing using HVDC in the form of EPC,
and then compare this alternative to DI reduction and FFR.
The analysis is carried out for two scenarios for the year 2025,
using inertia forecasts from Nordic TSOs. From these, the
volume of EPC, FFR and redispatch is estimated, and the costs
of these three mitigation strategies are compared.

For the second analysis, we compare the results of different
simulations where the day-ahead market is cleared for each
hour of the year (8760 instances) using data from 2017.
Each simulation is carried out with different combinations
of AC and HVDC loss factors, using different linearization
techniques.

The rest of the paper is organized as follows. Section
II provides background information about the Nordic power
system and electricity market. Section III presents the results
of the cost benefit analysis on the utilization of HVDC lines
for frequency support and Section IV presents the analyses
on the introduction of loss factors in the Nordics. Section V
gathers conclusions and final remarks.

II. NORDIC POWER SYSTEM

The Nordic transmission network is divided into two asyn-
chronous Regional Groups (RGs): Western Denmark is con-
nected to Continental Europe (UCTE) and, thus, it is operated
at a different frequency from the rest of the Nordic countries.
A schematic representation of the transmission network is
depicted in Fig. 1 (left).

Western Denmark is connected to Germany through differ-
ent AC lines, along a corridor which is usually referred to as
east coast corridor. Three HVDC links (Skagerrak, Kontiskan
and Storebælt) connect Western Denmark to Norway, Sweden
and Eastern Denmark. Recently, COBRAcable HVDC link
has become operational, allowing power exchanges between
Western Denmark and the Netherlands.

RG Nordic is connected to RG Continental Europe through
five additional HVDC links: NorNed (Norway-Netherlands),
Kontek (Eastern Denmark-Germany), Baltic cable (Sweden-
Germany) and SwePol (Sweden-Poland). In addition, Kriegers
Flak (Combined Grid Solution) provides connection between
Eastern Denmark and Germany (AC cable and back-to-back
HVDC converter), integrating offshore wind farms along its
path. Finally, three other HVDC links connect RG Nordic
to RG Baltic: NordBalt (Sweden-Lithuania), Estlink (Finland-
Estonia) and Vyborg HVDC (Finland-Russia).
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Fig. 1. Nordic power grid and regional groups (left), Nordic market model (right).

The generation mix in the Nordic countries can be found
in [12]. Almost half of the generation in Denmark comes
from wind farms, while the remaining is mainly fossil fuel
based (natural gas and coal). In Norway, more than 90% of
electricity is produced by hydro power plants. Hydro power
plants contribute to half of the generation in Sweden as well,
the remaining capacity is divided between nuclear power
plants, wind farms and oil-based thermal units. In Finland
the generation mix is more heterogeneous; half of the Finnish
electrical energy is produced by nuclear power plants and coal-
based thermal units.

As for the rest of Europe, the system is operated at 50 Hz
with a standard range of ±100 mHz; Frequency Containment
Reserves for Normal operation (FCR-N) are deployed to keep
frequency within the normal band [13]. When frequency drops
below 49.9 Hz, FCR for Disturbance (FCR-D) are activated
to mitigate the impact of the disturbance and stabilize the
frequency, while Frequency Restoration Reserves (FRR) are
used to restore the frequency back to the nominal value.
The maximum acceptable Instantaneous Frequency Deviation
(IFD) is 1000 mHz and, in case frequency drops below
48.8 Hz, loads are shed to avoid total system blackout [14].

The methodology for calculating the FCR-D requirement
consists in a probabilistic approach which aims at reducing
the probability of insufficient reserves, based on different
generation, load and inertia patterns [15]. The considered

dimensioning incidents are the loss of critical components of
the system, such as large generators, demand facilities and
transmission lines. Currently, the dimensioning incident in RG
Nordic is the loss of Oskarshamn 3, a 1450 MW nuclear power
plant in Sweden (located in the bidding zone SE3) [16].

Finally, in the Nordic region, as for the rest of Europe, a
zonal-pricing scheme is applied. This means that the system is
split into several bidding zones and the intra-zonal network is
not included in the market model. When the market is cleared,
a single price per zone is defined. In case of congestion, price
differences arise only among zones [17]. The current day-
ahead market coupling is based on Available Transfer Capacity
(ATC). In the day-ahead time frame, TSOs calculate ATCs
based on the network situation and communicate them to the
market operator. These values are used as bounds for inter-
zonal power transfers in the spot-market. When the power
exchanges are defined, TSOs manage the physical flows to
guarantee these transactions and, if necessary, counter-trade at
their own cost [18]. Fig. 1 (right) shows the different bidding
zones in the Nordic area and the equivalent interconnectors.

III. SHARING RESERVES THROUGH HVDC
INTERCONNECTORS

In 2018, the power output of O3 has been reduced three
times, due to system inertia dropping below the acceptable
limit. Such low inertia periods are considered extraordinary
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events where the security of the system is in danger, thus
Svenska kraftnät can communicate the limitation on O3 at any
market stage. When this happens, the producer (in this case
Oskarshamn Group – OKG) should receive market compensa-
tion for the costs associated with the power limitation. First, by
decreasing its power output, the producer incurs opportunity
costs that are equal to what they would have received for
producing an amount of power equal to the power reduction.
Second, by moving away from the nominal power output, extra
costs are incurred due to lower efficiency (as a rule of thumb,
for nuclear power plants, one can say that half of the fuel
which is not used during the power reduction is lost and cannot
be used later on) [9]. Third, the decrease of power production
of nuclear power plants results in a temperature transient,
inducing a cumulative aging of the unit and increasing the risk
of failure [9]. All these factors are taken into consideration by
the Nordic TSOs and OKG receives a financial compensation,
as stated on a bilateral agreement between Svk and OKG. For
each event of 2018:

• Oskarshamn 3 was compensated for the opportunity cost
of not producing 100 MW (the compensation was equal
to 49 SEK/MWh - approx. 4.64 C/MWh).

• Oskarshamn 3 was compensated for reduced efficiency
and other costs associated with the power limitation (fixed
amount equal to 50’000 SEK - approx. 4’740 C).

The downregulation was announced by means of Urgent
Market Messages (UMM) in the Nord Pool platform. If the
low-inertia event is forecast after the day-ahead market has
been cleared, the downregulation is performed in the regulating
power market. In these three occasions, O3 was downregulated
for 166 hours and the procurement of the substitute power
was performed in the regulating power market for at least
54 hours. Considering the average regulating price in summer
2018, equal to 54.06 C/MWh [19], the total cost borne by
Nordic TSOs in 2018 was approx. 380 thousand Euros.

Since many more low-inertia events are to be expected
in the coming years, Nordic TSOs have decided to opt
for a more cost-efficient solution. Since May 2020, a new
market product for frequency stability has been introduced
in the Nordic System: the Fast Frequency Reserves (FFR)
[20]. This product is complementary to FCR-D and does not
reduce the need of these reserves. Instead, the procurement
of FFR is based on inertia forecasts, and only during low-
inertia periods FFR capacity is reserved. The procurement of
these new reserves differs from country to country, at least
until a common platform is launched. Statnett and Svenska
kraftnät have implemented a seasonal procurement based on
long-term forecast. In East Denmark, Energinet procures FFR
on a monthly basis, with the possibility of releasing some
of the reserved capacity two days before operation (D-2).
Finally, Fingrid has implemented a daily procurement based
on short-term forecast. The need for FFR is calculated based
on an equation considering the inertia level, the dimensioning
incident, the amount of FCR-D and the frequency nadir. Each
TSO is responsible for procuring a fixed share of the total
FFR need, respectively 14% for Energinet, 42% for Statnett,
24% for Svenska kraftnät and 20% for Fingrid [20]. Regarding
summer 2020, FFR have been procured for more than 900
hours, with a total cost for Nordic TSOs equal to 3.33 million
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Fig. 2. Required DI reduction, FFR and injected power by HVDC EPC,
respectively, to maintain the N-1 security criterion in the Nordic system with
low inertia.

Euros.
As an alternative to these measures, HVDC lines could

provide frequency support in case of disturbance. This reme-
dial action relies on the fact that HVDC converters, equipped
with fast frequency controllers, can adjust the power flow
in response to frequency deviations. This control mode is
referred to as Emergency Power Control (EPC). Different
control strategies can be used to define the response of HVDC
converters. The currently implemented strategy is based on
step-wise triggers: depending on the size of the power de-
viation and the corresponding frequency variation, a constant
amount of power is injected to improve the frequency response
of the system.

The aim of the cost analysis presented in this paper is to
measure the costs of these remedial actions and quantify the
potential cost savings in the Nordic countries. Two future
scenarios for the year 2025 are considered: “full nuclear”
(2025 FN), based on the current situation with nuclear power
plants fully dispatched, and “half nuclear” (2025 HN), where
half of the nuclear production is replaced by wind, solar
and HVDC imports. The inertia estimates come from a large
number of market simulations performed by Svenska kraftnät.
In order to capture a greater variety of possible weather
conditions, the simulations have been performed using the
meteorological conditions of the years between 1980 and 2012.
The obtained results have been condensed into three cases
(low, medium and high inertia) corresponding to the “worst”,
“most probable” and “best” cases. More information can be
found in [21].

The required DI reduction, FFR and injected power by
HVDC EPC, respectively, to maintain the N-1 security cri-
terion in the Nordic system with low inertia are shown in
Fig. 2. These values are obtained through dynamic simulations
using a single machine equivalent model of the Nordic power
system. The parameters of the model are tuned based on the
frequency response of the system to real disturbances that
occurred in the Nordic system. The model has been validated
and is currently used by Nordic TSOs in their control rooms.
According to TSOs practice, the dimensioning incident is
reduced by blocks of 50 MW and prolonged for few hours
before and after the low-inertia event. Finally, in order to
avoid the activation of FFR or HVDC EPC for small frequency
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deviations, a certain frequency dead band is introduced (this
varies between 49.7 and 49.5 Hz). Because of this delay in the
response of FFR and HVDC converters, these two measures
result in being less effective than the DI reduction.

The utilization of HVDC lines for frequency support relies
on the fact that there is enough transmission capacity available
on the HVDC interconnectors, and that there is a certain
availability of frequency reserves on the neighboring systems.
As for now, there seems to be no regulation about how these
can be procured on a market basis among asynchronous areas.
In order to assess what could be the cost of this remedial
action, we envision a possible future situation where there
is a European market for reserves, and Nordic TSOs are
requested to procure the necessary primary reserves through
this platform. In fact, this seems to be the direction that Euro-
pean countries are taking, as described in [22] for automatic
activated FRR. The costs of primary frequency reserves are
calculated based on historical data from the past 5 years,
considering the distribution of the average price obtained
via data re-sampling. Moreover, the reservation of HVDC
capacity is assumed to come with a cost, as considered also
in [9]. For the reservation costs, we consider that the price for
reserving HVDC capacity in a specific hour is equal to the
average congestion rent (the distribution is obtained via data
re-sampling).

For the calculation of the costs associated with DI reduction,
the downregulation of O3 is assumed to happen after the day-
ahead market has been cleared and the substitute power is
procured in the regulating power market for the first 24 hours

of each event; OKG receives a fixed compensation per event
(for the reduced efficiency) and a compensation proportional
to the power limitation (for the opportunity costs). For the
procurement costs of FFR, the average price of summer 2020
is used, equal to 48.95 C/MW/h. This price is calculated as the
average price in the four countries (East Denmark, Norway,
Sweden and Finland) weighted by the share of FFR of each
country.

Table I presents the hours when the kinetic energy is below
the required level and the corresponding remedial actions. The
first thing to be noticed is that the occurrence of low inertia
periods is highly impacted by the weather. In terms of hours
when the kinetic energy is expected to be below the require-
ments, this number is almost zero in case of wet hydrological
years (high inertia scenarios). On the contrary, these numbers
are tripled in case of dry years (compared to an average
hydrological year). This happens because during dry periods
the production of hydro power plants (that are synchronous
machines) is replaced by imports via HVDC (which do not
contribute to the kinetic energy of the system). The same
trend is observed with the size of remedial actions (“Energy”
column, expressed in GWh), as they are proportional to the
number of hours. Conversely, the number of events does not
follow the same trend: technical limitations play an important
role on the length of DI reduction and, with high frequency
of occurrence of low inertia periods, the limitation on O3 is
often prolonged resulting in less but longer events. Lastly,
the length of each event differs depending on the remedial
action. For instance, HVDC EPC and FFR are needed only

TABLE I
LOW INERTIA EVENTS AND REMEDIAL ACTIONS (ENERGY IN GWH).

2025 Full Nuclear 2025 Half Nuclear
Action Occasions Hours Energy Occasions Hours Energy

High
Inertia

DI reduction - - - 1 60 5
FFR - - - - 12 1
HVDC EPC - - - - 12 1

Medium
Inertia

DI reduction 15 345 48 18 649 132
FFR - 165 11 - 165 31
HVDC EPC - 165 11 - 166 32

Low
Inertia

DI reduction 16 1020 182 14 1638 437
FFR - 411 28 - 411 72
HVDC EPC - 411 29 - 411 73
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Fig. 3. Total costs of the different remedial actions.
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for those specific hours when the kinetic energy is below the
requirements, while this is not the case for DI reduction.

The total costs of the different remedial actions are pro-
vided in Fig. 3. As expected, the DI reduction is the most
expensive among the considered actions. This clearly moti-
vates the change of paradigm from the first events in 2018.
Still, however, the utilization of HVDC lines for frequency
containment is the most cost-efficient solution. If HVDC EPC
is implemented within the next 5 years, significant cost savings
can be achieved (70-90% compared to the DI reduction case,
or 60-65% compared to the FFR case).

IV. HVDC LOSS FACTORS IN MARKET CLEARING

Nordic TSOs have proposed to introduce loss factors for
HVDC lines to avoid HVDC flows between zones with zero
price difference. The proposal has already gone through the
first stages of the process and it is currently under investigation
for real implementation in the market clearing algorithm.
In [23], we developed a rigorous framework to assess this
proposal; the results showed that the benefits of such a measure
depend on the topology of the investigated system. In this
paper, we present the results of our analyses on a detailed
market model of the Nordic countries. The focus of the anal-
ysis is on the differences between linear and piecewise-linear
loss factors and between HVDC and AC+HVDC loss factors.
Implementing such measures in real systems is possible: for
instance, piecewise-linear loss factors are already used in real
power exchanges, e.g. New Zealand Exchange (NXZ) [24],
and several power markets in the US already use sensitivity
factors to determine AC losses [25], [26]. Four simulations are
run considering different loss factors at a time:

1) No loss factors (reference case);
2) Linear HVDC loss factors;
3) Piecewise-linear HVDC loss factors;
4) Piecewise-linear AC and HVDC loss factors.
In each simulation, the market is cleared for each hour of

the year (8760 instances) using data from 2017. It is important
to mention that all the cost-benefit analyses are limited to the
introduction of loss factors in the intra-Nordic interconnectors,
that means Fennoskan, Skagerrak, Storebælt, Kontiskan and
only the AC interconnectors of RG Nordic. Indeed, the power

DK1

DK2

SE4

SE3

NO2

NO1
NO5

SE3

SE2

SE1

FI

Skagerrak
Kontiskan

Storebælt

Fennoskan

Fig. 4. Example of flows on parallel HVDC paths (left) and on parallel AC
and HVDC paths (right).

exchanges with neighboring countries are fixed to the real
exchanges, and so are the flows on the interconnectors (becom-
ing unresponsive to any change introduced by loss factors).
Moreover, because of the zonal-pricing scheme, intra-zonal
losses are not considered in the analysis: all the presented
results are limited to losses on the interconnectors.

With the inclusion of HVDC loss factors in the market,
HVDC losses are implicitly considered when the market is
cleared. Since losses appear in the power balance equation,
they represent an extra cost and the solver will try to minimize
them. Given that only HVDC losses are considered, the solver
will use HVDC interconnectors only if necessary, i.e. in case
of congestions in the AC system or for exchanges between
asynchronous regions. For the same reason, when forced to
use HVDC interconnectors, the solver will look at which
path produces the least amount of losses. In case of linear
loss factors, the slope of the linear loss functions is the
discriminating factor. This might become a problem in a
situation with different parallel HVDC paths, as it is the case,
for example, of Skagerrak, Kontiskan and Storebælt in Western
Denmark (Fig. 4 - left). In such a situation, the solver will
direct the flow over the line with the smallest slope (in the
left chart of Fig. 5, the blue one) and only when its capacity
is fully utilized it will start directing the flow towards the line
with the second smallest slope (the orange one), and finally
towards the remaining line (the red one).

With piecewise-linear loss functions, the solver finds the
path that produces the least amount of losses by moving back
and forth from one loss function to the other. As with linear
loss factors, it will start with the HVDC line with the smallest
slope. However, since the slope changes in the next segment,
the solver will start directing the power flow towards other
lines if the slope of those segments is smaller (in the right
chart of Fig. 5, all the blue segments). It will move back to the
first line only when there are no other segments with smaller
slopes, i.e. it will move to orange segments when there are
no more blue segments, and so on. In this way, the quadratic
nature of losses is better represented, allowing the solver to
identify the best path and better distribute the power flows
among the HVDC lines.
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Fig. 5. Linear (left) and piecewise-linear (right) loss functions for Skagerrak,
Storebælt and Kontiskan. The different colors refer to the slope of the lines..
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Fig. 6. Comparison of the simulation with focus on AC and HVDC losses.
The reference case is the simulation without loss factors.

Similarly, with the inclusion of only HVDC loss factors,
the solver will see HVDC lines as expensive alternatives to
AC lines, whose losses are not considered when the market
is cleared: if there exist parallel AC and HVDC paths, the
solver will always prefer the AC option. This is the case, for
example, of Fennoskan, the HVDC link connecting Sweden
and Finland (Fig. 4 - right). In this case, if implicit grid loss is
implemented on Fennoskan and not on the AC interconnectors
SE3-SE2, SE2-SE1 and SE1-FI, the solver will always try to
reroute the power across the AC path. However, losses are
produced in the AC system as well and, by reducing the flow
on some HVDC interconnectors, we might disproportionally
increase losses in the AC system. The only way to minimize
losses and maximize social benefits is to include loss factors
for AC interconnectors as well. By doing so, the solver will be
able to identify the path producing the least amount of losses.

The comparison of the four simulations is shown in Fig. 6,
where blue bars represent HVDC losses, red bars AC losses
and yellow bars cost savings. As expected, in simulation 2
and 3, the reduction of HVDC losses comes together with
an increase of AC losses. The net reduction of losses is
positive, meaning that the introduction of only HVDC loss
factors can be beneficial; however, the resulting cost savings
in simulation 2 are negative. This happens because linear
loss factors result in a bad approximation of losses which
are often overestimated, meaning that unnecessary power is
provided by generators (at a higher cost for society). This
does not happen with piecewise-linear loss factors because
they better represent HVDC loss functions. The results of
simulation 4 show that it is possible to decrease the sum of
AC and HVDC losses by 12% (compared to simulation 1,
where losses on the interconnectors amount to 2.42 TWh) by
introducing piecewise-linear loss factors for AC and HVDC
interconnectors, while this is limited to 0.7% with only linear
HVDC loss factors and to 0.9% with only piecewise-linear
HVDC loss factors. Concerning the cost savings, they increase
moving from left to right in Figure 6, showing the progressive
benefit of having piecewise-linear loss factors and AC loss
factors. In particular, simulation 4 with piecewise-linear loss
factors for both AC and HVDC interconnectors results in cost
savings of 4.82 million euros per year.

V. CONCLUSION

In the Nordic countries, more than 10 interconnectors are
formed by HVDC links, and many new projects are under
construction or under investigation. Based on this considera-
tion, this paper explores the potential benefit of using HVDC
links for the exchange of ancillary services between countries
and investigates different solutions for the inclusion of HVDC
losses in the market.

The first analysis was motivated by the low-inertia events
occurred in 2018, during which Svenska kraftnät had to reduce
the output of Oskarshamn 3 to guarantee N-1 security. Because
of the increasing frequency of occurrence of low inertia events,
Nordic TSOs have introduced Fast Frequency Reserves in
summer 2020. The performance of this new product has been
verified in this paper for the studied incident. However, our
results show that, if HVDC is used in the form of Emergency
Power Control, these costs could be more than halved.

The second analysis comes from the proposition of Nordic
TSOs of including linear loss factors for HVDC lines to avoid
flows between zones with zero price difference. Our results
show that there is room for improvement in two directions.
First, by using piece-wise linear loss factors. This would lead
to a better representation of loss functions and to an optimal
distribution of power flows, resulting in a further decrease of
losses and higher cost savings. Second, by also introducing
AC loss factors. This would allow for the identification of
the optimal paths that leads to the least amount of losses,
maximizing cost savings.
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Towards Optimal Coordination between Regional
Groups: HVDC Supplementary Power Control

Andrea Tosatto, Georgios S. Misyris, Adrià Junyent-Ferré, Fei Teng and Spyros Chatzivasileiadis

Abstract—With Europe dedicated to limiting climate change
and greenhouse gas emissions, large shares of Renewable Energy
Sources (RES) are being integrated in the national grids, phasing
out conventional generation. The new challenges arising from
the energy transition will require a better coordination between
neighboring system operators to maintain system security. To
this end, this paper studies the benefit of exchanging primary
frequency reserves between asynchronous areas using the Sup-
plementary Power Control (SPC) functionality of High-Voltage
Direct-Current (HVDC) lines. First, we focus on the derivation
of frequency metrics for asynchronous AC systems coupled
by HVDC interconnectors. We compare two different control
schemes for HVDC converters, which allow for unilateral or
bilateral exchanges of reserves between neighboring systems.
Second, we formulate frequency constraints and include them in
a unit commitment problem to ensure the N-1 security criterion.
A data-driven approach is proposed to better represent the
frequency nadir constraint by means of cutting hyperplanes. Our
results suggest that the exchange of primary reserves through
HVDC can reduce up to 10% the cost of reserve procurement
while maintaining the system N-1 secure.

Index Terms—Asynchronous areas, droop frequency control,
frequency balancing, HVDC transmission, optimization, Supple-
mentary Power Control, unit commitment.

NOMENCLATURE

Below the list of the most important symbols in alphabetical
order and grouped among indices, parameters, continuous
variables and binary variables.

INDICES AND SETS:
a, b Asynchronous area index.
A Set of asynchronous areas.
i Generator index.
G Set of synchronous generators.
j Load index.
D Set of loads.
k Converter index.
LAC Set of AC lines.
LDC Set of DC lines.
n, m Electrical node index.
N Set of electrical nodes.
r RES producer index.
R Set of RES producers.

PARAMETERS:
∆fa Instantaneous frequency deviation in area a.
∆f ss

a Steady-state frequency deviation in area a.

A. Tosatto, G. S. Misyris and S. Chatzivasileiadis are with the Technical
University of Denmark, Department of Electrical Engineering, Kgs. Lyngby,
Denmark (emails: {antosat,gmisy,spchatz}@elektro.dtu.dk).

A. Junyent-Ferré and F. Teng are with the Department of Electrical and
Electronic Engineering, Imperial College London, London SW7 2AZ, U.K.
(email: {adria.junyent-ferre,f.teng}@imperial.ac.uk).

∆Pa Power deviation in area a.
Bn,m Susceptance of the line between bus n and m.
Ci Linear production cost of generator i.
Csu

i Start-up cost of generator i.
Csd

i Shut-down cost of generator i.
Cr

i Reservation cost of generator i.
D̂a Generator damping in area a.
F g
i Total fraction of power generated by the turbine of

generator i.
ḟa Rate of change of frequency in area a.
Hi Inertia constant of generator i.
In,k Incidence of HVDC line k on bus n.
Kc

k Electric power gain factor of converter k.
Kg

i Mechanical power gain factor of generator i.
Lj,t Consumption of load j at time t.
P

AC

n,m Thermal limit of the AC line between bus n and m.
P

DC

k Thermal limit of the DC line k.
P i Maximum output of generator i.
P i Minimum output of generator i.
P uw
i Upward ramping limit of generator i.
P dw
i Downward ramping limit of generator i.
Rc

k Frequency drop gain of converter k.
Rg

i Frequency drop gain of generator i.
T on
i Minimum online duration of generator i.
T off
i Minimum offline duration of generator i.
T c
k Time constant of converter k.
T g
i Time constant of generator i.
V ll
j Value of lost load for load j.
V cw
r Value of curtailed wind for RES producer r.
Wr,t Output of RES producer r at time t.

CONTINUOUS VARIABLES:
All variables are defined for the time instance t, which is
omitted in this list but always included throughout the paper.
θn Voltage angle at bus n.
dsj Load shedding of load j.
F̃ g
a Fraction of total power generated by the turbines in

area a.
F̂a Equivalent fraction of total power generated by the

turbines in area a with the inclusion of converters.
gi Output of generator i.
gsj Frequency response of generator i.
M̂a System inertia in area a.
pDC
k power flow on HVDC line k.
psk Frequency response of converter k.
R̃g

a Sum of generator droop gains in area a.
R̃c

a,b Sum of converter droop gains between area a and b.
R̂a Sum of droop gains in area a.
wc

r Wind curtailment of RES producer r.
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BINARY VARIABLES:
All variables are defined for the time instance t, which is
omitted in this list but always included throughout the paper.
ui Online status of generator i.
ulcc
k Flow direction on LCC-HVDC line k.
vca,b Frequency support of area b to area a.
vgi Participation to frequency regulation of generator i.
yi Start-up of generator i.
zi Shut-down of generator i.

I. INTRODUCTION

AFTER the Paris Agreement, the European Union has
taken a leading role in the energy transition, with am-

bitious targets for energy efficiency (32.5%) and RES pene-
tration (32%). With the high intermittence of RES and their
location far from load centers, electricity flows are expected to
increase and become more variable, requiring more efficient
network development. In this regard, ENTSO-e has identified
the need of more than 90 GW of new installed transmission
capacity by 2030. Among the different projects, more than 60
GW are new High-Voltage Direct-Current (HVDC) lines [1].

Additionally, large integration of inverter-based generation
will result in decreasing kinetic energy (or inertia) in the
system. With lower kinetic energy, Transmission System Op-
erators (TSOs) could face difficulties in operating the system
in a stable and reliable way [2]. These new challenges will
require better coordination between regional entities, spanning
from new enhanced operational processes to the prevention
and management of common threats [3].

Decrease of system inertia is classified as one of the biggest
future challenges by system operators around the world. The
problem is particularly pronounced in small systems, e.g.
Ireland or Australia [4], [5], but it is progressively growing
to comprise also larger interconnected systems such as the
Nordic countries (Denmark, Sweden, Norway and Finland) or
the UK [6], [7]. As more and more system operators are facing
these challenges, many technical and regulatory solutions have
been proposed in the literature [8]–[10], ranging from new
balancing products and control methods to market measures.
However, most of these solutions require a substantial change
of paradigm, e.g. new grid codes and/or market rules, or
expensive remedial actions, e.g. down-regulation of critical
units, RES curtailment and load shedding. Recent studies have
shown how the power set-points of HVDC converters can be
adjusted to support the system in the event of power distur-
bances. Given the large number of HVDC lines connecting
asynchronous areas (also called regional groups) in Europe
(see Fig. 1), this method, referred to as Emergency Power
Control (EPC) of HVDC links, is considered by ENTSO-e
as one of the most promising among all the possible options
[8]. In the literature, control strategies for enabling HVDC to
participate in frequency support have been widely investigated
[11]–[24], and evidence of the economic benefits coming from
the activation of the EPC functionality during low inertia
events are presented in [25]. However, this functionality has
never been analyzed in an optimization framework for the
scheduling of frequency services. As result, the economic
benefits of sharing primary frequency reserves between asyn-
chronous areas during non-critical operation have, so far, never
been determined.

HVDC interconnectors:
Under construction
Operative

Regional Groups (RG):
RG Continental Europe
RG Nordic
RG Baltic
RG UK
RG Ireland

Fig. 1. Regional groups in Europe and HVDC connections.

The aim of exchanging primary reserves via HVDC during
normal operation (referred to as HVDC Supplementary Power
Control - SPC) is to improve the frequency stability of
the system while reducing the costs of reserve procurement.
In order to have an optimization model responsive to the
frequency behaviour of the system, frequency metrics, such
as Rate of Change of Frequency (RoCoF), Instantaneous Fre-
quency Deviation (IFD) and Steady-State Frequency Deviation
(SSFD), must be included in the problem formulation. In this
regard, two main challenges can be identified: (i) the analytical
derivation of frequency metrics and (ii) the tractability of
frequency constraints. Several works have already studied
how to include frequency constraints in a Unit Commitment
Problem (UCP) for systems with high RES penetration [26]–
[29]. In [26], the authors derive analytical frequency metrics
for RoCoF, IFD and SSFD and include them in a UCP by
means of piecewise linear approximations. The authors in [27]
and [28], extended the work of [26] by including converter
control schemes and fast frequency response services, such
as frequency droop and virtual synchronous machine controls
provided by inverter-based generation units. The authors in
[29], instead, present a UCP formulation which accounts
for frequency support from variable speed wind turbines.
Compared to [26], [27] presents also a less computational
intense method to limit the IFD, introducing safe bounds for
the single variables. This method increases the tractability of
the IFD constraint but disproportionately reduces the feasible
space, calling for more efficient methods. Moreover, in all
the aforementioned works the authors considered only one
synchronous system, overlooking the option of exchanging
primary frequency reserves among neighboring asynchronous
systems via HVDC.

To this end, this paper aims at deriving frequency metrics
for asynchronous AC systems whose frequency dynamics are
coupled by HVDC links, and to include the corresponding
frequency constraints in an optimization framework to assess
what the benefit of the HVDC SPC implementation is. To
improve the accuracy and the computational efficiency of the
proposed formulation, the IFD constraint is implicitly included
in the optimization problem by limiting the feasible space with
cutting hyperplanes. In detail, the contributions of this paper
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are:

• The derivation of analytical expressions for the frequency
metrics of asynchronous AC systems exchanging primary
frequency services through HVDC links.

• An improved unit commitment formulation with fre-
quency constraints, which considers the dynamic re-
sponse of generators and converters based on their droop
coefficients;

• A data-driven approach to better represent the frequency
nadir constraint by means of cutting hyperplanes;

• The inclusion of the SPC functionality of HVDC lines in
an optimization framework for the exchange of primary
reserves between neighboring asynchronous systems.

The remainder of this paper is structured as follows.
Section II outlines two different control schemes for the
implementation of HVDC SPC, and Section III describes the
derivation of frequency metrics for asynchronous AC systems
interconnected by HVDC links. Section IV presents the op-
timization framework for the exchange of primary frequency
services between asynchronous areas. A dedicated test case
and simulation results are then described in Section V. Finally,
Section VI gathers conclusions and perspectives regarding
further works.

II. HVDC SUPPLEMENTARY POWER CONTROL SCHEMES

Frequency controllers have been developed with the aim
of balancing the active power in the system in the event of
load disconnection or generator tripping. When implemented
on HVDC converters, the outer control loop is modified to
adjust the active power set-points based on the frequency
deviation in the system [30]. A widely used approach for
HVDC frequency control is the active power-frequency droop
control method [11]–[18]. With this control scheme, the active
power flow changes proportionally to the frequency deviation
of the AC system, limiting the frequency nadir in the event
of a power disturbance. An alternative approach is to use
RoCoF measurements to react to a power disturbance. This
control scheme is referred to as synthetic/virtual inertia and
has been widely studied in [19]–[21]. The main advantage
of this scheme is that it reduces the RoCoF and allows for
inertia sharing between neighboring AC systems. However,
as demonstrated in [20] the virtual inertia solution suffers
from unbounded noise amplification when measurement noise
is considered, which indicates that virtual inertia could po-
tentially further degrade the grid performance once broadly
deployed. Finally, a third alternative for inertia emulation
control is the extraction of the stored energy in the DC link.
This approach has been investigated in [22]–[24]; it uses input
the frequency of the AC system to adjust the DC voltage
reference. However, the limited energy stored in the HVDC
link reduces the effectiveness of this control strategy.

Therefore, in this paper, we consider HVDC frequency
support based on droop frequency control, following the
practice of most TSOs [8]. Moreover, we consider two control
schemes, namely unilateral and bilateral, which determine
whether HVDC converters react to the frequency deviation
in only one area, or in both [16]. In the following, these two
schemes are presented.

A. Unilateral SPC Scheme

In the unilateral control scheme (UCS), the frequency is
measured only in one of the two interconnected AC systems.
In the event of a disturbance in the monitored area, the
active power exchange between the two areas is increased
(or decreased) to balance the power mismatch. This means
that part of the disturbance is propagated in the supporting
area and some frequency reserves are activated to preserve
the frequency in this area, which is equivalent to saying that
some frequency reserves in the supporting area are exchanged
with the area under contingency. A schematic representation
of this control scheme is provided in Fig. 2.

The modification of the active power set point of the HVDC
converter following a frequency deviation can be expressed as

∆P ref(s) =
Kc

Rc(1 + sT c)
∆fa, (1)

with P ref the active power reference, Kc, Rc and T c re-
spectively the electric power gain factor, the frequency droop
value and the time constant of the active power controller of
the converters, s the Laplace operator and ∆fa the frequency
deviation in the monitored area (area a).

The advantage of this scheme is that it reduces the IFD
which follows a contingency in the supported area. However,
the resulting frequency deviation in the supporting area is not
monitored by the HVDC converter and only depends on the
stiffness of the supporting AC system. In case a weak AC sys-
tem provides frequency support to another asynchronous area,
this could result in unacceptable large frequency excursions
which in turn might force system operators in the supporting
area to procure more frequency reserves.

B. Bilateral SPC Scheme

The bilateral control scheme (BCS) follows the same princi-
ples of the unilateral scheme, with the only difference that the
frequency is measured in both the interconnected areas. The
converter, thus, reacts to the frequency difference between the
two areas and adjusts the active power flow accordingly. The
active power set point of the HVDC converter is modified as
follows:

∆P ref(s) =
Kc

Rc(1 + sT c)
(∆fa −∆fb) (2)

with fb the frequency of the supporting area (area b). Being
responsive to the frequency deviations in both areas, the
HVDC link can be used for supporting both areas. A schematic
representation of this control scheme is also provided in Fig. 2,
with the differences between the two schemes marked in red.

Compared to the unilateral scheme, the main advantage
of this scheme is that the exchange of frequency reserves is
not limited to one direction. However, a change in the active
power flow will cause a frequency deviation also in the second
area, and thus the improvement of the IFD in the area under
contingency is smaller.

III. FREQUENCY DYNAMIC MODEL

In order to account for frequency stability issues in power
systems and optimally dispatch synchronous generators, ad-
ditional constraints must be included in the unit commitment
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problem to limit RoCoF, IFD and SSFD. Thus, in this sec-
tion, we derive a simplified frequency response model of
AC systems with thermal synchronous generators and HVDC
interconnectors, as shown in Fig. 2, which will be used for
obtaining the frequency metrics. For the analytic formulation
of the frequency metrics, we consider that a contingency can-
not occur simultaneously in the interconnected AC systems.
For the notation, generators are referred to with the index i,
converters with the index k. When a parameter or variable
refers to a specific area, e.g. the total inertia constant, the
subscript refers to that area (a, b and so on).

The dynamics that need to be taken into account for an
accurate extraction of the center of inertia frequency of an
AC system are: (i) the generator dynamics, (ii) governor droop
and turbine dynamics and (iii) HVDC converter dynamics. The
generator dynamics can be described by the swing equation
(see Fig. 2), where M̂a and D̂a are weighted system parame-
ters representing the total inertia and damping constants of the
generators in area a. A low-order model, proposed in [31] and
evaluated in [32], is used to model the governor droops and
turbine dynamics, with Rg

i and Kg
i respectively the frequency

droop and mechanical power gain factor, F g
i the fraction of

total power generated by the turbines of the synchronous
generators and T g

i the turbine time constant. For the HVDC
converters, the frequency droop controllers described by (1)
and (2) are used to provide support during the containment
phase, while frequency restoration is assumed to rely only on
local reserves.

A. Frequency Metrics - Unilateral Scheme
The relation between an active power disturbance ∆P e

a and
the frequency deviation ∆fa in the supported area (area a
from now on) is given by:

GU
a(s) =

∆fa(s)

∆P ea (s)
=

((
sM̂a + D̂a

)
+
∑

i∈GSa

Kg
i

(
1 + sF gi T

g
i

)

Rgi
(
1 + sT gi

)

+
∑

k∈LS
a

Kc
k

Rck
(
1 + sT ck

)
)−1

,

(3)

with GSa and LS
a respectively the set of generators and HVDC

interconnectors providing frequency support in area a. Similar
to [33], we consider that the turbine time constants are equal,
i.e. T g

i = Ta, for all the synchronous machines within the
same synchronous area and that the converter time constants
are neglected (T g � T c). With these assumptions, (3) takes
the following generalized form:

GU
a(s) =

1

M̂aTa

1 + sTa
s2 + 2ζaωna s+ ωna 2

, (4)

where the natural frequency ωn
a and the damping ratio ζa are

given by:

ωna =

√
D̂a + R̂a

M̂aTa
, ζa =

M̂a + Ta(D̂a + F̂a)

2

√
M̂aTa(D̂a + R̂a)

. (5)

M̂a, D̂a, F̂a and R̂a are weighted model parameters, obtained
by aggregating system parameters and parameters of gener-
ators and HVDC converters in area a. For their derivation,
a detailed mathematical formulation is presented in [33].
Similar to [34], the damping constant D̂a is considered a fixed

Area a

TURBINE &
GOVERNOR
CONTROL

HVDC
CONVERTER
CONTROL

∆P e
a

−
∆fa

System dynamics
1

sM̂a+D̂a

1st Generator
Kg

1 (1+sF g
1 T g

1 )

Rg
1(1+sT g

1 )
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Kg

m(1+sF g
mT g

m)
Rg

m(1+sT g
m)

1st HVDC Converter
Kc

1

Rc
1(1+sT c

1 )

Nth HVDC Converter
Kc

n

Rc
n(1+sT c
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TURBINE &
GOVERNOR
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Area b
∆P HVDC

b
− ∆fb

System dynamics
1

sM̂b+D̂b
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Kg

1 (1+sF g
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1(1+sT g

1 )

Xth Generator
Kg

x(1+sF g
xT g

x )
Rg

x(1+sT g
x )

−

Fig. 2. System dynamics model under unilateral and bilateral HVDC SPC
schemes. The difference between the two schemes is highlighted in red. In the
case of the unilateral scheme, the line in red is disregarded, which means that
the active power exchanged with the grid is only dependent on the frequency
of the AC grid under the contingency. In the case of the bilateral scheme, the
line in red is taken into account, which means that the active power adjustment
is dependent on both frequencies of the interconnected AC grids.

parameter. By applying the inverse Laplace transformation
and assuming a step-wise disturbance ∆Pa, we can derive
a time-domain expression of the frequency deviation. This
enables to extract the RoCoF, the IFD and the SSFD in area
a, respectively:

ḟmax
a = −∆Pa

M̂a

, (6a)

∆fmax
a = − ∆Pa

D̂a + R̂a


1 +

√
Ta(R̂a − F̂a)

M̂a

e−ζaω
n
a t

m
a


 , (6b)

∆f ssa = − ∆Pa

D̂a + R̃ga
, (6c)

where tma is the time instant when the maximum frequency
deviation occurs, i.e. ∆ḟa(tma ) = 0. The obtained expressions
are similar to the ones derived in [27], meaning that HVDC
converters act as generators and provide the necessary power
to contain the frequency in area a. After the frequency
containment phase, instead, only generators provide frequency
support, thus only the term R̃g

a (which is the sum of the droop
gains of generators in area a) appears in (6c).

In case the supporting TSOs want to limit the frequency de-
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viation in their areas, additional constraints could be included.
In the supporting area (area b from now on), the change in
the converters set-point ∆P HVDC

b corresponds to the frequency
deviation ∆fb(s). The transfer function of area b, which is the
mapping of the Laplace transform of ∆fa(s) to the Laplace
transform of ∆fb(s), can be derived in a similar way to (4),
resulting in:

GU
b(s) =

∆fb(s)

∆fa(s)
=

R̃ca,b

M̂bTb

1 + sTb
s2 + 2ζbωnb s+ ωnb

2 , (7)

Since this area is not receiving support from area a through
HVDC, ωn

b and ζnb are calculated by replacing R̂b and F̂b

respectively with R̃g
b and F̃ g

b , meaning that only the generators
in area b (and not converters) provide frequency support.
The term R̃c

a,b, instead, refers only to the contribution of the
HVDC links connecting area a and b. By applying the inverse
Laplace transformation and assuming a step-wise disturbance
∆fa(s) = ∆fmax

a /s, we can derive a time-domain expression
of the frequency deviation in area b. This enables to extract
frequency metrics for the supporting area as well:

ḟmax
b = −

∆PaR̃ca,b

M̂aM̂b

, (8a)

∆fmax
b =

∆fmax
a R̃ca,b

D̂b + R̂b


1 +

√
Tb(R̂b − F̂b)

M̂b

e−ζbω
n
b t

m
b


 , (8b)

It should be noted that, by considering ∆fa(s) as a step-wise
disturbance, it is not possible to calculate the exact solution
for ∆fb(t) since its trajectory varies based on the generator,
turbine governor and HVDC converters parameters. Although
this results in the wrong calculation of the time to nadir, tmb ,
∆fmax

b is accurately represented. Moreover, the SSFD in the
supporting area is equal to zero as there is no contribution of
HVDC to frequency restoration in area a.

B. Frequency Metrics - Bilateral Scheme
The main difference between the bilateral and the unilateral

schemes is that, in the bilateral scheme, the active power
set-points of the HVDC converters change proportionally to
the difference between the frequencies of the interconnected
AC systems. In the event of a power disturbance ∆Pa, the
corresponding frequency deviation is given by:

∆fa(s) = GU
a(s)

(
∆P ea (s) +

∑

k∈CSa

Kc
k

Rck
(
1 + sT ck

)∆fb(s)

)
, (9)

showing that the frequency deviation in the area under contin-
gency depends also on the frequency deviation in the support-
ing area. To derive expressions of the frequency metrics, first
we need to analyze the frequency deviation in area b. The
transfer function GB

b(s), which models the relation between
∆fb(s) and ∆fa(s), is similar to (7), where ωn

b and ζb can be
calculated using R̂b and F̂b, meaning that both generators and
HVDC converters participate in frequency support in area b.

Plugging GB
b(s) into (9) introduces additional complexity

to the derivation of the analytical expressions, since (even
after the assumptions made in the previous sections) the
transfer function ∆fb(s)/∆P

e
a (s) becomes a fourth-order

transfer function and, in turn, ∆fa(s)/∆P e
a (s) becomes a

six-order transfer function. To overcome this issue, similarly
to the previous section, we first consider a step-wise change

of ∆fa(s) = ∆fmax
a /s, where ∆fmax

a is the maximum
allowable frequency deviation determined by the transmission
system operator in area a. This assumption results in an
overestimation of the absolute value of the frequency nadir
in both areas. However, this guarantees that the RoCoF and
the IFD stay within the operational limits. The frequency
metrics for area b are similar to the ones described by (8a) and
(8b), where R̂b and F̂b consider both generators and HVDC
converters participating in the frequency support of area b.

Similar to the UCS case, we consider that there is no
contribution of HVDC to the SSFD of the AC network that
faces the contingency. To derive the frequency metrics for area
a, we consider stepwise changes ∆P e

a (s) and ∆fa as −∆Pa/s
and ∆fmax

a /s, respectively. This leads to similar expressions
for the RoCoF and steady state frequency deviation as in (6a)
and (6c) and the following expression for the frequency nadir:

∆fmax
a =

−∆Pa −∆fmax
b R̃ca,b

D̂b + R̂a


1 +

√
Ta(R̂a − F̂a)

M̂a

e−ζaω
n
a t

m
a


 .

(10)
We remind again the reader that (10) overestimates the value
of the frequency nadir. However, it still ensures that the
frequency of the area a will remain within the limits set by
the transmission system operators.

IV. OPTIMIZATION FRAMEWORK

The calculation of the weighted model parameters depends
on which synchronous generators are online and able to
provide frequency support. Thus, in order to include frequency
constraints in an optimization problem, specific variables as-
sociated with the status of the units must be defined. In a
Unit Commitment Problem (UCP), the status of generators is
modelled by means of binary variables. This allows to include
ramping limits, minimum and maximum generation limits,
minimum online and offline duration and start-up and shut-
down costs. The frequency metrics derived in the previous
section can thus be directly included in a UCP without
modifying its basic structure. In this section, we present the
UCP formulation, augmented with frequency constraints and
reserve sharing through HVDC.

A. Objective Function

The objective function contains the sum of all the costs
associated with power generation, reserve procurement, load
shedding and wind curtailment:

∑

t∈T

∑

i∈G

(
Cigi,t + Csui yi,t + Csdi zi,t + Cri g

s
i,t

)

+
∑

t∈T

∑

j∈D

(
V llj d

s
j,t

)
+
∑

t∈T

∑

r∈R

(
V cwr wcr,t

) (11)

with Ci, Csu
i , Csd

i and Cr
i respectively the production, start

up, shut down and reservation costs of unit i, V ll
j the value of

lost load of consumer j and V cw
r the value of curtailed wind

of producer r. The continuous variables gi,t, gsi,t, d
s
j,t and wc

r,t

refer to the output and reserve of unit i, the amount of load
shedding of consumer j and the amount of wind curtailed for
producer r. The binary variables yi,t and zi,t model the start-
up and shut-down of unit i.
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B. Generator Constraints

Generator limits are enforced by adding this set of con-
straints:

ui,tP i ≤ gi,t ≤ ui,tP i ∀i,∀t (12a)
gi,t − gi,t−1 ≤ P uw

i ∀i,∀t (12b)

gi,t−1 − gi,t ≤ P dw
i ∀i,∀t (12c)

yi,t −
∑τoni
τ=t+1 zi,τ ≤ 1 ∀i,∀t (12d)

zi,t −
∑τoffi
τ=t+1 yi,τ ≤ 1 ∀i,∀t (12e)

yi,t ≥ ui,t − ui,t−1 ∀i,∀t (12f)
zi,t ≥ ui,t−1 − ui,t ∀i,∀t (12g)

with P i and P i the minimum and maximum generation output,
P uw
i and P dw

i the upward and downward ramping limits,
τon
i = min{t + T on

i − 1, T}, τoff
i = min{t + T off

i − 1, T},
T on and T off the minimum online and offline duration and T
the last time instance considered in the problem. The binary
variable ui,t defines the online or offline status of unit i at the
time instance t, and constraints (12f)-(12g) define the start-up
and shut-down variables accordingly.

C. Network and System Constraints

Flows over AC and HVDC lines are constrained by the
thermal capacity of conductors and, for the latter, power
electronics devices. In addition, the change of polarity of
a Line-Commutated Converter (LCC) requires de-energizing
the converter station; therefore, contrary to Voltage-Source
Converters (VSCs), it is not possible to rapidly change the
direction of power flow [35]. These constraints are defined as:

Bn,m(θn,t − θm,t) ≤ P AC
n,m ∀(n,m), ∀t (13a)

− P DC
k ≤ pDC

k,t ≤ P
DC
k ∀k ∈ Lvsc, ∀t (13b)

− (1− ulcc
k )P

DC
k ≤ pDC

k,t ≤ ulcc
k P

DC
k ∀k ∈ Llcc, ∀t (13c)

with P
AC

n,m and P
DC

k the transmission capacity of AC and
HVDC lines respectively, Bn,m the susceptance of the line
between bus n and m, θn,t the voltage angle at bus n, Lvsc

and Llcc respectively the set of VSC- and LCC-based HVDC
links (Lvsc ∪ Llcc = LDC), pDC

k,t the flow over the HVDC line
k and ulcc

k the binary variable defining the flow direction on
LCC-HVDC links. By using a binary variable in Eq. (13c),
the flow can be constrained to one direction for a predefined
amount of time, e.g. 4 hours or 1 day.

The nodal balance equation is expressed as:

−
∑

i∈Gn
gi,t −

∑

r∈Rn

(
Wr,t − wcr,t

)
+
∑

j∈Dn

(
Lj,t − dsj,t

)

+
∑

m:(n,m)∈LAC

Bn,m(θn,t − θm,t) +
∑

k∈LDC

In,kp
DC
k,t = 0

(14)

with Gn, Rn and Dn respectively the sets of generators, RES
and loads connected to node n, LAC and LDC the sets of
AC and HVDC lines respectively, Wr,t and Lj,t the RES
production (producer r) and load consumption (consumer j) at
bus n, and In,k the coefficient of the HVDC incidence matrix
corresponding to line k and bus n.

D. Weighted Model Parameters

The participation of generators and HVDC converters to
frequency support is decided by means of additional binary

variables: vgi,t defines the participation of generators while
vca,b,t the areas that are supported (index a) or support (index
b). Since only online generators can offer frequency support,
the following constraint is enforced:

vgi,t ≤ ui,t ∀i,∀t (15)

For the HVDC converters, depending on the SPC scheme
applied, two different constraints are introduced. For the
unilateral scheme:

vca,b,t + vcb,a,t ≤ 1 ∀a, ∀b ∈ A \ {a}, ∀t (16)

with A the set of asynchronous areas. Eq. (16) enforces that
if area a is supported by area b, area a cannot support area b.
For the bilateral scheme, instead, the following constraint is
introduced:

vca,b,t = vcb,a,t ∀a, ∀b ∈ A \ {a}, ∀t (17)

meaning that if area a is supported by area b, also area b is
supported by area a.

With the new variables, the weighted model parameters are
calculated as follows:

R̃g
a,t =

∑
i∈Ga

Kg
i

Rg
i
P iv

g
i,t ∀a, ∀t (18a)

R̃c
a,t =

∑
k∈LDC

a

Kc
k

Rc
k
P

DC

k v
c
a,∼,t ∀a, ∀t (18b)

F̃ g
a,t =

∑
i∈Ga

Kg
i F

g
i

Rg
i
P iv

g
i,t ∀a, ∀t (18c)

R̂a,t = R̃g
a,t + R̃c

a,t ∀a, ∀t (18d)

F̂a,t = F̃ g
a,t + R̃c

a,t ∀a, ∀t (18e)

M̂a,t =
∑

i∈Ga 2Hg
i P iu

g
i,t ∀a, ∀t (18f)

with Hg
i the inertia constant of the synchronous unit i. Note

that the subscript ∼ in (18b) means whatever area is connected
to area a through the HVDC line k.

E. Frequency Constraints
The weighted model parameters are calculated to include

frequency constraints in the optimization problem. This is
done in order to limit the RoCoF, the IFD and the SSFD in
the event of the worst contingency (N-1 security criterion),
i.e. the loss of the biggest generating unit. For this, we
consider a fixed power deviation ∆P e

a = max{P i}, with
i ∈ Ga. This assumption is justified by the fact that the biggest
generating units are usually nuclear power plants (mostly)
contracted in the long term market to always produce at full
capacity. Moreover, we do not consider these events to happen
simultaneously in more than one area.

From (6a), it is possible to observe a linear dependence of
the RoCoF on the inertia level of the AC system. Similarly,
(6c) shows a linear dependence between the total sum of droop
coefficients and the SSFD. Thus, these two frequency metrics
can be bounded by bounding the corresponding weighted
model parameters:

M̂a,t ≥ fbase
a

ḟmax
a

∆P ea ∀a, ∀t (19a)

R̃ga,t ≥
fbase
a

∆f ss,max
a

∆P ea − D̂a,t ∀a, ∀t (19b)

Being R̂a,t a linear combination of R̃g
a,t and R̃c

a,t, by bounding
R̃g

a,t also R̂a,t is automatically bounded.



7

Regarding the IFD, it is not possible to directly include (6b)
and (10) in the optimization problem as they are non-linear
and non-convex. The authors in [26] introduce a piecewise
linearization of the frequency nadir which consists of a set of
hyperplanes, activated by binary variables, that are included
as equality constraints. The authors in [27], instead, introduce
bounds on the single variables to avoid excursions of the fre-
quency beyond the limits. However, the first approach requires
many hyperplanes to accurately represent the nadir function,
making the problem computationally intense to solve, while
the second significantly reduces the feasible space. Within
reasonable bounds (determined by realistic values of the
weighted model parameters), (6b) is monotonically decreasing
in all the considered variables, meaning that the higher is
R̂a,t, F̂a,t or M̂a,t, the smaller is the IFD (see Fig. 3). Thus,
the points on the boundary (i.e. close to the IFD limit) can
be approximated with a hyperplane. This hyperplane, which
is a linear combination of the weighted model parameters,
divides the feasible space into two regions, one with the
triplets (R̂a,t,F̂a,t,M̂a,t) that violate the IFD requirements and
one with the ones that do not. Thus in order to discard
the triplets that violate the IFD constraints, the following
inequality constraint is included in the optimization problem
(for the UCS case):

F̂a,t ≥ AR
a R̂a,t +AM

a M̂a,t +A0
a ∀a, ∀t (20)

with AR
a , AM

a and A0
a the coefficients of the hyperplane.

More information about the calculation of these coefficients
is provided in Appendix A. The left 3D plot of Fig. 3 shows
an example of hyperplane (depicted in orange) that divides
the points that do not satisfy the IFD constraint (yellow and
light green points below the plane) from the ones that satisfy
it (dark green and blue points above the plane). Indeed, the
colors assigned to each point are related to the value of IFD
for the corresponding system parameters R̂a,t, F̂a,t and M̂a,t

(see the color bar on the left) and, by excluding from the
feasible space the points below the plane, the frequency never
falls below the prescribed minimum level.

In the case of BCS, the maximum IFD depends on the
weighted model parameters of the system that experiences
the contingency and the supporting systems. Thus the 3D
hyperplane becomes a 7D hyperplane (or more), and the IFD
constraint is included as follows:
F̃a,t ≥

∑

b∈Aa

(
ARg

a,bR̃
g
b,t +AM

a,bM̂b,t +AF
a,bF̃

g
b,t +ARc

a,bR̃
c
a,b,t

)

+AR
aR̃

g
a,t +AM

a M̂a,t +A0
a ∀a, ∀t

(21)

with Aa the set of asynchronous areas connected to area a,
and ARg

a,b, AM
a,b, AF

a,b and ARc

a,b the corresponding coefficients
of the hyperplane. The three 3D plots on the right, in Fig. 3,
provide a representation of the 7D hyperplane (depicted in
red) calculated for two interconnected areas. These plots are
obtained by fixing the aggregated system parameters of one
area (in this case area b) and by varying the sum of converter
droop gains (R̃c

a,b) between the two areas. Similar to the left
plot, only the points above the hyperplane satisfy the IFD
constraints.

This data-driven approach, which consists in (i) calculating
the IFD for a large number of possible combinations of system
parameters and (ii) finding the points on the boundary to be
approximated by the hyperplane, significantly increases the
computational speed of the problem while keeping the relative
error small (average relative error 0.04).

F. Post-contingency Constraints

With droop frequency controllers, the response of generators
and HVDC converters is proportional to the ratio between their
droop coefficient and the total droop in the system. To ensure
that generators committed to provide frequency services and
HVDC converters with SPC have enough capacity to support
the system, some capacity must be reserved. At the same time,
domestic reserves must be enough to guarantee system security
in case of HVDC link outages. The following constraints
model the response of generator and HVDC converters and
ensure enough capacity reservation:

gsi,t = vgi,t
K

g
i P i

R
g
i R̂(a|i∈Ga),t

∆P e(a|i∈Ga) ∀i, ∀t (22a)

gi,t + gsi,t ≤ ui,tP i ∀i, ∀t (22b)∑
i∈Ga g

s
i,t ≥ ∆P DC ∀t (22c)

psk,t = vc(a|k∈LDC
a ),∼,t

Kc
kP

DC
k

Rc
k
R̂(a|k∈LDC

a ),t
∆P e(a|k∈LDC

a ) ∀k, ∀t (22d)

− P DC
k ≤ pDC

k,t + psk,t ≤ P
DC
k ∀k ∈Lvsc, ∀t (22e)

− (1− ulcc
k )P

DC
k ≤ pDC

k,t + psk,t ≤ ulcc
k P

DC
k ∀k ∈Llcc, ∀t (22f)

with gsi,t the response of generator i (equal to the reserved
capacity), ∆P DC the maximum power deviation following an
HVDC link outage (equal to the full capacity of monopole
links or to half of the capacity for bipole links), and psk,t the
response of the HVDC converter k (and the reserved capacity).
Constraints (22c) guarantees that, in case of HVDC line out-
age, there are enough frequency reserves to guarantee system
security in each area. Similar to constraint (13c), constraint
(22f) ensures that the polarity of LCC converters is not inverted
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Fig. 3. Spatial representation of the frequency nadir function with the related hyperplanes. The orange plane is the 3D plane for the UCS, which divides the
space into two regions, one with feasible and one with infeasible points. The red plane is the 7D plane for the BCS. The visualization of the 7D space is
obtained by fixing R̃gb = 71, F̃ gb = 19 and M̂b = 53; three values of R̃ca,b are considered for the three plots. ∆fmax
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to provide frequency support. Constraints (22a) and (22d) are
non-linear because R̂a,t appears in the denominator and the
fraction is then multiplied by vgi,t or vca,∼,t. In the following,
two techniques to linearize these expressions are presented.

G. Relaxation techniques

In order to linearize contraints (22a) and (22d), the first step
is to introduce a new variable Ŝa,t such that:

R̂a,tŜa,t = 1 ∀a, ∀t (23)

This constraint is bilinear and, in order to linearize it, the
McCormick relaxation is applied [36]. Unless the bounds of
the variables are quite small, this relaxation is not tight. To
improve it, a piecewise version of the relaxation is applied, as
suggested in [37]. Constraint (23) is then substituted by:
∑
x,y

(
SayR

a
x,y,t +RaxS

a
x,y,t − SayRaxwax,y,t

)
≤ 1 ∀a, ∀t (24a)

∑
x,y

(
S
a
yR

a
x,y,t +R

a
xS

a
x,y,t − S

a
yR

a
xw

a
x,y,t

)
≤ 1 ∀a, ∀t (24b)

∑
x,y

(
S
a
yR

a
x,y,t +RaxS

a
x,y,t − S

a
yR

a
xw

a
x,y,t

)
≥ 1 ∀a, ∀t (24c)

∑
x,y

(
SayR

a
x,y,t +R

a
xS

a
x,y,t − SayR

a
xw

a
x,y,t

)
≥ 1 ∀a, ∀t (24d)

R̂a,t =
∑
x,y R

a
x,y,t, Ŝa,t =

∑
x,y S

a
x,y,t ∀a, ∀t (24e)

wax,y,tR
a
x ≤ Rax,y,t ≤ wax,y,tR

a
x ∀x, ∀y, ∀a, ∀t (24f)

wax,y,tS
a
y ≤ Sax,y,t ≤ wax,y,tS

a
y ∀x, ∀y, ∀a, ∀t (24g)

∑
x,y w

a
x,y,t = 1 ∀a, ∀t (24h)

where Ra
x,y,t and Ra

x,y,t are new continuous variables (for
the sake of space the index a is written as superscript), wa

x,y,t

new binary variables and Ra
x, R

a

x, Sa
y and S

a

y the lower and
upper bounds defining the segments in which R̂a,t and Ŝa,t

are divided. The subscript x refers to the x-th segment of
R̂a,t and y to the y-th segment of Ŝa,t. Given that Ŝa,t is the
reciprocal of R̂a,t, the division of Ŝa,t in segments is linked
to the division of R̂a,t, meaning that high accuracy can be
obtained with few segments.

Similar to (23), the terms vgi,tŜa,t and vca,∼,tŜa,t, which
appear in constraints (22a) and (22d) after the introduction of
the new variable, must be linearized. In this case, these terms
are the product of a binary and a continuous variable, thus the
bigM method can be applied [38]. Constraints (22a) and (22d)
are then replaced by:

gsi,t =
K

g
i P i

R
g
i
V̂ S

g

i,(a|i∈Ga),t∆P
e
(a|i∈Ga) ∀i, ∀t (25a)

psk,t =
Kc

kP
DC
k

Rc
k

V̂ S
c

k,(a|k∈LDC
a ),∼,t∆P

e
(a|i∈Ga) ∀k, ∀t (25b)

0 ≤ V̂ Sgi,(a|i∈Ga),t ≤ v
g
i,tM ∀i, ∀t (25c)

Ŝa,t − (1− vgi,t)M ≤ V̂ S
g

i,(a|i∈Ga),t ≤ Ŝa,t ∀i, ∀t (25d)

0 ≤ V̂ Sck,(a|k∈LDC
a ),∼,t ≤ vca,∼,tM ∀i, ∀t (25e)

Ŝa,t − (1− vca,∼,t)M ≤ V̂ S
c

k,(a|k∈LDC
a ),∼,t ≤ Ŝa,t ∀i, ∀t (25f)

with V̂ S
g

i,(a|i∈Ga),t and V̂ S
c

k,(a|k∈LDC
a ),∼,t the new continuous

variables. As pointed out in [39], the selection of the right M
is a delicate process: with too small values, constraint (25c)
might be binding even when vgi,t is equal to one. On the other
hand, too large values might cause numerical inaccuracies
when solving the problem. In this case, since Ŝa,t is the
reciprocal of R̂a,t, and R̂a,t ≥ 1, it is possible to set M = 10
without incurring in any of these problems.

H. Optimization Problem

The UCP with frequency constraints, HVDC SPC and
generator frequency support is formulated as:

min (11)
s.t. (12a)− (12g), (13a)− (13c), (14)

(15), (18a)− (18f), (19a), (19b) (26)
(16), (20) or (17), (21)
(24a)− (24h), (25a)− (25f)
(22b), (22c), (22e), (22f)

Constraints (16) and (20) are enforced in case of unilateral
exchange of reserves; for the bilateral exchange, instead,
constraints (17) and (21) are introduced. In case of different
control schemes applied between different zones, a combina-
tion of these constraints is included.

The energy prices can be calculated as suggested in [40]:
first the solution of the MILP problem is calculated, then the
integer variables are relaxed to continuous variables and fixed
to the obtained solution, and the problem (now a LP problem)
is solved again. In this way, Lagrangian multipliers can be
obtained. Energy prices are then calculated as the derivative
of the Lagrangian function of the relaxed problem (L∗) with
respect to a marginal increase δ in the demand:

EPn =
∂L∗
∂δ

= λn −
∑
d∈Dn

ρd (27)

with λn the Lagrangian multiplier associated with the nodal
balance equation (bus n) and ρd the multiplier associated with
the upper bound on load shedding (load d).

For the numerical examples in the next section, the reserves
are procured on a daily basis and the energy market is cleared
for a 24-hour time period. This means that, if a generator
(or HVDC converter) commits to provide frequency support,
the capacity is reserved for the whole day. The reasoning
behind this is that, in Europe, most of the TSOs procure
reserves in D-2 or D-1 for the entire day of operation, and
the energy market is cleared once for every hour of the
following day. However, the presented formulation is general
and it also allows for hourly procurement if required. Also,
the unit commitment problem could be solved for longer
time windows. In case the size of the UCP would make
it intractable, decomposition techniques such as the one in
[41] could be applied to decompose the problem by time
instances. In this paper, the problem is solved in a centralized
fashion, as we look at it from a total system perspective.
Our aim is to deliver a tool that explicitly considers how the
existing capabilities of HVDC lines allow for the sharing of
reserves between asynchronous areas, and is able to quantify
the reduction in the total system costs. In a European market
setting, performing a spatial decomposition of our problem,
by following e.g. the technique proposed in [41] and standard
decomposition techniques, we can obtain a market tool that can
achieve similar results, and can be used by the TSOs in each
respective area, similar to the Unit Commitment that currently
takes place. Finally, the problem formulation is presented in a
deterministic setup; however, the problem formulation could
also be solved in a probabilistic fashion.
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V. NUMERICAL RESULTS

In this section, two numerical examples are presented. The
first example is provided to study the impact of exchanging
frequency services via HVDC on the market outcome and
the market participants. A simple 2-area system is used for
the simulation: the two asynchronous areas are connected by
a single VSC-HVDC link and the internal AC networks are
omitted to enhance the readability of the results. The second
example, instead, is used to prove the validity of the model in
case of more asynchronous areas interconnected, and to study
the scalability of the model considering internal AC networks,
different HVDC technologies, and a larger number of market
participants. All the simulations are run using YALMIP [42]
and Gurobi [43].

A. 2-area System
The two areas are approx. of the same size: the installed

generating capacity is 13 and 11 GW respectively (35 and
30 generating units), with a peak demand of 9 and 6 GW.
The synchronous generation mix includes nuclear, natural gas,
oil, hard coal, lignite and biomass steam units; the maximum
RES penetration in the two areas is 47% and 55%. Two
nuclear power plants are the dimensioning incidents in the
two areas, respectively 600 MW and 550 MW. The transfer
capacity of the VSC-HVDC link (bipole) is 500 MW. The
demand, wind and solar time series correspond to the actual
profiles of East and West Denmark during July 2019. The
dynamic parameters of generators are based on [27], while the
economic parameters are taken from [44]. The system data is
available in [45].

To assess the benefit of the SPC implementation, four
simulations are executed: i) “no lim”, the frequency constraints
are omitted in the model and the reserve procurement is done
by enforcing a minimum reserve requirement, ii) “no SPC”,
the reserve procurement is done in accordance to the frequency
constraints, iii) “unilateral” and iv) “bilateral”, HVDC lines
are involved in the exchange of frequency services, first with
the unilateral scheme and then with the bilateral.

By looking at Fig. 4, it is clear that frequency constraints
are violated if they are not included in the model (blue lines).
This does not happen in the other simulations, showing that
procuring reserves only on a cost basis without considering the
response of the system is not enough to ensure its stability.
Moreover, from Fig. 5, it is clear that the exchange of
frequency reserves through HVDC can help reducing the costs
of reserve procurement while maintaining the system N-1
secure. In terms of system costs, the total costs decrease by 1%
in the “unilateral” case and by 1.4% in the “bilateral”. The
comparison is made with respect to “no SPC” (total system
cost 69.95 Me), as in the “no lim” case (total system cost
68.16 Me) frequency constraints are not included (and are also
violated) and thus the comparison would not be fair. The cost
reduction is more pronounced if we only look at the reserve
procurement costs, which decrease by 8.5% in the “unilateral”
case and by 10.8% in the “bilateral” (in the “no SPC” case
the cost is 3.9 Me).

The impact of the activation of HVDC SPC on the market
outcome is provided in Table I. The amount of generator
capacity that is not reserved (because of SPC), results in
more capacity available in the energy market. Since generators
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Fig. 5. Generation capacity reserved during each day of the simulations.

must be dispatched to provide support, this means that local
production increases in the importing area (without affecting
the energy price), while exports decrease in the other area.
This means more revenues for the generators in the importing
area and less revenues for the ones in the exporting area. At the
same time, the increased generation results in higher energy
production and lower reserve procurement costs in area 1.

Looking at load payments, these increase in area 2 while
decreasing in area 1. The explanation for this is that the hours
with congestion decrease (respectively 283, 222, 163 and 188
hours in the four simulations) meaning that consumers in the
two areas are subject to the same price for more hours. Given
that area 1 is the “high price” area and area 2 the “low price”
one, the result is lower payments from the loads in area 1 and
higher payments from the loads in area 2.

Concerning the HVDC line owner, one could expect lower
congestion rents due to the reservation of a portion of the
capacity. However, the lower capacity results in higher price
differences (respectively 0.58, 1.28, 2.04 and 1.81 e/MWh in
average) and, in turn, in higher congestion rent.

Table II compares the IFDs calculated with the analytical
expressions to the ones obtained through dynamic simulation
(Fig. 6) for a specific time instance (hour 43). The two
values match in all the cases, only in the “bilateral” case
the calculated IFD is a bit higher (this was expected due to
the assumptions in Section II), meaning that the UC solution
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TABLE I
IMPACT OF HVDC SPC ON THE MARKET OUTCOME.

no lim no SPC1 unilateral bilateral

Reserve Cost AREA 1 -2.2% (1.77) -12.3% -14.21%
AREA 2 -11.6% (2.15) -5.3% -7.9%

Energy Cost AREA 1 +2.6% (35.86) +1.5% +1.6%
AREA 2 -8.1% (30.17) -3.1% -3.8%

Total Cost AREA 1 +2.3% (37.63) +0.9% +0.8%
AREA 2 -8.3% (32.33) -3.2% -4.1%

Gen. Rev. AREA 1 +13.1% (28.89) +5.7% +5.9%
AREA 2 +27.1% (15.67) -3.4% +0.2%

Load Pymt. AREA 1 -5.0% (71.16) -1.5% -1.7%
AREA 2 -7.5% (42.85) +0.8% -

HVDC Rev. - -54.0% (0.23) +21.0% +9.0%

TABLE II
COMPARISON OF THE IFD OBTAINED WITH THE ANALYTICAL

EXPRESSIONS AND THE DYNAMIC SIMULATIONS.

no lim no SPC unilateral bilateral

Analytical AREA 1 - - 0.1550 0.1496
expression AREA 2 0.7707 0.5204 0.5849 0.5007

Dynamic AREA 1 - - 0.1261 0.1001
simulation AREA 2 0.7706 0.5204 0.5896 0.4875

is more conservative. Finally, Fig. 7 shows the frequency re-
sponse of the two asynchronous interconnected areas following
a HVDC-link loss. As it can be seen, the frequency deviation
in both systems remains well below the IFD limit for both
control schemes (“unilateral” and “bilateral”). This is because
constraint (22c) guarantees that there are enough reserves in
each area and because the loss of the HVDC link (bipole) is
less severe than the dimensioning incident (250 MW).

B. 3-area System

A third area is now connected to area 1 and area 2: this area
is significantly smaller than the others, with approx 3 GW of
synchronous generation capacity (18 units), 0.7 GW of wind
power and 2.2 GW of peak load. At the same time, the size
of area 1 is doubled: 22.8 GW of synchronous generation (60
units), 4.3 GW of wind and 18.3 GW of peak load. Two VSC-
HVDC links (bipole - 500 MW each) connect area 1 to area
2, one LCC-HVDC link (monopole - 200 MW) connects area
1 to area 3 and one VSC-HVDC link (monopole - 150 MW)
connects area 2 to area 3. The three dimensioning incidents
in the three areas are respectively 900 MW, 550 MW and
300 MW. In addition, the AC network of each area is now
considered: area 1 and 2 consists of 6 electrical nodes, while
area 3 has 3 nodes. The system data is available in [45].

According to the findings in [46], we consider now that
HVDC lines can be overloaded to provide frequency support
(up to 20% of the nominal rating), increasing the utilization
of the interconnectors for energy exchanges. The procurement
of primary reserves in the three areas is provided in Fig. 8.
Similar to the previous example, the exchange of reserves
through HVDC results in less procurement in each area, with
the results that more cheap generation is available for energy
production. The total procurement costs in the case “no SPC”,
used as reference, is 5.78 million Euros; this cost decrease to

1Used as a reference for the other simulation, the unit is million Euros.
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Fig. 6. IFD following the dimensioning incident in area 2. The left graph
shows the IFD in area 1 due to the activation of HVDC SPC.
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Fig. 7. IFD following the loss of one pole of the HVDC link. The left figure
shows the under frequency event in area 1 (the importer), while the right
figure shows the over frequency event in area 2 (the exporter).

5.22 million Euros (-9.6%) in “unilateral” and to 4.71 million
Euros in “bilateral” (-18.5%). The larger decrease compared
to the 2-area example can be explained with the larger capacity
between area 1 and 2, and with the additional support provided
by area 3. In Fig. 10, the hourly profiles of wind production
and HVDC support are compared: in the case of UCS, a
certain correlation between high RES penetration and HVDC
frequency support can be observed. This clearly shows that
HVDC SPC can help maintaining the system N-1 secure in
the event of low inertia periods, reducing the costs associated
with RES curtailment and other security measures.

The comparison of the two converter types, namely LCC
and VSC, is provided in Fig. 9, where the flows on two inter-
connectors are shown for the first three days of the simulated
time horizon. The additional constraints introduced for LCC
converters result in unidirectional power flows for a certain
time period, 24 hours in our simulation. In addition, when
frequency support is provided, the flow on the interconnector
must be kept above a certain threshold to avoid changes of
the cable polarity. This does not happen with VSC converters,
whose flows can happen in the two directions without time
constraints. From Fig. 9 it is also possible to see that, by
considering the overloading capabilities of the lines, less
capacity is reserved.

Finally, Fig. 11 compares the average solver time for
clearing the market (24 h) with the two test cases. Clearly,
introducing the SPC functionality in the formulation increases
the complexity of the problem, with the result that the compu-
tation time increases. The highest solver time is seen for the
“unilateral” case, with an average of 26.8 minutes; however,
the simulation have been run on a machine with an Intel Core
2.9 GHz CPU (4 cores, 32 GB of RAM) and better results
can be expected using parallelization in high performance
computers.
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VI. CONCLUSION

While RES are being integrated into electrical networks
around the world, transmission system operators are facing
serious challenges in operating the system with low inertia
levels. With the ambitious climate targets set by the European
Commission, coordination between system operators will be
key to secure the operation of power systems during the energy
transition. In this regard, the goal of this paper is to highlight
the benefits of sharing reserves through HVDC interconnectors
using their Supplementary Power Control (SPC) functionality.
First, we have derived analytical expressions for the frequency
metrics of asynchronous AC systems connected by HVDC
lines. We have then introduced these metrics as constraints into
a unit commitment problem. Two different control schemes for
HVDC converters have been analyzed: the unilateral scheme,
which allows to share reserves only in one direction, and the
bilateral scheme, which allows it in both directions. The results
of the optimization problem show how procurement costs can
be reduced up to 20% if the SPC functionality of HVDC lines
is activated. Moreover, we have analyzed how generators and
loads are impacted by these modifications, showing that the
unilateral scheme might results in one-side benefits, while with
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a bilateral scheme the benefits are more distributed.
As future research, the proposed model could be expanded

in two directions. First, by also including hydropower plants,
which will allow to consider the valve backslash effect of hy-
dro units in the system frequency response. Hydro generators
have, so far, not been considered in any of the existing ap-
proaches combining unit commitment and frequency response
in the literature. Second, the inclusion of multi-terminal DC
grids could represent the possibility of simultaneously sharing
reserves among several asynchronous regions.

APPENDIX A
CALCULATION OF THE HYPERPLANE COEFFICIENTS

In this section, the different steps for the calculation of the
hyperplane coefficients are explained. The calculation is done
for the unilateral scheme, using Eq. (6b) for the calculation of
the IFD; however, the same procedure applies for the bilateral
scheme.

First, the three system parameters appearing in Eq. (6b),
R̂a, F̂a and M̂a, are discretized. The range used for the
discretization depends on the parameters of the generators in
the area, and the number of points per parameter on the desired
accuracy, e.g., with 100 points per parameter, the IFD function
is evaluated in 1 million points. The IFD is calculated with
each triplet of parameters, and the spatial representation of the
IFD function is obtained.

The second step consists in the selection of the points which
are close to the IFD limits, which constitute the set S. For
example, if the maximum allowed IFD is 0.7 Hz, all the points
in the range 0.7±0.01 Hz are selected. These points are used
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for the calculation of the hyperplane that better interpolates
them. This is done with the following optimization problem:

min
AR

a,A
M
a ,A

0
a

∑

(i,j,k)∈S
(AR

aR̂i,a +AM
a M̂j,a +A0

a − F̂k,a)2 (28a)

s.t. AR
aR̂i,a +AM

a M̂j,a +A0
a − F̂k,a ≤ 0 (28b)

where the objective is to find the coefficients AR
a , AM

a and A0
a

which minimize the distance between the hyperplane and the
points in S. Constraint (28b) guarantees that the hyperplane
lies completely in the feasible space, i.e. the space identified
by the points with IFD≤0.7 Hz. In this way, some points that
would satisfy the IFD constraints might be excluded but, most
importantly, no triplet (R̂a,F̂a,M̂a) which violates the IFD
constraints is included in the feasible space of the problem.
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North Sea Energy Islands:
Impact on National Markets and Grids

Andrea Tosatto, Xavier Martı́nez Beseler, Jacob Østergaard, Pierre Pinson and Spyros Chatzivasileiadis

Abstract—Taking concrete steps towards a carbon-free society,
the Danish Parliament has recently made an agreement on the
establishment of the world’s first two offshore energy hubs, one
on the island of Bornholm and one on an artificial island in
the North Sea. Being the two first-of-their-kind projects, several
aspects related to the inclusion of these “energy islands” in
the current market setup are still under discussion. To this
end, this paper presents the first large-scale impact analysis
of offshore hubs on the whole European power system and
electricity market. The detailed models used for such analysis are
publicly released with the paper. Our study shows that energy
hubs in the North Sea have a positive impact, and overall increase
economic welfare in EU. However, when considering the impact
on each country, benefits are not shared equally. In order to help
the development of such projects, we focus on the identification
of market challenges and system needs arising from the hubs.
From a market perspective, we show how exporting countries are
negatively affected by the lower electricity prices and we point
at potential strategic behaviors induced by the large amount of
new transmission capacity installed in the North Sea. From a
system point of view, we show how the large amount of wind
energy stresses conventional generators, which are required to
become more flexible, and national grids, which cannot always
accommodate large imports from the hubs.

Index Terms—Energy islands, European electricity market,
HVDC transmission, market impact, North Sea Wind Power
Hub, offshore wind projects

I. INTRODUCTION

The Paris Agreement, signed during the Conference of the
Parties in 2015 (COP21), represents an important milestone
in the pathway toward the transformation of the global energy
sector [1]. In order to mitigate climate change and keep global
warming 1.5◦C above pre-industrial levels, ambitious targets
related to energy efficiency and Renewable Energy Sources
(RES) penetration have been set worldwide. As part of this
goal, the European Commission is promoting large invest-
ments in solar PV stations and wind farms, which are expected
to account for more than 80% of electricity generation in EU
by 2050 [2].

In this context, large efforts have been made to determine
which technologies and geographical areas are the most suit-
able for accelerating RES penetration [3], [4]. In the last
decades, offshore wind energy has drawn increasing attention,
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such that it is now considered the most promising technology
for achieving RES targets [5]. This is mainly due to (i) scarcity
of appropriate on-land sites and (ii) public concerns related to
noise, visual impact and land utilization [6]. Simultaneously,
the North Sea region has been identified as the most favorable
location for offshore projects because of (i) excellent wind
conditions, (ii) shallow waters and (iii) relative proximity
to several countries, making feasible to combine efforts for
the realization of large offshore wind installations [7], [8].
According to [9], more than 180 GW of wind farms must
be installed in the North Sea in order to meet the European
targets.

Together with the development of offshore wind farms, the
economic benefits brought by the realization of an offshore
transmission grid have been largely analyzed in the literature
[10]–[14]. The first transmission grid project in the North
Sea region was proposed by the European Commission in
2008, as the initial step towards the realization of a European
super grid. This proposition resulted in the kickoff of the
North Seas Countries’ Offshore Grid Initiative (NSCOGI)
in 2010 [15]. Ten countries were part of this collaboration:
France, Germany, Belgium, the Netherlands, Luxembourg,
Denmark, Sweden, Norway, United Kingdom and Ireland.
The growing interest around the North Sea region resulted in
the integration of NSCOGI into the new North Seas Energy
Cooperation (NSEC) in 2016 [16]. Since then, NSEC has
focused on the development of concrete cross-border offshore
wind and grid projects (also called “hybrid” projects), with
the aim of reducing costs and space of offshore developments
in the region.

One project that falls within the scope is the “North Sea
Wind Power Hub” (NSWPH) [17]. Kicked off in 2017,
the NSWPH programme is the result of the joint efforts
of Energinet, the Danish electricity and gas Transmission
System Operator (TSO), TenneT and Gasunie, respectively the
electricity and gas TSOs in the Netherlands and the northern
part of Germany. The main innovative aspects of the project
are: (i) the concept of “Hub-and-Spoke”, (ii) the construction
of artificial islands instead of traditional offshore platforms and
(iii) the modularity of the project. In other words, the project
aims at building several small artificial islands (the hubs)
where the energy produced by the wind farms is collected and
then transmitted to onshore via several High-Voltage Direct-
Current (HVDC) links (the spokes).

To facilitate the realization of such hybrid projects, different
analyses have been presented in the literature. In [18], for
example, the authors focus on three specific projects (UK-
Benelux, UK-Norway and German Bight) and carry out a
detailed cost benefit analysis, proposing different methods
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to allocate benefits among the involved parties. In a similar
fashion, the authors in [19] present different offshore market
design options suitable for new energy islands and study their
implications using a simplified model in Balmorel. Moreover,
the European Commission has commissioned several studies
to engineering consulting firms with the aim of identifying
the barriers to the realization of such projects [20], [21]. In
the same vein, the Danish Energy Agency has recently made
public two studies related to sea areas screening and cost-
benefit analyses of the energy islands [22], [23]. All these
studies have helped authorities make an informed decision,
with the result that in February 2021 the Danish Parliament
agreed on the construction of the first energy island in the
North Sea [24].

However, most of the studies so far have focused only on
the North Seas countries, considering the rest of Europe too far
for being impacted by a hub in the North Sea. As pointed out
in [20], there is the need for broader analyses to understand the
impact of energy islands, as more projects are to be expected.
The following questions arise. How are market participants
impacted? Is it technically feasible to integrate such a large
share of wind generation? The huge amount of installed
wind capacity will shift the merit order curve, cutting several
conventional generators off. In addition, the produced energy
will be highly dependent on the weather, and large fluctuations
are to be expected. Finally, considering the large amount of
transmission capacity planned by the involved TSOs, new
market opportunities will arise for generating companies. How
market participants will respond to these changes is not clear
yet.

To this end, this papers aims at providing the first large-scale
impact analysis of North Sea Energy Islands on the European
electricity market. The goal of the study is to point at the
consequences of such projects, with focus on all the European
countries. More in detail, the contributions of this paper are:
• First detailed market simulations studying the impact

across all European countries, including the UK, of
different combinations of wind and transmission capacity
installed in the North Sea.

• Evidence and discussion of system needs and market
challenges that might arise along with the development
of offshore hybrid projects.

The studies are carried out using detailed market models
of the European electricity market and 400 kV transmission
grid in 2030. As part of the contributions, we present and
release the model data for whole system studies as open-
access and open-source, in a GitHub repository [25]. The
market simulations correspond to the clearing of the day-
ahead energy market, formulated as an economic dispatch
with grid constraints, where we assume perfect competition
and elasticity in the demand. Security constraints for secure
system operation are embedded into transmission capacity
constraints. The inclusion of energy islands is assessed through
the realization of an offshore bidding zone, motivated by the
studies in [26].

The remainder of this paper is structured as follows.
Section II discusses about market arrangements for hybrid
projects. Section III presents the modelling assumptions and
the market model used for the simulations. In Section IV,

the results of the different simulations are presented and
discussed, with particular emphasis on the consequences for
market participants. Section V gathers conclusions and the
policy implications.

II. MARKET ARRANGEMENTS FOR HYBRID PROJECTS

This section presents different market setup options which
define the conditions for the transmission of electricity from
the offshore wind farms to the onshore grids, and motivates
the choice of a new offshore bidding zone in the analyses
presented in this paper. The options proposed in [20] are:

1) commercial flows to the respective home markets (HM);
2) dynamic commercial flows to the high-price market

(DHPM);
3) dynamic commercial flows to the low-price market

(DLPM);
4) dedicated offshore bidding zone (OBZ).
The following example, inspired by [26] and illustrated in

Fig. 1, presents an “extreme” case with negative prices to
highlight the differences between the four arrangements.

The system under consideration consists of 3 bidding zones
(BZ) which are now connected through the hub. The three
areas have respectively 4, 2 and 6 GW of installed offshore
wind and transmission capacity (for a total of 12 GW). BZ1 is
the high-price market (10 e/MWh), BZ2 the low-price market
(-5 e/MWh) and BZ3 the medium-price market (5 e/MWh),
and for simplicity it is assumed that these prices will not be
affected by the hub. In all four situations, the wind power
generated is half of the installed capacity (in total 6 GW) and
wind farms have priority access to the offshore transmission
capacity, meaning that exchanges between price zones are
allowed only if there is some remaining transmission capacity.
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Fig. 1. Different market setup for an energy island.
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In Fig. 1, the interconnectors are marked in orange, while the
internal lines are marked with the color of the bidding zone.
Moreover, uncongested lines have white flow indicators.

With the first option, HM, the wind farms bid into the
bidding zone corresponding to their home markets and receive
the corresponding electricity prices. Since priority is given
to the wind farms, the imports allowed by each TSO are
respectively 2GW, 1GW and 3GW. However, because BZ2
has negative price, the wind farms will not be dispatched
(assuming their marginal cost is zero). The other wind farms
produce respectively 2 and 3 GW (as shown inside the circles,
in total 5 GW). With the remaining transmission capacity, BZ1
imports 2GW from BZ2, creating congestions on the links and
confirming the price differences.

Options 2 and 3, DHPM and DLPM respectively, are
conceptually similar. With the wind farms bidding to the high-
price market, the hub is included in BZ1. As a consequence,
the 4 GW of transmission capacity are fully utilized for the
wind energy, the wind farms are dispatched only for 4 GW
and no exchanges are allowed. In case of DLPM, the hub
is included in BZ2, where the wind farms bid into the low-
price market. Now, the wind farms are not dispatched since
the price is lower than their bids. Thus, the 4 GW imported
by BZ1 come from BZ2 and BZ3. Note that BZ2 can accept
only 2 GW (the capacity of the link to the hub), thus the 2
GW flowing from BZ3 to the hub create a market congestion.

Finally, the fourth option is the creation of an offshore
bidding zone, which implies that all the offshore wind farms
bid into a new bidding zone and are dispatched based on the
market coupling with the connected zones. In this situation,
all the 6 GW of wind are dispatched, and the price at the hub
is equal to the price of the bidding zone with an uncongested
transmission link (in the example BZ3).

It is clear that the first three options introduce inefficiencies
in the market outcome that are not present when the offshore
bidding zone is introduced. Moreover, DHPM and DLPM
do not comply with the Capacity Allocation and Congestion
Management (CACM) Guideline, defined by the European
Commission, as they are not robust and stable over time.
Indeed, the low-price and high-price markets could theoret-
ically change every hour, resulting in complicated market
strategies for the market participants (mainly offshore, but
also onshore). In [26], options 1 and 4 are further compared
with respect to (i) compliance with European Regulations, (ii)
price formation, (iii) distribution of the benefits, (iv) impact
on wind farm revenues and (v) impact on balancing and
operational mechanisms. Although the NSWPH members have
not identified yet what is the preferable option, it seems the
OBZ solution is likely to be chosen as HM requires significant
regulatory changes and leads to less socio-economic welfare.
In the remainder of this paper, therefore, we consider the
formation of a new offshore bidding zone as the market setup
for the energy island.

III. MODELS AND SIMULATION SETUP

The model of the European electricity market presented in
this paper is derived from a large model of the pan-European
transmission system. The transmission model uses as a basis a
previous proposal described in [27], [28], which has now been

validated, extended and improved to include more detailed
representations of the Nordic countries, Ireland and the UK.
This section is organized in five subsections that present (i)
the improved European transmission network model, (ii) the
corresponding European market model, (iii) the assumptions
regarding the market clearing process, (iv) the projection of
the market dispatch on the transmission model and (v) the case
studies.

A. European transmission network model
The transmission model presented in this paper uses as a

starting point the network model presented in [28]. Origi-
nally, the model accounted for around 21’000 buses (three
voltage levels: 132-150, 220 and 380-400 kV) and more
than 27’000 transmission assets (AC and DC lines and 2-3
winding transformers). A set of grid reinforcement projects
and new transmission lines from the e-Highway2050 project
[29], the 2016 Ten-Year Network Development Plan (TYNDP)
by ENTSO-E [30] and the Projects of Common Interest (PCI)
was included to account for the grid modifications expected
by 2030. For improving the tractability of the dataset, the
resulting model was reduced in [27] to comprise only the
220 and 380/400 kV levels. The generator data was matched
with the RE-Europe dataset [31], and further adjustments were
made to consider the nuclear phase-out in Germany [32] and
the increased level of RES penetration expected by 2030 [33].
Finally, the load and the generation at distribution level were
aggregated to the corresponding transmission substation and
modified with projections for 2030 based on the EUCO30
scenario developed by the European Commission [34].

The transmission network of the Nordic countries, namely
Denmark, Norway, Sweden and Finland, is taken from [35].
The grid reinforcements and new transmission lines presented
in [9] have been included in the grid. In addition, generator
data has been modified to consider the phase-out of several
coal-fired power plants in Denmark [36] and Finland [37] and
the decommissioning of nuclear power plants in Sweden [38].
Load consumption and RES penetration, instead, have been
adjusted based on the EUCO30 scenario.

The data of the transmission systems of Ireland and the
United Kingdom is publicly available [39], [40]. The Irish
Transmission Statement provides detailed information regard-
ing the modifications foreseen for 2027 in terms of transmis-
sion, generation and consumption. Generator data for the UK
has been taken from the ENTSO-E Transparency Platform [41]
and adjusted according to the UK Energy Policy [42]. Also
for Ireland and the UK, demand and RES penetration have
been adjusted based on the EUCO30 scenario.

The resulting transmission network model model is depicted
in Fig. 2. We use this model, with the inclusion of energy
islands in the North Sea, to perform feasibility studies of large
offshore wind installations in the North Sea region.

B. European electricity market model
In Europe, a zonal pricing scheme for electricity is applied:

consumers and producers within the same price zone, or bid-
ding zone, receive the same electricity price regardless of their
specific locations. Usually, a bidding zone is geographically
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Fig. 2. European 400 kV transmission model.

identified with a country. However, countries can be divided
into more bidding zones to reflect intra-network constraints,
as in the case of Italy, Denmark, Sweden, Norway and UK.
Therefore, all the nodes corresponding to one bidding zone
have been aggregated to a single node, which represents
the zone, obtaining an appropriate model of the European
electricity market. As explained in Section II, when included
in the model, North Sea Energy Islands are considered as a
new offshore bidding zone.

In addition, the transmission network is included in the
market model by means of equivalent interconnectors between
bidding zones. The capacity of these lines are calculated based
on security and reliability criteria, and TSOs often reduce the
available transmission capacity to keep a certain Transmission
Reliability Margin (TRM). The expected capacities for market
exchanges in 2030 are taken from the 2018 TYNDP [33],
where ENTSO-E makes projections for 2030 based on new
transmission projects, and are considered constant over the
year.

Currently, European TSOs make use of two different
methodologies for coupling different market zones: explicit
and implicit transmission capacity auctioning [43]. With ex-
plicit auctions, transmission capacity and energy are traded
separately in two different marketplaces. With implicit auc-
tions, instead, different market zones are implicitly coupled
and the flows on the interconnectors are the result of the energy
trades. Despite being the simplest methodology to handle
transmission capacity on interconnections, explicit auctioning
might result in the inefficient utilization of transmission capac-
ity, such that TSOs are gradually moving towards implicit auc-
tioning (Price Coupling of Regions project [44]). Anticipating
this development, we consider in our model that all countries
are coupled with a single market clearing algorithm with
implicit auctioning. A detailed description of the calculation
of Power Transfer Distribution Factor (PTDF) matrix for flow-

Fig. 3. European electricity market model.

based market coupling is provided in Appendix A.
The resulting market model is represented in Fig. 3. More

specific aspects of the market clearing process will be dis-
cussed in the following.

C. Market-clearing assumptions

The market model introduced in Section III-B is used for
day-ahead market clearing. Ancillary services, intra-day and
regulating power markets are not considered in the simula-
tions.

The day-ahead market clearing problem is formulated as
economic dispatch with transmission grid constraints. The
objective is to maximize social welfare, intended as the sum
of consumer and producer surplus. The load included in the
transmission model is considered inelastic, with a large value
of lost load (VOLL) set to 3000 Eur/MWh. An additional
10% of demand is considered responsive to the clearing price,
with a linear utility function varying with the total inelastic
demand, i.e. the slope of the line connecting 3000 Eur/MWh
to 0 Eur/MWh in a range equal to 10% of the total demand.
Generator cost functions are modelled with linear coefficients
which have been selected based on the fuel-type according to
[31], while CO2-related costs have not been included in the
cost functions. We consider a market with perfect competition,
meaning that all generators behave truthfully and their bids
truly reflect their marginal costs of production. We do not
consider subsidies from different governments and, as a result,
RES participate in the market bidding at zero-marginal cost.

The constraints included in the formulation are only related
to the maximum generation or consumption capacities of the
market participants. No technical constraints, such as ramping
limits, online and offline minimum duration periods and start-
up and shut-down costs, are included in the model. Exchanges
between bidding zones are calculated by means of PTDF using
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a linear power flow model. No transmission losses are included
in the model.

In all the simulations, the market is cleared for each hour
of a time window corresponding to one year. Wind, solar and
demand profiles are obtained from the ENTSO-E Statistical
Factsheets [45]. For pumped-storage hydropower units in
Continental Europe, limitations on water availability across the
year are considered, with the results that these units participate
mostly during peak-net-load hours.

For the replicability of the results, a detailed description of
the market clearing algorithm is provided in Appendix B.

D. Projection of the market dispatch on the grid model

After the market is cleared, the dispatch of generators, RES
and loads is projected on the transmission model to check for
its feasibility. This projection can be intended as the balancing
power market, where units are up- and down-regulated to deal
with internal congestions. However, given that no reserves
are procured prior to the day-ahead market clearing, this is
not intended as a market analysis but as a feasibility check,
and all units can be adjusted to deal with congestions. While
redispatching units, the merit order curve is followed: the
redispatching costs are assumed to be the absolute values of
the differences between the day-ahead price and the marginal
cost of production of generators. Finally, load shedding and
wind curtailment are considered when necessary.

For the replicability of the results, a detailed description of
the projection algorithm is provided in Appendix B.

E. Definition of case-studies

To study the impact of North Sea Energy Islands on the
European electricity market, four different case studies have
been developed with focus on different aspects, such as the
size of the island, the installed transmission capacity and the
connected countries. These cases cover a total of five countries
facing the North Sea: Denmark, Germany, the Netherlands,
United Kingdom and Norway. All the simulations presented
in Section IV are performed for a time period corresponding
to one year.

1) Reference case: no hub: For comparison purposes, the
simulation is first performed without the energy islands. This
case will be referred to as “No Hub”. In the results section,
most of the results with the hub will be presented as the
difference with this case.

2) 10 GW and 20 GW islands: The size of the hub is
defined by the amount of installed wind capacity. Two different
sizes are simulated: 10 GW and 20 GW. In the 10 GW case,
one island is built in the North Sea, and 6 HVDC links connect
the island to Denmark (DK2), Germany, the Netherlands and
UK. Each link has 1700 MW transfer capacity; Germany and
the Netherlands have two links each. In the 20 GW case, a
second island is considered. The second island is an exact
copy of the first, with 10 GW of wind capacity installed and
6 HVDC links with 1700 MW transfer capability; however,
the connection points to the onshore grids have been changed.
Fig. 4 shows the configuration with two islands.

NSEH

UNITED
KINGDOM

NORWAY

DENMARK

GERMANY

FRANCE

BELGIUM

THE
NETHERLANDS

SWEDEN

Fig. 4. Connections between the NSEH and the onshore grids. Each island
has 10 GW of installed wind capacity. The number of HVDC links varies
across scenario, the capacity of the each link is 1700 MW.

3) More transmission capacity for exchanges: Since the
construction of the hub requires a certain transmission capac-
ity, this case study (“Exchanges”) investigates the impact of
increasing this capacity for allowing more exchanges through
the hub. This case is similar to the “10 GW” case, except for
the total transmission capacity which is increased to 15 GW
(instead of 10 GW). The transfer capacity from the hub to
the UK and Denmark is 2.5 GW (for each country), and to
Germany and the Netherlands 5 GW (for each country).

4) Connection to Norway: This case study (“Norway”)
aims at investigating how a new interconnection, in this case to
Norway, would alter the equilibrium of the NSWPH-connected
countries. As in the previous case, only one island is built
with 10 GW of wind power. The 10 GW of transmission
capacity are now distributed to five countries. Germany and the
Netherlands have a total of 2.9 GW of transmission capacity
each, while Denmark, Norway and the UK have 1.45 GW
each.

IV. RESULTS AND DISCUSSION

In this section, the market model presented in Section III-B
has been used to evaluate the impact of different combinations
of installed wind and transmission capacity in the North Sea
on the European countries. The structure of this section is the
following. First, the results obtained for the reference case are
presented so that the reader can get familiar with the model.
The discussion will then focus on certain attributes of interest,
such as electricity prices, exchanges between countries, and
utilization of transmission assets, for the countries directly
connected to the energy island. Subsequently, the analyses will
move towards the other European countries to highlight the
repercussions of hybrid projects in the North Sea on zones
not directly involved in the projects. The potential revenues of
wind power producers and the transmission system operator
on the island are then considered. Finally, the discussion
will focus on system needs and market challenges that could
arise with these projects, looking at changes of behavior of
market players and at the technical feasibility of such projects.
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For transparency, Appendix C presents the numerical values
of average electricity prices, total generation, consumption,
exports and imports for all the bidding zones across the five
scenarios.

A. Reference case
The reference case considers the European electricity mar-

ket in 2030 without any energy island in the North Sea.
The first attribute to be considered is the distribution of

electricity prices across the continent. Fig. 5 (upper figure)
shows the average electricity price per country. For those
countries with multiple bidding zones, the average price of all
bidding zones is used. Note that the UK corresponds to Eng-
land, Wales, Scotland and Northern Ireland unless otherwise
stated, and DE to Germany and Luxembourg. The countries
with the lowest price are Norway, Sweden and Finland. In
Continental Europe, the lowest electricity prices are found
in France, Spain, Portugal and Hungary. On the other side
of the spectrum, Switzerland is the country with the highest
price, followed by Austria, Belgium, Italy, Germany and the
Netherlands.

The distribution of electricity prices is also reflected on
the net position of each country. Fig. 5 (lower figure) shows
the imports/exports of each country. The energy that France
exports stands out compared to the other countries; France has
a large amount of installed nuclear and RES capacity, with
exports equal to one third of the total production. Second
in the list, Norway exports approx. one third of its total
production; in this case, almost all the installed capacity comes
from hydropower plants. Third comes Sweden, where the vast
majority of power production comes from hydro, nuclear and
wind.

Concerning the imports, Italy imports almost half of its total
consumption, making it the main importer. Half of this power

comes from France, directly or through Switzerland, and
the remaining half from Eastern Europe. The second largest
importer is the UK, with one fourth of the total consumption
covered by France and Norway. Third in terms of volume is
Belgium, but its share of imported energy corresponds to 70%
of the total consumption, the highest in terms of percentage.

Finally, Fig. 6 integrates the information related to prices
and exchanges with the main directions of power flows and the
occurrence of congestions in all corridors. The first observation
is that power flows from Northern, Eastern and Western
Europe to Central and Southern Europe. Second, the full
controllability of HVDC lines helps bypass congestions in AC
corridors, as HVDC flows are not dependent on the impedance
ratios of the parallel AC corridors. This is particularly clear
looking at the case of the UK: the total incoming flows amount
to 89 TWh, but the total imports are only 56 TWh. The re-
maining 33 TWh are redirected towards Belgium, Netherlands,
Germany, Denmark, Ireland and Northern Ireland. These loop-
flows over the HVDC connections from France to the UK
and back to Continental Europe occur as they help increase
the exchanges between France and Belgium, since the AC
corridor is congested for 99% of the time. Similar situations
are encountered in Denmark, the Netherlands, Germany and,
more in general, in all the zones that are close to high price
markets. The last observation is related to the correlation
between prices and congestions. It can be noticed from Fig. 6
that the congestions always occur between the zones with the
lowest and highest prices. Or better, low and high prices are
caused by congestions, with the zones at the two ends of the
congested corridor experiencing the lowest and highest prices
[46]. This happens for example between Hungary and Austria,
France and Belgium, France and Switzerland and so on.
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Fig. 5. Average prices (upper figure) and imports/exports (lower figure) of each European country in the reference case.
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B. Impact on the countries connected to the hub

From this section on, the impact of different energy hub
configurations are investigated; in particular, this section fo-
cuses on the countries directly connected to the island, i.e.
Germany, the Netherlands, Denmark, United Kingdom and, in
the last scenario, Norway.

Fig. 7 (upper figure) shows the percentage variation of the
average prices in the five countries. Given that a large share
of zero-marginal cost generation has been placed in the North
Sea, one would expect that all the countries directly connected
to the hub would face a price reduction. However, this does
not happen because, together with generation capacity, a large
amount of transmission capacity is installed, facilitating further
exchanges between the connected countries.

Compared to the electricity prices in the UK, prices in the
Netherlands, Germany and Denmark are about 30% higher.
It follows that prices tend to converge to a common value
as transmission capacity is installed between these countries:
in the first three scenarios (10 GW, 20 GW and Exchanges),
prices in DE, NL and DK further decrease, while the prices in
the UK increase. In particular, in the scenario “Exchanges”
the difference between the installed wind and transmission
capacity is 5 GW, thus more exchanges happen. In the last
scenario, instead, the low-price market is Norway and, thus,
electricity prices decrease also in the UK, while they increase
in Norway. It is interesting to notice that, in the scenario
“Exchanges”, prices increase also in Norway. This happens
because Norway is connected to the UK and, when these links
are not congested, the price is the same in the UK and in
Norway.

The trend of electricity prices finds confirmation in Fig. 7
(lower figure), which shows the duration curve of the flows
on the link between the UK and the hub. The energy im-
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Fig. 7. Average price variation (upper figure) and duration curve of flows on
the link between UK and the hub (lower figure) in the zones connected to the
hub across the different scenarios.

ported/exported through the hub is equal to the area defined
from each curve and the x-axis. Moving from the “10 GW”
to the “20 GW” scenarios, the ratio between imported and
exported energy by the UK stays the same, explaining why the
price increase is small. On the contrary, in the third scenario
the export area increases significantly, while in the fourth
it decreases, explaining the large price increase in the third
scenario and the opposite trend in the fourth.

In terms of generation, the newly installed wind capacity
is placed at the beginning of the merit order curve and
shifts conventional generators to the right. This is reflected
in Fig. 8 (upper graph), which shows the changes in the
energy generated in the five considered countries. The largest
variation is found in Germany, where the energy imported
from the hub replaces domestic production. On a smaller scale,
something similar happens in Denmark where local generation
is replaced by the imports from the hub; however, also the
imports from Sweden and Norway slightly decrease. In the
Netherlands, instead, the imported energy mainly replaces
imports from other countries, mostly coming through Germany
and Belgium. Finally, when connected to the hub, Norway
takes advantage of the new transmission capacity to increase
the domestic production and exchange 3 TWh through the hub.

An interesting aspect that can be observed in Fig. 8 (lower
graph) is that not all energy flowing from the hub to the dif-
ferent countries targets domestic consumption. Indeed, Fig. 8
shows the variation of transit flows in the five considered
countries. As expected, as long as there is enough transmission
capacity in the AC system, power flows to those countries
with the most expensive generation. For example, power
flows from the UK to Ireland, Northern Ireland, Belgium
and the Netherlands; from Germany to Belgium and Austria,
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Fig. 8. Generation changes (upper figure) and transit flow variation (lower
figure) in the zones connected to the hub across the different scenarios.

and so on. Transit flows often occur in AC systems and
in countries with multiple HVDC connections. In the latter
case, an adequate compensation mechanism for the costs of
HVDC losses and losses induced in the intra-zonal network
should be considered [47], as the Inter-TSO Compensation
(ITC) mechanism does not cover flows on HVDC links, which
are considered as “individual transactions for declared transit
flows” [48].

Finally, TABLE I presents the variation of producer and
consumer surplus. In general, with lower electricity prices,
revenues of generating companies decrease, while the surplus
of consumers increases. Indeed, generator surplus is calculated
as the product of the energy produced times the difference
between the electricity price and the cost of production. Con-
sumer surplus, instead, is the product of the energy consumed
times the difference between their utility and the electricity
price. In addition, part of domestic generation is now replaced
by imports from the hub, further decreasing producer surplus.
As a general trend, it can be seen that social welfare, intended
as the sum of consumer and producer surplus, increases in all
the scenarios. Only in Norway, where generation exceeds con-
sumption by 50%, the decrease in generator surplus outdoes
the increase in consumer surplus, resulting in a decrease of
social welfare in the first two scenarios.

C. Impact on the other European countries
Once the impact on the countries directly connected to the

hub has been investigated, the scope of the analysis is broad-
ened to consider the rest of the European countries. Being an
interconnected system, changes in the market equilibrium are
to be expected also in areas far from the North Sea.

The focus of this analysis is on market players, looking at
consumer and producer surplus in the other countries. Fig. 9

TABLE I
PRODUCER AND CONSUMER SURPLUS VARIATION IN THE CONSIDERED

COUNTRIES ACROSS THE DIFFERENT SCENARIOS (Me/YEAR).

10 GW 20 GW Exch. Norway

Producer
Surplus

DE -356 -697 -414 -390
DK -29 -73 -1 -52
NL -44 -82 -48 -49
NO -15 -59 39 186
UK 29 13 300 -66

Consumer
Surplus

DE 433 887 514 470
DK 48 118 23 72
NL 122 243 140 134
NO 14 50 -17 -109
UK -1 74 -338 127

shows the percentage variation of producer (upper graph) and
consumer (lower graph) surplus in the countries not directly
connected to the hub across all the different scenarios. Before
diving into the analysis, it should be mentioned that the utility
of inelastic loads is set to 3000 Eur/MWh, thus the resulting
consumer surplus is significantly higher than generator surplus.
This is reflected in the lower graph of Fig. 9, where the
percentage variations are just few decimal digits. In terms
of absolute values, the changes have the same magnitudes of
producer surplus. This could be avoided by presenting the ab-
solute variation; however, the resolution would be unfavorable
for small countries, whose absolute variations are significantly
smaller than in bigger countries.

As it appears from Fig. 9, variations occur in almost
all countries. In particular, changes are more pronounced in
those countries with high electricity prices, such as Austria,
Belgium, Switzerland and Italy. The most remarkable effect
is, indeed, the gradual decrease of the congestions between
Austria and Hungary. This happens because, by changing the
market equilibrium, flows on all interconnectors change. For
example, 14% of the exchanges between Poland and Germany
and 11% of the exchanges between Czech Republic and Ger-
many pass through the corridor between Austria and Hungary.
With Germany decreasing the imports from these countries,
the congestion is often relieved, resulting in lower prices in
Austria, Switzerland, Italy and Slovenia and higher prices in
Hungary. In the case of Belgium, instead, imports from the
Netherlands increase significantly, reducing electricity prices.

Other aspects to be noticed are: (i) electricity prices in
Ireland are strongly correlated with prices in the UK and
they follow a similar trend across the scenarios, (ii) electricity
prices in Sweden and Finland have similar trends with prices
in Norway and (iii) in the Balkan Peninsula generators surplus
decrease outdoes consumer surplus increase.

Overall, social welfare increases in all four scenarios, re-
spectively by 401, 890, 465 and 535 million Euros per year
(between 0.12 and 0.25 percentage points) compared to the
reference case. However, it must be considered that not in all
countries the change is positive: as mentioned above, Norway
experiences a decrease of social welfare in the first two sce-
narios. In general, countries that export a significant amount of
energy (in relation to the internal consumption), e.g., Norway,
France, Sweden, and others, experience decreases in producer
surplus that are higher than the corresponding increases in
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Fig. 9. Producer surplus variation (upper figure) and consumer surplus variation (lower figure) across the differnet scenarios.

consumer surplus. The relation between import/export and
social welfare variation is depicted in Fig. 10, where the
negative part of the x-axis shows the import and the positive
one the exports. The trend lines clearly show that social
welfare tends to decrease with increasing exports. This hap-
pens in Albania, Bosnia Herzegovina, Czech Republic, France,
Macedonia, Montenegro and Serbia in all scenarios, while in
Ireland, Norway and Sweden in some of the scenarios (mostly
the first two).

D. Revenues of wind producers and TSO on the island

The focus is now shifted towards the revenues of the wind
producers and an hypothetical system operator on the island.

The revenues per MWh of wind energy produced and sent to
the other countries are shown in Fig. 11. As expected, the value
of wind energy decreases with increasing installed generation
capacity, as electricity prices further decrease. Indeed, in a
future electricity market with only zero-marginal cost RES,

other market mechanisms will be necessary for power pro-
ducers to make profits, as there will be no more conventional
generators to push prices up [49], [50]. Compared to the first
scenario, the changes in the third and fourth scenarios can be
explained in relation to the example provided in Section II.
Indeed, in the third scenario additional transmission capacity
is built in the North Sea, with the result that less congestions
are created. Due to the assumption that wind producers bid at
zero-marginal cost, the price in the island is formed based on
the links that are not congested. Reducing congestions means
that electricity prices converge to prices in the neighboring
markets, resulting in higher prices at the hub and higher
profits for wind producers. In the fourth scenario, instead,
the connection to Norway leads to lower prices at the hub,
as congestions occur more often on the links to the other
countries.

Opposite trends can be observed for the revenues of the
system operator. Congestion rents are calculated as the energy
exchanged on the links times the price difference between
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the different scenarios.

the connected market zones. The resulting revenues are then
shared equally between the owners of the lines. Price dif-
ferences arise only when congestions occur, meaning that
the less congestions occur the lower the revenues of the
transmission operators are. At the same time, the greater the
price differences between market zones are, as in the case with
the connection to Norway, the higher the revenues are.

It is not clear yet whether there will be an independent
system operator on the island, or this will be operated by
the TSOs involved in the projects. However, the total revenue
collected by the system operator spans between 100 and 350
million Euros per year. These revenues could be used to
cover operational and maintenance costs or even to build more
transmission capacity in the North Sea.

E. Potential challenges arising with hybrid projects in the
North Sea

The analysis has focused so far on the direct market
consequences of offshore hybrid projects like the NSWPH.
The analysis is now shifted towards challenges that might arise
in terms of system and market operation.

The first consideration concerns the flexibility of conven-
tional generators and their cycling patterns. The high depen-
dence of RES on weather parameters, such as wind speed,
solar radiation, etc, makes them highly unpredictable and
volatile. Sudden variations of power production challenge
system operation if there are not enough sources of flexibility,
e.g. energy storage or demand response. In our market model,
technical limitations of generators, such as ramping limits
and minimum online and offline duration, are not taken

into consideration. This assumption could be acceptable for
studying the impact on market players; however, it does not
cover the feasibility aspect of the market outcome. Knowing
the limitations of the model, we have performed this analysis
ex-post, looking at the cycling patterns of several generators.
Fig. 12 shows the cycles of a hard coal-fuelled generator
in West Denmark. Compared to the reference case, cycles
increase from 217 to 280 per year in the “10 GW” scenario,
corresponding to an increase of about 30%. Considering all
the conventional generators in Denmark, Germany, the United
Kingdom and the Netherlands, 253 units out of 559 have
their cycling patterns modified: for 145 units cycles increase
(weighted increase 35%, with maximum increase 200%),
while 108 units see their cycles decrease (weighted decrease
24%, maximum decrease 75%). Overall, considering all the
units, the trend shows an increase of 11% in the cycling
patterns. With our model, it is not possible to state whether this
increase is feasible; however, two possible scenarios lie ahead.
If these changes are not feasible, either constraints will force
different market outcomes, introducing less optimal equilibria,
or more source of flexibility will be necessary to deal with
the higher intermittence of RES. On the other side, if this is
actually feasible, additional operation and maintenance costs
will be incurred by generating companies [51], [52], with the
most probable outcome that bidding strategies will change to
reflect these additional costs and electricity prices will further
increase during low-wind-power events.

Another aspect to take into consideration is related to the
large amount of transmission capacity installed in the North
Sea, which opens up new market opportunities for generat-
ing companies. For example, we have shown how Norway
increases the exports through the hub. This happens because
almost all generation in Norway comes from hydro, with
relative low production costs. Assuming that all the generators
behave truthfully is a common assumption; however, this
might not always be the case in real power exchanges. Water
is one of the most strategical assets [53], and generating
companies with water reservoirs have more possibilities of ex-
ercising market power compared to other types of generation.
Moreover, there are many examples of market power in hydro-
dominated power systems [54], [55]. Strategic behavior of
generators might result in capacity withholding and increase of
electricity prices in certain situations, increasing the revenues
of certain market players while representing an additional cost
for consumer.

Hours (h)

N
or

m
al

iz
ed

ou
tp

ut

0 500 1,000 1,500 2,000 2,500 3,000 3,500 4,000 4,500 5,000 5,500 6,000 6,500 7,000 7,500 8,000 8,500
0

0.5

1

No Hub 10 GW

Fig. 12. Cycling pattern of a sample unit in DK1.



11

Hour [h]

Po
w

er
[G

W
] IMPORT LIMIT

0 2,000 4,000 6,000 8,000
0

5

10

15

20

Production Curtailment

Fig. 13. Duration curve of produced and curtailed wind power in the “20 GW”
scenario. The red dashed line corresponds to the technical limitation imposed
by congestions in national grids.

Finally, the last aspect concerns the feasibility of installing
tens of GW of wind power capacity in the North Sea. The
NSWPH consortium is studying the construction of several
artificial islands (11 to 17) in the North Sea; the amount
of wind power collected in each island ranges between 3
and 14 GW [56]. Some onshore connection points have been
identified in [57]; however, in these analyses conducted it
is simply assumed that these locations can accommodate
such large amount of wind energy. Given that not all the
points of connection are specified in the technical reports, the
closest points in the geographical areas identified by [57] have
been used in our transmission grid model. The projection of
the market outcome obtained in the “20 GW” scenario has
been performed as illustrated in Section III-D, with particular
attention to the wind curtailment in the island. Fig. 13 shows
the amount of energy produced vs. energy curtailed. From
our results, it seems there might be difficulties in integrating
a large amount of wind energy in the North Sea unless grid
reinforcements are performed and energy storage or Power-
to-X (PtX) solutions are deployed. In particular, congestions
arise in the German national grid, resulting in more than 1.5
TWh of curtailed wind energy. On the one hand, this analysis
is highly impacted by the selected connection points; on the
other hand, we are considering only two islands with 20 GW
of installed wind power. Looking ahead at the next 30 years,
more and more offshore wind capacity will be installed, calling
for grid reinforcements, energy storage or PtX solutions.

V. CONCLUSION AND POLICY IMPLICATIONS

In this paper, we have presented detailed market analyses
related to the realization of hybrid offshore projects in the
North Sea, inspired by the North Sea Wind Power Hub
(NSWPH) programme. Given the large number of countries
interconnected through the pan-European AC transmission
grid, there is the need for large-scale impact analyses of these
projects on the European power system.

To this end, two detailed transmission grid and electricity
market models representing the European power system were
developed and presented in this paper. Four different scenarios
were designed to investigate different connection topologies
and hub sizes. The results show that, overall, social welfare

increases in all the considered scenarios. At the same time, we
have presented evidence of several challenges that might arise
in terms of system and market operation. Addressing those will
allow the efficient integration of the North Sea Energy Islands,
and lead to the increase of the European social welfare.

From a market point of view, we showed that not all coun-
tries register a positive increase of welfare and we pointed at
the fact that the large amount of transmission capacity installed
in the North Sea could potentially trigger strategic behaviors.
The first point stems from the consideration that exporting
countries experience (i) lower electricity prices and/or (ii)
lower exports due to the introduction of the energy island.
Therefore, the increase in consumer surplus due to lower
prices is not enough to balance out the decrease of producer
surplus due to lower exports and prices. Given that benefits
shift from producers to consumers, new mechanisms have to
be introduced to fairly allocate benefits and make sure that
generating companies can find other sources of revenues, or
perhaps invest in the construction of North Sea wind farms
to maintain a revenue stream. The second point is centered
around the strategic nature of water as an asset, with the
large amount of hydropower producers in Norway potentially
benefiting from the newly installed transmission capacity in
the North Sea. An option to limit such strategic behaviors
could be to incentivize energy storage across Europe. In this
context, Power-to-X (PtX) is probably the most promising
technology for bulk storage.

On a system perspective, we showed that conventional
generators and national grids are stressed by the large amount
of wind capacity installed in the North Sea. Conventional
generators experience increasing cycling as more and more
intermittent RES generation is integrated. This could lead
to significant changes in the bidding strategies of market
players to reflect the additional O&M costs, or might require
additional sources of flexibility. Therefore, there is the need
of intensified investments in flexible generation or in upgrades
of existing generators that can increase their flexibility or the
number of cycles. Moreover, because of internal congestions,
it might not be feasible to import large amounts of wind energy
unless grid reinforcements are performed. In this context,
again, incentives for energy storage solutions or other sources
of flexibility, e.g. PtX, could help relieve some congestions
and increase the exploitation of wind resources in the North
Sea.

APPENDIX A
PTDF MATRIX FOR FLOW-BASED MARKET COUPLING

Power Transfer Distribution Factors (PTDFs) are sensitivity
coefficients that show how power flows are distributed fol-
lowing the injection of one unit of power at a specific bus
(the source) and its withdrawal at the reference bus (the sink).
Under the assumption of “DC” power flow approximation,
power flows f across the network can be calculated as follows:

f = PTDF J (1)

where J is the vector of power injections and PTDF is the
matrix of power transfer distribution factors. The PTDF matrix
is an L × N matrix, with N the number of buses and L the
number of lines.
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Algorithm 1 PTDF matrix estimation
1: for z ← 1 to Z do
2: for g ← 1 to Gz do
3: Set Pg = 1
4: for n← 1 to Nr do
5: Set Dn = 1
6: Solve power flow
7: Aggregate flows on interconnectors
8: Save flows on interconnectors
9: end for

10: end for
11: for int← 1 to I do
12: Calculate PTDF ∗int,z =

∑
fint/GzNr

13: end for
14: end for

The PTDF matrix of a system depends on the network
connectivity and on the line parameters. The change in the
flow over the line connecting bus i to bus j due to a unit
injection at bus n is given by:

PTDFij,n =
Xi,n −Xj,n −Xi,r +Xj,r

xi,j
(2)

with r indicating the reference node, xi,j the reactance of the
transmission line connecting bus i to bus j and Xi,k the entry
in the ith row and the kth column of the bus reactance matrix
X .

When the system is reduced to represent a zonal market,
the definition of PTDF in (2) is not valid anymore. The
procedure described in Algorithm 1 is followed to estimate
the new PTDF ∗ matrix of the system. One at a time, the
output Pg of all generators in one bidding zone (the source) is
increased by one unit of power, e.g. 1 MW, and the flows
on all the lines are calculated using (1), where the PTDF
matrix is the one corresponding to the full network model. The
flows on the set of lines corresponding to the interconnector
between two bidding zones are aggregated and saved. The
same operation is repeated varying the bus n at which that
unit of power is consumed (Dn), until all the buses within
the reference bidding zone (the sink) have been considered
(from 1 to Nr). At the end, the column with the PTDFs
corresponding to the considered bidding zone (the source)
is estimated by statistical analysis using linear regression.
The whole procedure is repeated for another bidding zone
(corresponding to another column of the matrix), until all
the bidding zones have been considered (from 1 to Z). The
resulting PTDF ∗ matrix is an I × Z matrix, with Z the
number of bidding zones and I the number of (equivalent)
interconnectors.

With this procedure, the estimated PTDF ∗ matrix should
provide a good enough representation of how the flows on
the interconnectors change when the net position of a bidding
zone change. Thus, a flow-based market coupling algorithm is
obtained by calculating the power exchanges between bidding
zones with the new PTDF ∗ matrix.

Since the procedure involves statistical analysis using linear
regression, the obtained PTDF ∗ might contain small numerical
inaccuracies. If this happens, the power balance constraint that

is implicitly included in the market clearing problem does not
hold. In order to solve this issue, the following linear program
can be used:

min
w,z

∑

int

∑

z

w2
int,z +

∑

int

∑

k

πy2int,k (3a)

s.t. |wint,z| ≤ 0.1 : ∀int, ∀z
(3b)

|yint,k| ≤ 0.1 : ∀int, ∀k
(3c)

Jk − Iint(PTDF ∗ + w)Jk = 0 : ∀k (3d)
(PTDF ∗ + w)Jk − PTDF ∗Jk = yk : ∀k (3e)

where wint,z is the correction of the PTDF ∗ element corre-
sponding to interconnector int and bidding zone z, yint,k is
the tolerance on the flow precision, π are weights and Iint

is the incidence matrix of the interconnectors on the bidding
zones. The vector Jk contains the net position of each bidding
zone (i.e. the power injections), and the index k correspond to
a specific set of injections (in our case k ∈ {1, ..., 1000}, each
time with randomized injections). The optimization problem
aims at minimizing the deviation from the PTDF ∗ while
keeping the error on the flows relatively small. Constraints
(3d) enforce the power balance for all the sets of power
injections, while constraints (3e) enforce the equality on the
flows calculated with the “old” and “new” PTDF ∗.

The final PTDF f matrix for flow-based market coupling is
calculated as:

PTDF f = PTDF ∗ + w (4)

APPENDIX B
MATHEMATICAL FORMULATION

For replicability of the results, the optimization problems
used to clear the day-ahead market and project the dispatch
on the full network model are presented here.

The market clearing problem is formulated as the following
linear program:

max
g,h,d,ds,wc,fdc

uᵀd− cg ᵀg − ch ᵀh− vd ᵀds − vw ᵀwc (5a)

s.t. 0 ≤ g ≤ G (5b)

0 ≤ h ≤ ahH (5c)
0 ≤ wc ≤W (5d)
0 ≤ d ≤ 0.1D (5e)
0 ≤ ds ≤ D (5f)

fac = PTDFf J : ϕ (5g)

F ac ≤ fac ≤ F ac
(5h)

F dc ≤ fdc ≤ F dc
(5i)

∑Z
z=1 Jz = 0 : λ (5j)

where the optimization variables are generator outputs g, hydro
unit outputs h, elastic demand consumption d, load shedding
values ds, wind curtailment values wc and HVDC set-points
fdc. The input parameters are wind and solar power outputs,
respectively W and S, inelastic consumption levels D, AC and
DC transmission capacities in the two directions, respectively
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F ac, F
ac

and F dc, F
dc

, hydro power unit availability ah and
maximum generation levels H , generator capacities G and
the PTDF matrix for flow-based market coupling PTDFf .
The objective function (5a) is the difference between load
utilities, with u the linear utility coefficients, and the sum of
production costs, with cg and ch the linear cost coefficients
of conventional generators and hydro units, and the costs
associated with load shedding and wind curtailment, indicated
by vs and vw respectively. Constraints (5b)-(5f) and (5i)
enforce the lower and upper bounds on optimization variables,
Constraints (5g) define the flows on AC interconnectors as the
product of the PTDF matrix and the vector J containing the
net positions of the bidding zones, calculated as

J = Igg + Ihh+ IpvS + Iw(W − wc)−
− Id(D + d− ds)− Idcfdc

(6)

where Ig is the incidence matrix of the generators on the
bidding zones, Ih is the incidence matrix of hydro power
plants, Ipv is the incidence matrix of solar PV power stations,
Iw is the incidence matrix of wind farms, Id is the incidence
matrix of loads and Idc is the incidence matrix of HVDC
interconnectors. Constraints (5h) enforce the lower and upper
bounds on power flows over AC interconnectors. Finally,
constraint (5j) represents the power balance of the system.
The dual variables associated with constraints (5j) and (5g)
are used to compute the Locational Marginal Prices (LMP)
for each bidding zone as follows:

LMP = λ+ PTDFf ᵀϕ (7)

Once the market is cleared, the set-points of generators and
loads are defined as

G∗ = g∗ (8)
H∗ =h∗ (9)
W ∗ =W − wc ∗ (10)
S∗ =S (11)
D∗ =D + d∗ − ds ∗ (12)

The feasibility of the resulting dispatch is then checked by
projecting the set-points on the transmission network model.
The following linear program is used to calculate the necessary
redispatching:

min
g±,h±,ds,wc,fdc

cg+ ᵀg+ + cg− ᵀg− + ch+ ᵀh+ +

+ ch− ᵀh− + vd ᵀds + vw ᵀwc (13a)
s.t. 0 ≤ g+ ≤ G∗ (13b)

0 ≤ g− ≤ G−G∗ (13c)
0 ≤ h+ ≤ H∗ (13d)

0 ≤ h− ≤ H −H∗ (13e)
0 ≤ wc ≤W ∗ (13f)
0 ≤ ds ≤ D∗ (13g)
fac = PTDF J (13h)

F ac ≤ fac ≤ F ac
(13i)

F dc ≤ fdc ≤ F dc
(13j)

∑N
n=1 Jn = 0 (13k)

where the optimization variables are the up- and down-
regulation of conventional generators, respectively g+ and g−,
the up- and down-regulation of hydro power units, respectively
h+ and h−, load shedding and wind curtailment values,
respectively ds and wc, and the flows on HVDC lines fdc.
The redispatching costs are calculated as the deviation from
the day-ahead price as follows:





cg+i = 0, cg−i = LMPz:i∈Gz − ci, if g∗i = Gi

cg+i = ci − LMPz:i∈Gz , c
g−
i = 0, if g∗i = 0

cg+i = 0, cg−i = 0, if 0 ≤ g∗i ≤ Gi

(14)
where the subscript i refers to the ith generator and the
subscript z : i ∈ Gz to the bidding zone z where the generator
i is located. Redispatching costs for hydro power units are
calculated in the same way.

Note that constraints (13h) calculate the flows on all the AC
lines, with PTDF the full matrix calculated with Eq. (2) and
J the nodal injections, calculated as

J = Ig(G∗ + g+ − g−) + Ih(H∗ + h+ − h−) + IpvS∗+

+ Iw(W ∗ − wc)− Id(D∗ − ds)− Idcfdc

(15)

Finally, constraint (13k) enforces the system balance.

APPENDIX C
NUMERICAL RESULTS

In this section, the numerical results are presented in differ-
net tables. This has a double purpose: provide the interested
reader with additional information and support the replicability
of results through validation.

Table II shows the average electricity price per country
across the five scenarios. Table III and IV show respectively
the total amount of energy generated and consumed by each
country. Finally, Table V and VI show the exports and the
imports of each country.
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TABLE II
AVERAGE ELECTRICITY PRICES ACROSS THE DIFFERENT SCENARIOS (EUROS/MWH).

No Hub 10 GW 20 GW Exchanges Norway
AL 22.22 21.99 21.67 21.93 21.97
AT 47.96 45.88 43.83 45.50 45.68
BA 26.34 26.16 25.95 26.12 26.14
BE 47.53 45.03 42.42 44.47 44.90
BG 22.68 22.72 22.75 22.73 22.73
CH 51.52 49.84 48.09 49.46 49.65
CZ 26.53 26.13 25.75 26.06 26.11
DE-LU 41.07 39.73 38.35 39.47 39.61
DK1 38.70 37.09 34.64 37.96 36.20
DK2 38.41 37.45 36.15 38.08 36.75
ES 18.76 18.56 18.35 18.67 18.52
FI 17.75 17.66 17.44 17.72 18.14
FR 18.19 17.99 17.76 18.09 17.95
GR 23.84 23.81 23.77 23.80 23.81
HR 28.88 28.62 28.35 28.57 28.59
HU 19.93 20.26 20.52 20.31 20.29
IE 34.45 34.85 35.15 35.94 34.41
IT-N 46.51 45.79 45.17 45.65 45.75
IT-CN 46.55 45.84 45.23 45.70 45.80
IT-CS 46.39 45.76 45.21 45.63 45.72
IT-S 46.39 45.76 45.21 45.63 45.72
IT-SICILY 46.40 45.76 45.21 45.63 45.72
ME 24.01 24.13 24.26 24.16 24.14
MK 22.74 22.81 22.88 22.83 22.82
NL 41.02 39.50 37.99 39.25 39.35
NO1 20.18 20.01 19.61 20.20 21.51
NO2 16.57 16.50 16.26 16.84 17.84
NO3 8.99 9.01 9.04 8.98 8.86
NO4 7.83 7.83 7.82 7.84 7.92
NO5 15.12 15.05 14.87 15.35 15.76
PL 39.77 39.58 39.40 39.56 39.56
PT 18.76 18.56 18.35 18.67 18.52
RO 22.54 22.59 22.61 22.60 22.60
RS 22.96 23.04 23.12 23.06 23.05
SE1 17.29 17.19 16.97 17.25 17.62
SE2 16.83 16.74 16.53 16.79 17.14
SE3 17.90 17.80 17.54 17.88 18.37
SE4 17.90 17.80 17.54 17.88 18.37
SI 32.27 31.72 31.18 31.62 31.67
SK 20.77 20.91 21.00 20.93 20.93
UK 32.65 32.84 32.71 34.46 32.21
NI 34.45 34.85 35.16 35.95 34.41
NSEH - 36.03 34.34 37.96 31.56
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TABLE III
TOTAL GENERATION ACROSS THE DIFFERENT SCENARIOS (TWH/YEAR).

No Hub 10 GW 20 GW Exchanges Norway
AL 16.33 16.33 16.32 16.33 16.33
AT 72.91 69.88 67.51 69.48 69.59
BA 19.86 19.45 19.01 19.36 19.40
BE 23.73 20.71 18.67 20.20 20.53
BG 32.84 32.88 32.89 32.88 32.89
CH 42.56 42.56 42.56 42.56 42.56
CZ 79.05 77.20 75.20 76.82 77.02
DE-LU 315.26 299.03 282.46 295.93 297.57
DK1 18.45 17.83 17.09 18.11 17.53
DK2 13.00 12.53 11.93 12.80 12.24
ES 114.24 113.80 113.20 114.12 113.65
FI 45.91 45.81 45.53 45.90 46.46
FR 633.22 632.00 629.11 635.04 630.72
GR 21.85 21.76 21.63 21.73 21.74
HR 6.73 6.72 6.70 6.71 6.72
HU 40.12 40.21 40.33 40.23 40.22
IE 27.93 27.81 27.65 27.95 27.70
IT-N 50.75 47.91 45.86 47.54 47.63
IT-CN 0.71 0.71 0.71 0.71 0.71
IT-CS 16.56 15.43 14.61 15.33 15.30
IT-S 12.80 12.20 11.74 12.12 12.12
IT-SICILY 3.79 3.72 3.67 3.71 3.72
ME 3.42 3.47 3.52 3.48 3.47
MK 1.68 1.75 1.83 1.76 1.76
NL 41.25 37.61 34.46 37.23 37.25
NO1 23.32 23.32 23.32 23.32 24.19
NO2 85.87 85.85 85.81 85.87 87.44
NO3 22.81 22.82 22.86 22.79 22.15
NO4 32.38 32.37 32.35 32.38 32.73
NO5 62.48 62.48 62.47 62.48 63.62
PL 137.82 136.08 134.48 135.82 135.92
PT 19.86 19.83 19.79 19.83 19.82
RO 51.13 51.14 51.13 51.13 51.14
RS 31.73 31.97 32.28 32.03 32.01
SE1 42.07 42.07 42.07 42.07 42.07
SE2 74.73 74.73 74.71 74.73 74.73
SE3 62.89 62.87 62.72 62.88 64.37
SE4 12.43 12.40 12.35 12.39 12.41
SI 10.88 10.82 10.76 10.80 10.81
SK 41.94 41.96 41.96 41.96 41.96
UK 164.22 162.43 160.43 163.28 161.89
NI 7.02 6.92 6.83 6.96 6.88
NSEH - 38.90 77.79 38.90 38.90
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TABLE IV
TOTAL DEMAND ACROSS THE DIFFERENT SCENARIOS (TWH/YEAR).

No Hub 10 GW 20 GW Exchanges Norway
AL 8.90 8.91 8.91 8.91 8.91
AT 79.25 79.27 79.28 79.27 79.27
BA 10.05 10.06 10.06 10.06 10.06
BE 74.73 74.73 74.76 74.74 74.74
BG 22.83 22.84 22.84 22.84 22.84
CH 70.71 70.71 70.72 70.71 70.71
CZ 58.34 58.35 58.38 58.36 58.35
DE-LU 356.31 356.32 356.36 356.32 356.32
DK1 20.11 20.13 20.18 20.11 20.15
DK2 15.23 15.23 15.24 15.21 15.24
ES 126.92 126.92 126.93 126.91 126.92
FI 73.16 73.17 73.17 73.16 73.13
FR 437.27 437.30 437.36 437.24 437.32
GR 23.28 23.28 23.29 23.29 23.28
HR 11.58 11.58 11.58 11.58 11.58
HU 36.27 36.22 36.20 36.21 36.21
IE 35.08 35.04 35.00 34.99 35.06
IT-N 95.57 95.58 95.58 95.58 95.58
IT-CN 17.32 17.32 17.32 17.32 17.32
IT-CS 32.37 32.37 32.37 32.37 32.37
IT-S 9.92 9.92 9.92 9.92 9.92
IT-SICILY 9.70 9.70 9.70 9.70 9.70
ME 4.71 4.71 4.71 4.71 4.71
MK 9.14 9.14 9.14 9.14 9.14
NL 85.29 85.30 85.32 85.30 85.30
NO1 41.01 41.01 41.02 41.01 40.75
NO2 37.47 37.48 37.49 37.47 37.32
NO3 26.85 26.84 26.83 26.85 26.85
NO4 19.92 19.92 19.93 19.92 19.92
NO5 20.43 20.43 20.43 20.43 20.36
PL 143.05 143.05 143.05 143.05 143.05
PT 21.63 21.63 21.63 21.63 21.63
RO 38.10 38.10 38.10 38.10 38.10
RS 38.53 38.52 38.52 38.52 38.52
SE1 16.80 16.81 16.81 16.81 16.81
SE2 23.59 23.59 23.59 23.59 23.60
SE3 92.38 92.39 92.40 92.38 92.31
SE4 26.49 26.49 26.49 26.49 26.46
SI 12.47 12.47 12.47 12.47 12.47
SK 30.61 30.61 30.62 30.61 30.61
UK 215.23 214.93 214.73 214.49 215.10
NI 9.91 9.90 9.89 9.89 9.91
NSEH - - - - -
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TABLE V
TOTAL EXPORTS ACROSS THE DIFFERENT SCENARIOS (TWH/YEAR).

No Hub 10 GW 20 GW Exchanges Norway
AL 7.43 7.42 7.41 7.42 7.42
AT 3.63 2.69 2.16 2.65 2.60
BA 9.93 9.56 9.16 9.48 9.51
BE - - - - -
BG 10.01 10.05 10.06 10.05 10.05
CH 0.00 0.00 0.00 0.00 0.00
CZ 20.91 19.23 17.55 18.92 19.05
DE-LU 5.88 3.66 2.61 3.56 3.30
DK1 2.25 2.24 2.06 2.44 2.07
DK2 0.52 0.56 0.50 0.63 0.48
ES 6.80 6.56 6.28 6.68 6.51
FI 0.03 0.03 0.03 0.03 0.05
FR 195.95 194.70 191.76 197.80 193.41
GR 0.49 0.48 0.47 0.48 0.48
HR 0.03 0.03 0.03 0.03 0.03
HU 4.27 4.40 4.53 4.43 4.41
IE 1.79 1.79 1.77 1.85 1.77
IT-N 0.06 0.03 0.02 0.03 0.03
IT-CN - - - - -
IT-CS 0.58 0.47 0.38 0.46 0.45
IT-S 3.72 3.29 3.01 3.26 3.23
IT-SICILY 0.00 0.00 0.00 0.00 0.00
ME 0.03 0.03 0.04 0.03 0.03
MK - - 0.00 - -
NL 0.03 0.01 0.01 0.01 0.01
NO1 - - - - -
NO2 48.39 48.37 48.33 48.40 50.12
NO3 - - - - -
NO4 12.46 12.45 12.42 12.46 12.81
NO5 42.05 42.04 42.04 42.06 43.26
PL 1.29 1.00 0.83 1.00 0.99
PT 3.42 3.41 3.40 3.41 3.41
RO 13.14 13.15 13.13 13.14 13.14
RS 0.80 0.79 0.80 0.79 0.79
SE1 25.27 25.27 25.27 25.27 25.26
SE2 51.13 51.13 51.11 51.13 51.13
SE3 - - - - -
SE4 - - - - -
SI 0.62 0.57 0.54 0.56 0.57
SK 11.33 11.35 11.34 11.35 11.35
UK 2.70 2.66 2.53 2.81 2.61
NI 0.28 0.27 0.25 0.27 0.26
NSEH - 38.90 77.79 38.90 38.90
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TABLE VI
TOTAL IMPORTS ACROSS THE DIFFERENT SCENARIOS (TWH/YEAR).

No Hub 10 GW 20 GW Exchanges Norway
AL - - - - -
AT 9.98 12.07 13.93 12.44 12.28
BA 0.12 0.16 0.21 0.18 0.17
BE 51.00 54.02 56.10 54.54 54.20
BG 0.00 0.00 0.00 0.00 0.00
CH 28.14 28.15 28.17 28.15 28.15
CZ 0.19 0.38 0.73 0.46 0.39
DE-LU 46.94 60.95 76.51 63.95 62.05
DK1 3.91 4.54 5.14 4.45 4.69
DK2 2.75 3.25 3.80 3.04 3.49
ES 19.47 19.67 20.01 19.47 19.78
FI 27.29 27.39 27.67 27.30 26.72
FR 0.00 0.00 0.01 - 0.00
GR 1.93 2.01 2.13 2.04 2.02
HR 4.87 4.89 4.90 4.89 4.89
HU 0.41 0.41 0.40 0.41 0.41
IE 8.94 9.02 9.11 8.89 9.13
IT-N 44.89 47.70 49.74 48.08 47.98
IT-CN 16.61 16.61 16.61 16.61 16.61
IT-CS 16.38 17.41 18.14 17.50 17.52
IT-S 0.83 1.01 1.19 1.05 1.03
IT-SICILY 5.91 5.98 6.03 5.99 5.99
ME 1.32 1.27 1.23 1.26 1.27
MK 7.46 7.39 7.31 7.37 7.38
NL 44.08 47.70 50.86 48.09 48.06
NO1 17.69 17.69 17.70 17.69 16.56
NO2 - - - - -
NO3 4.04 4.02 3.97 4.06 4.70
NO4 - - - - -
NO5 - - - - -
PL 6.53 7.97 9.40 8.24 8.12
PT 5.18 5.21 5.24 5.21 5.22
RO 0.10 0.11 0.11 0.10 0.11
RS 7.60 7.34 7.03 7.28 7.30
SE1 - - - - -
SE2 - - - - -
SE3 29.49 29.52 29.68 29.50 27.93
SE4 14.05 14.09 14.14 14.09 14.05
SI 2.20 2.22 2.25 2.23 2.23
SK - 0.00 0.01 0.00 0.00
UK 53.72 55.15 56.83 54.02 55.83
NI 3.17 3.25 3.31 3.20 3.29
NSEH - - - - -
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Zero-inertia Offshore Grids: N-1 Security
and Active Power Sharing

Georgios Misyris, Andrea Tosatto, Spyros Chatzivasileiadis and Tilman Weckesser

Abstract—With Denmark dedicated to maintaining its leading
position in the integration of massive shares of wind energy, the
construction of new offshore energy islands has been recently
approved by the Danish government. These new islands will be
zero-inertia systems, meaning that no synchronous generation
will be installed in the island and that power imbalances will be
shared only among converters. To this end, this paper proposes a
methodology to calculate and update the frequency droops gains
of the offshore converters in compliance with the N-1 security
criterion in case of converter outage. The frequency droop gains
are calculated solving an optimization problem which takes into
consideration the power limitations of the converters as well
as the stability of the system. As a consequence, the proposed
controller ensures safe operation of off-shore systems in the event
of any power imbalance and allows for greater loadability at pre-
fault state, as confirmed by the simulation results.

Index Terms—Electricity markets, frequency droop control,
High-Voltage Direct-Current (HVDC), N-1 security, power shar-
ing, zero-inertia off-shore grids.

I. INTRODUCTION

S INCE the 1990s, Denmark has taken a leading role in
the wind energy industry, in particular in the offshore

sector. With the new Global Climate Action Strategy aim-
ing at mitigating climate change, investments on Renewable
Energy Sources (RES) will further increase. As part of this
strategy, the Danish Government has approved the plans for
the world’s first two energy islands: Bornholm and the North
Sea Wind Power Hub (NSWPH). The latter is the result of
the international collaboration between the Dutch, German and
Danish Transmission System Operators (TSOs) with the aim
of installing more than 30 GW of wind power in the North Sea
[1]. An artificial island will be built to collect the wind power
produced, while several point-to-point High-Voltage Direct-
Current (HVDC) links will connect the island to the onshore
grids [2], forming a zero-inertia offshore AC system [3].

Being a first-of-a-kind project, TSOs face a series of new
technical challenges related to reliability of power systems
with only converter-based resources. Indeed, in the event of
any power outage (N-1), the system must be able to restore the
power balance fast enough to preserve the transient stability of
the system [4]. Due to the complete absence of synchronous
generators, the system will need either additional devices, such
as DC choppers or crowbars, or a coordinated control strategy
for active power sharing among converters, such as slack bus

Georgios Misyris, Andrea Tosatto and Spyros Chatzivasileiadis are with the
Technical University of Denmark, Department of Electrical Engineering, Kgs.
Lyngby, Denmark (emails: {gmisy, antosat, spchatz}@elektro.dtu.dk).

Tilman Weckesser is with Dansk Energi, Frederiksberg C, Denmark (email:
twe@danskenergi.dk).
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Fig. 1. North Sea Wind Power Hub concept.

or frequency droop control [5]. In case of slack bus control,
one converter absorbs the complete deviation, while the others
do not take part in the active power regulation. The main
disadvantage of this approach is that the converter acting as
slack bus must be significantly oversized to satisfy the N-1
security criterion. On the contrary, frequency droop control
allows the converters to share the power imbalance according
to their droop gains, mimicking the behavior of synchronous
generators. As for now, the latter appears as the preferable
option for maintaining the power balance in the system.

The selection of frequency droop gains is mainly determined
based on small-signal stability and dynamic performance of
the system [6]–[11]. In addition to this, other limitations must
be taken into consideration when tuning the frequency droops
of converters in zero-inertia systems. With the main com-
ponents of power converters being semiconductor switches,
current limits represent a strict constraint for operation. To
ensure that converters operate within their safety region, re-
searchers have focused on developing various current limiting
control strategies. However, these strategies can result in
overload-induced instabilities if the active power set point
of the converter is not adjusted, as presented in [10] and
[12]. Although the schemes proposed by the authors improve
the transient stability of grid-forming converters using only
local measurements, they have only been evaluated in systems
containing synchronous generators or an infinite bus, while the
offshore system will consist of only grid-forming converters.

Moreover, the active power set-point of the HVDC convert-
ers will be determined by the market and will vary significantly
based on the total wind power produced and the resulting ex-
changes between NSWPH-connected countries. The question
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that arises is: will it be possible to define an unique set of gains
that never violates the operating limits of the converters in
case of contingency? Given that TSOs will want to guarantee
the N-1 security criterion without relying on current limiting
control techniques, the only possibility in case of fixed gains
is to increase the Transmission Reliability Margin (TRM) and
decrease the capacity available for market operation. This
could lead to wind curtailment and market inefficiencies,
calling for a new centralized approach to update the frequency
droop values and adjust the active power set-points in case of
contingency, ensuring reliable system operation in the island.

Centralized control strategies have already been deployed
by TSOs, an example is the MIO controller of the back-
to-back converter installed in Kriegers Flak CGS [13]. In
addition, the concept of adaptive droop settings has been
previously proposed for multi-terminal DC systems [14]–[17],
where the DC voltage droops are updated considering the
available headroom of the converters. In this context, this paper
combines both approaches and proposes a centralized method
for updating the frequency droop values of HVDC converters
in offshore systems, with the goal of distributing the active
power in a way that does not violate the operational limits
of the converters in case of contingency. The calculation of
frequency droop gains is performed solving an optimization
problem which takes into consideration the available headroom
of each converter and guarantees N-1 security. Dynamic and
market simulations are performed to show the benefits of the
proposed approach both in terms of dynamic response of the
system and market operation. In detail, the contributions of
this paper can be summarized as follows:
• a methodology to determine the frequency droop values

and distribute any power imbalance without violating the
operational limits of the remaining converters at the post-
fault state.

• an analysis of the dynamic performance of the proposed
methodology using the H2 norm of the system as a
performance metric.

• a cost benefit analysis which compares the proposed
methodology to the common paradigm (static equal
droops) in terms of market operation, highlighting the
benefits of increased transmission capacity.

The rest of this paper is organized as follows. Section II
introduces the operating principles of offshore and onshore
converters. In section III, the optimization problem for se-
lecting the droop gains of the converters is presented. The
results of the dynamic and market simulations are discussed
in Section IV. Section V concludes the paper.

II. OFFSHORE SYSTEMS - OPERATING PRINCIPLES

An offshore system consists of multiple offshore wind
farms, a collection grid that transfers the produced power to
a single or multiple offshore substations, and several HVDC
links which transfer the collected wind power to the onshore
systems, as depicted in Fig. 2. In the specific case of the
NSWPH, the project consortium is considering to build one or
multiple artificial islands instead of having floating substations.
Multiple grid-forming converters are placed on these islands
and are used to set the frequency of the offshore system.

Offshore System Onshore Grids

PCC

PCC

PCC

PCC

Offshore
Grid-forming

Converters

Onshore
Grid-following

Converters

Fig. 2. Offshore energy islands with point-to-point HVDC connections to the
onshore grids.

In zero-inertia systems, offshore converters share any power
mismatch using a frequency droop control scheme: the active
power exchanged with the AC system after a contingency
depends on the frequency droop gain of each converter. How-
ever, when multiple grid-forming converters are connected to
the same AC system, it becomes difficult to define the exact
amount of power that each converter should handle after a
contingency (wind farm loss, converter outage, etc.), which
makes the system unreliable. Reliability of electricity supply
is a fundamental requirement of power system operation, such
that TSOs enforce different security criteria to limit the impact
of disturbances. Among others, the N-1 criterion establishes
that the system must be capable of withstanding the loss of a
single component without violating operational security limits.
Using fixed frequency droops might require additional control
actions to be in compliance with the N-1 security criterion,
such as blocking multiple offshore converters, or curtail wind
in order not to exceed the current limits of the offshore
converters. As a result, there is a need of adaptive frequency-
droop based controller that accounts for the headroom of the
converters and the varying profile of wind power generation.
Similarly to [14], in our studies, we consider a converter
station outage as a critical contingency that the system should
withstand (N-1 security).

In the following, the control principle of the converters
connected to the offshore and onshore systems are presented.
In this work, we consider that the wind farms connected to the
hub operate at unity power factor (Q = 0) at pre-fault state
and do not participate in the primary frequency control.

A. Onshore VSC Control Scheme

VSCs connected to the onshore AC grids operate in grid-
following mode [18]. In such operating mode, the main goal of
the active power controller is to balance the voltage on the DC
side. For point-to-point HVDC connections, PI controllers are
deployed to control the DC voltage of the link and the reactive
power exchanged with the onshore AC grid to their reference
values, respectively.

B. Offhore VSC Control Scheme

VSCs connected to the offshore AC network operate in grid-
forming mode [18]. The basic control structure of grid-forming
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converter consists of an active power controller, a voltage
controller and a current limiter controller that saturates the
converter in case it exceeds its nominal current value. More
details on the grid-forming control structure can be found in
[8] and [19]. In case of power imbalance, the main objective
of a grid-forming converter is to remain synchronized with
the rest of the grid without violating its operational limits,
i.e. the converter will not share the burden of the converter
loss if it operates close to its limits. To ensure this, we
propose an adaptive primary frequency droop-based controller
that considers the dynamic performance of the system and
complies with the N-1 security criterion in case of converter
outage. A frequency droop gain is assigned to each converter,
and the post-contingency steady-state power output of each
converter will then depend on the combined effect of the
droops of the grid-forming converters.

III. PROPOSED METHODOLOGY

The scope of this work is to develop a methodology for
calculating frequency droop gains of offshore converters in
zero-inertia offshore grids which enable current distribution
among the HVDC links without exceeding the converter limits.
In this section, we present the optimization problem used to
determine the set of droop gains with these properties.

A. Frequency Control in Zero-Inertia Offshore Systems

Similar to synchronous machine-based systems, the fre-
quencies imposed by grid forming VSCs must converge to a
common value ω at steady-state. The relationship between the
active power absorbed/injected by the i-th offshore converter,
P ∗i , and the imposed frequency, ωi, is given by:

P ∗i = P ref
i +

1

kfi
∆ωi (1)

where kfi is the frequency droop gain, P ref
i is the reference

value of the active power and ∆ωi = ωref − ωi, with ωref

the chosen reference frequency. At steady state ∆ωi = ∆ω,
with ∆ω being the deviation of the average frequency of the
offshore system.

To preserve the stability of the offshore system, the sum of
the active power injected/withdrawn by the converters must
be equal to the wind power produced. In case of converter
(k) outage, the mismatch between the power produced by the
wind farms and the power absorbed by the converters results
in a frequency deviation equal to:

∆ω =
1∑

i6=k
1
kfi

P ref
k . (2)

where P ref
k is the reference set-point of the k-th converter at

pre-fault state. In case of converter outage, thus, the steady-
state frequency deviation is inversely proportional to the
sum of the inverse droop gains of the remaining converters
connected to the offshore grid. It follows that the post-fault
power flowing through the i-th converter, P ∗i , is given by:

P ∗i = P ref
i +

1

kfi

1∑
c6=k

1
kfc

P ref
k . (3)
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Fig. 3. PQ diagram of offshore VSCs [21].

In the following, the proposed methodology for calculating
the droop gains of offshore converters is presented.

B. Optimization Problem

The selection of the frequency droop gains of converters
plays a key role in ensuring small-signal stability and reliable
operation of zero-inertia offshore systems [20].

The safe operating region of VSC converters is depicted in
Fig. 3. On the y-axis, the active power output is limited by
the maximum current the power electronic components can
withstand: as the heating is proportional to the square of the
current magnitude, the active power output slightly decrease
with increasing reactive power output. On the x-axis, reactive
power limitations are driven by voltage constraints. To ensure
that the converter can contribute to voltage control by adjusting
its reactive power, the active power limit is set to 0.95 pu.

On the one hand, too small values of frequency droop gains
can lead to operating the converter outside its safety region;
on the other hand, too high values of frequency droops make
the system small-signal unstable due to the high influence
of eigenfrequencies on the angle dynamics of the converter.
This has already been illustrated in numerous works [6]–[8],
[19], [22], [23] and, thus, the analysis for identifying the
stability margins is omitted in this paper. To ensure small-
signal stability while achieving a sufficient level of damping
to avoid power oscillations, we consider a maximum value of
the frequency droop equal to 0.1, similar to [4] and [23].

The selection of adequate droop gains can be performed
by solving an optimization problem where the conditions to
ensure small-signal stability of the system and N-1 security are
enforced as constraints. Such an optimization problem, where
frequency droop gains (more precisely, their reciprocal x) are
the decision variables, can be formulated as:

min
x

n−1∑

i=1

n∑

c=i+1

|xi − xc| (4a)

s.t. α =
∑

i

xi, (4b)
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xi ≥ X i, : ∀i (4c)∣∣∣∣Pi +
xi

α− xk
Pk

∣∣∣∣ ≤ P
max

i . : ∀i, ∀k (4d)

For simplicity, droop coefficients kf have been replaced by
their reciprocal x = 1/kf .

The objective function (4a) represents the sum of the dis-
tances between the droop gains. The goal of the optimization
problem is, thus, to find a feasible set of droop gains close to
“equal droop gains”. This is done in order to have an equal
distribution of the post-fault extra power in case constraints
(4d) are not binding. As it will be shown later in section III-C,
this control objective helps avoid power oscillations between
the offshore converters and improve the dynamic performance
of the frequency droop controllers [24].

The maximum Steady-State Frequency Deviation (SSFD)
after the occurrence of an active power disturbance in the
offshore network is a function of the sum of the droop gains
(α), which is also a measure of the stiffness of the system.
Thus, constraint (4b) makes sure that the selected droop gains
sum up to the desired value (in this work, α is considered
equal to 600, which is equivalent to a maximum steady
state deviation of 0.0833 Hz after a step change of 2000
MW). Constraints (4c), instead, ensure small-signal stability,
representing the upper bound on the droop gains. Finally,
constraints (4d) are derived from equation (3) and limit the
selection of the droop gains to those value which guarantee
safe post-fault operation.

Problem (4) is non-linear, as constraints (4d) contain vari-
ables both in the numerator and denominator. By defining:

αk = α− xk, (5a)

σk =
1

αk
, (5b)

zk,i = σkxi, (5c)

constraint (4d) can be rewritten as:

|Pi + zk,iPk| ≤ P
max

i . : ∀i, ∀k (6)

Although Eq. (6) is now linear, Eq. (5b) and (5c) are
bilinear. In order to linearize them, the multi-parametric dis-
aggregation technique presented in [25] is used. Eq. (5b) and
(5c) are thus recast into:

1 =
∑

b

∑

a

σ̂αk,a,b · a · 10b, (7a)

zk,i =
∑

d

∑

a

σ̂xk,i,a,d · a · 10d, (7b)

In order to keep consistency with Eq. (5b), the following set
of equalities and inequalities should be included together with
Eq. (7a):

αk =
∑

b

∑

a

a · 10b · yαk,a,b, (8a)

σk =
∑

a

σ̂αk,a,b, : ∀b (8b)

0 ≤ σ̂αk,a,b ≤ Sk · yαk,a,b : ∀a, ∀b (8c)
∑

b

yαk,a,b = 1, : ∀b (8d)

yαk,a,b ∈ {0, 1}. : ∀a, ∀b (8e)

with a ∈ {0, 1, ..., 9} and b ∈ {ψb, ..., ηb}. In Eq. (8a),
αk is expressed as a multi-parametric sum of active decimal
powers determined by the binary variables yαk,a,b, while σk is
disaggregated into a set of continuous non-negative variables,
represented by σ̂αk,a,b, in Eq. (8b). The two parameters ψb and
ηb denotes the powers of ten used for the parameterization of
αk. Eq. (8c) enforces the limits on σ̂αk,a,b, which must be non-
negative and equal to the upper bound Sk at most. From Eq.
(5b), Sk = 1∑

i6=kX i
. Finally, Eq. (8d) guarantees that only

one binary variable is active for the b-th place in the power
representation of σ̂αk,a,b.

Similarly, together with Eq. (7b) the following equalities
and inequalities are included:

xi =
∑

d

∑

a

a · 10d · yxi,a,d, (9a)

σk =
∑

a

σ̂xk,i,a,d, : ∀d (9b)

0 ≤ σ̂xk,i,a,d ≤ Sk · yxi,a,d : ∀a, ∀d (9c)
∑

d

yxi,a,d = 1, : ∀d (9d)

yxi,a,d ∈ {0, 1}. : ∀a, ∀d (9e)

with a ∈ {0, 1, ..., 9} and d ∈ {ψd, ..., ηd}. The two param-
eters ψb and ψd are chosen according to the desired decimal
precision, e.g. ψb = ψd = −5 denote a precision of 10−5,
while ηb and ηd are determined by the magnitude of αk and xi,
respectively. For example, the upper bound of αk is α−X k;
if α = 300, ηb must be equal to or greater than 2.

After the linearization, problem (4) is recast into:

min
Γ

n−1∑

i=1

n∑

c=i+1

|xi − xc| (10a)

s.t. (4b)− (4c) (10b)
(5a) : ∀k (10c)
(7a), (8a)− (8e) : ∀k (10d)
(7b), (9a)− (9e) : ∀i, ∀k (10e)
(6) (10f)

with Γ = {x, σ̂α, σ̂x, yα, yx}. Problem (10) is now a Mixed
Integer Linear Problem (MILP) and can be solved with com-
mercial and open-source MILP solvers (e.g. Gurobi, Mosek or
GLPK).

C. Dynamic Performance of Frequency Droop Control

As explained in section III-B, the objective of the opti-
mization problem is to minimize the distance between the
droop gains of the converters. To motivate this choice, we
now evaluate the performance of primary frequency control
when offshore converters have equal or different frequency
droop values, using as a metric the H2 norm of the system,
i.e. root-mean-square of the impulse response of the system.

The simplified model used in this section, depicted in Fig. 4,
considers an AC system with n nodes “formed” by grid-
forming converters. Similar to [26] (that also considers an
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Fig. 4. Example of a network of n converter nodes. Node n is grounded
following the approach in [27]. Two additional converter nodes m1 and m2,
highlighted in red, are included in the system to study its dynamic performance
with equal or different droop gains.

AC network with multiple grid-forming converters and loads),
the AC system is described by linear power flow and Kron-
reduced network models. Several wind farms are connected
to the system, modelled as negative constant loads. Under
the assumptions of linear power flow model (i.e. voltage
magnitude are considered constant and cable capacitance
negligible), any constant power load can be represented by a
constant impedance load and, under the assumption of Kron-
reduced network model, included in the impedances of the
cables. Since the frequency is regulated by the grid-forming
converters, the frequency control dynamics can be described
as:

θ̇i = ωi (11)

Tpi ω̇i = −ωi + ωref + kfi(P
ref
i − Pi) (12)

where Tpi represents the delay for measuring the active power
Pi at the PCC of the grid-forming converter. Based on the
linear power flow assumptions, Pi =

∑
j bij (θi − θj), where

bij is the susceptance of the cable connecting node i to node
j and θi, θj are the voltage angles at node i and j.

For the dynamic performance analysis, it is assumed that
the system is subject to persistent amplitude noise (wind
fluctuation), modelled as an additive disturbance w(t). Similar
to [24], the system output y(t) is the frequency deviation ω(t)
at the terminal of grid forming converters, since the focus of
the analysis is on the impact of the frequency droop gains on
the frequency fluctuations and, thus, active power oscillations.

Considering a second-order frequency droop control model
for inverter-based networks [26], the state-space model of the
system model can be described as follows:
[
θ̇
ω̇

]
=

[
0 I

−T−1
p KfLB −T−1

p

]

︸ ︷︷ ︸
A

[
θ
ω

]
+

[
0

−T−1
p Kf

]

︸ ︷︷ ︸
B

w (13a)

y =
[
0 I

]
︸ ︷︷ ︸

C

[
θ
ω

]
(13b)

where Tp = diag(Tpi), Kf = diag(kfi) and LB is the bij-
weighted Laplacian matrix. We assume that all the time delays
are equal, i.e. Tpi = τ ∀i, and that the grid-forming converters
do not provide an inertia effect. To evaluate the dynamic
performance of the system with a certain set of droop gains,

the H2 norm of the system is computed. The H2 norm, which
gives an interpretation of how the gains affect the frequency
and active power response after an active power disturbance,
is calculated as follows:

||H||2H2
= tr(BTXB) (14)

where X is the observability Gramian computed by solving
the Lyapunov equation:

ATX +XA = −CTC (15)

1) Performance analysis: We first look at how the dynamic
performance of the system is affected by different parameters,
such as the number of grid-forming converters, the value of the
droop gains and the inertia effect of the converters. Following
the approach in [27], we use a reduced model of the system
described by (13). The reduced order model is based on the
change of variables:

θ = Uθ
′

and ω = Uω
′

(16)

where U is the unitary matrix that diagonalizes LB . This
change aims at eliminating the zero eigenvalue contained in the
matrix A. The physical interpretation of the reduced system is
that one of the nodes in the network is considered grounded.

Assuming that all the droop gains are equal, i.e. kfi = k ∀i,
the state-space model describing the reduced model is:

[
θ̇
′

ω̇
′

]
=

[
0 I

−kτ L̃B − 1
τ I

] [
θ
′

ω
′

]
+

[
0
−kτ I

]
w

′
(17a)

y
′

=
[
0 I

] [θ′

ω
′

]
(17b)

From (14), the H2 norm of the system is calculated as:

||H̃||2H2
= (n− 1)

(k)
2

2τ
(18)

The following observations can be made for the H2 norm: (i) it
is directly proportional to the value of the frequency droop gain
k, (ii) it decreases with increasing time delay τ and (iii) it
increases with increasing number of grid-forming converters.
The first observation is related to the responsiveness of the
controller: the higher the frequency droop gain, the faster the
response of the converter and, thus, the higher the oscillations
in the frequency. The second observation has to do with
the inertia effect provided by the grid-forming converters:
the higher the time delay, the higher the inertia effect and,
thus, the smaller the frequency fluctuations. Finally, the third
observation suggests that the droop gains should be adjusted
in case a grid-forming converter is added/removed from the
system to preserve the performance of the frequency droop
control strategy.

2) Comparison between equal and different gains: To study
how the dynamic performance of the system is affected by
selecting different droop gains for the converters, we consider
two additional nodes m1 = n+1 and m2 = n+2 connected to
the grounded node (for simplicity node n). Two grid-forming
converters, with droop gains km1 and km2 respectively, are
connected to these nodes. Similar to the other nodes, also
the new converters are subject to persistent amplitude noise,
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respectively wm1
and wm2

. The new system Ĥ consists of
system H̃ described by (17) and two subsystems formed by
the two grid-forming converters, respectively Hm1 and Hm2 .
The state-space model of these subsystems can be written as:

[
θ̇
′
m

ω̇
′
m

]
=

[
0 1

−kmτ bnm − 1
τ

] [
θ
′
m

ω
′
m

]
+

[
0

−kmτ

]
w

′
m (19a)

y
′
m =

[
0 1

] [θ′
m

ω
′
m

]
(19b)

where m ∈ {m1,m2}. As described in [27], system Ĥ can be
decoupled into three subsystems, Ĥ = diag(H̃,Hm1 , Hm2).
It follows that the squared H2 norm of system Ĥ can be
computed as:

||Ĥ||2H2
= ||H̃||2H2

+ ||Hm1
||2H2

+ ||Hm2
||2H2

. (20)

Similar to (18), the sum of the squared norms of subsystems
Hm1

and Hm2
can be calculated as follows:

||Hm1 ||2H2
+ ||Hm2 ||2H2

=
(km1

)
2

2τ
+

(km2)
2

2τ
=

ε

2τ
(21)

where ε is equal to the sum of the squared frequency droops
values km1 and km2 .

Let us now assume that the frequency droop gains
sum to a fixed value σ, which corresponds to fixing the
SSFD to a specific value. If km1 > km2 , it follows that
||Hm1

||2H2
> ||Hm2

||2H2
, which indicates that the performance

of the frequency controller of converter m1 is worse compared
to the one of m2. Moreover, the relation between ε and σ is
given by:

ε = σ2 − 2km1km2 . (22)

Equation (22) clearly shows that the minimum value of the
sum of the squared H2 norm of the two subsystems corre-
sponds to the situation where km1

= km2
, meaning that the

dynamic performance of the system is improved when all the
converters have the same droop gain.

IV. SIMULATION AND RESULTS

The test system used for the validation of the proposed
methodology is inspired by the NSWPH project, and rep-
resents an offshore energy island configuration for massive
integration of offshore wind power. Ten wind farms, with a
total installed capacity of 9 GW, are connected to the island
through 400 kV HVAC cables. Six point-to-point HVDC links
connect the island to the onshore grids, as depicted in Fig. 5.
The rated power of each offshore and onshore converter is
1850 MVA, and the base power of the system is Sb = 1850
MVA. More details about the converters’ control structure and
the models of power system components can be found in [4].
All the dynamics simulations presented in this section have
been performed with DIgSILENT PowerFactory [28].

A market model representing the European electricity mar-
ket in 2030 is used to determine the power flows from the
island to each country for a period corresponding to one
year. In order to highlight the problems arising with static
equal droops, the market is first cleared without considering

North Sea Energy Hub: market analyses
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Fig. 5. Connections between the offshore island and the onshore grids. The
electrical networks correspond to the 400 kV transmission networks of the
respective countries.
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Fig. 6. Flows over the HVDC interconnectors.

the N-1 security criterion, i.e. without limitations on the
available transmission capacity. Subsequently, the compliance
with the N-1 criterion is checked before clearing the market
and transmission capacities are decreased if necessary. The
market is then cleared again to highlight the benefit of the
proposed methodology. An example of the power flows during
one day (24 hours) is plotted in Fig. 6. From this representative
day, the hour with the most critical set of flows has been
selected for the dynamic simulations, which corresponds to
hour 3 when most of the converters are operated close to their
limits. All the market simulations presented in this section
have been performed using YALMIP [29] and Gurobi [30].

The remainder of this section is divided into three parts.
In Section IV-A, we compare the dynamic performance of the
frequency droop controllers with equal and different frequency
droop gains in case of a sudden variation of the wind.
This is to highlight that equal droop gains better perform
in terms of dynamic response. In Section IV-B, we evaluate
the performance of the proposed methodology, considering a
converter outage and the corresponding system response with
static and adaptive gains. Finally, in Section IV-C, we assess
the benefits of the proposed methodology in terms of increased
transmission capability for market operation.

Without loss of generality, in all the simulations in Section
IV-B and IV-C, we consider that the offshore converter at
outage corresponds to the HVDC-link connecting the NSWPH
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Fig. 7. Average frequency deviation following a step decrease of wind power
in case of equal and different droops.

to UK, with an active power output of 1740 MW. Thus, the loss
of this converter is equivalent to an increase of active power
(1740 MW) that must be shared among the other converters.
It should be mentioned that, at the pre-fault state, all the
converters control the voltage at their PCC, which is equal
to 1 pu. This leads to a reactive power absorption in the range
of 0-150 MVAr for all converters, which corresponds to an
initial reactive current less than 0.08 pu. Finally, due to space
limitations, the legend is omitted in the next plots; the reader
is referred to the legend of Fig. 6.

A. Dynamic Performance

In the first simulation, a step decrease (250 MW) of the
wind power output is applied to the system. Fig. 7 shows the
frequency deviations of the grid-forming converters. The stiff-
ness of the system is the same in both simulations (α = 600);
however, in the first case all the droop coefficients are equal,
while in the second case they are different. As expected,
the average steady-state frequency deviation in the system is
the same in both cases. This confirms that the SSFD only
depends on the stiffness of the system and it is not affected
by individual droop values. Moreover, it is evident that the
average frequency deviation of the system is higher in case of
different gains. This confirms that the dynamic performance
of the system is worse when grid-forming converters have
different gains, as described in Section III-C2.

B. Validation of the Proposed Methodology

In the second simulation, the effectiveness of the proposed
frequency controller with adaptive droop gains is demon-
strated. Two cases are analyzed: (i) frequency droop values
are static gains and are all equal and (ii) frequency droops
are updated based on the optimization problem presented in
Section III every time the HVDC set-points are changed.
Moreover, two different current limiting controllers, presented
respectively in [31] and [32], are implemented for each case.
This is done in order to show that the presented results are
independent on the implemented current limiting strategy.

Fig. 8 shows the system response to the trip of the converter
connected to UK (1740 MW); for a better visualization, only
the converters connected to NL and NO are displayed. During
the first milliseconds after the outage, the power that was
previously flowing to UK is redirected to the other converters.
In the case of equal frequency droops, it can be seen that
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Fig. 8. System response to an offshore converter outage. The two left figures
show the power set-point of two remaining converters (NL and NO) with
equal droops, while the two right figures are obtained with adaptive droops.
In both cases, the two current limiting techniques in [31] (upper figures) and
[32] (lower figures) are used with Imax = 1.1 pu. The overload region is
represented with the gray area.

during the first few hundred milliseconds the converters are
saturated to 1.1 pu, which is the maximum saturation current.
However, we can see that afterwards the converters lose
synchronous stability with both the current limiting controllers.
More details about the instability mechanisms in case of the
dynamic virtual impedance current limiting controller and d-
axis priority based current saturation algorithm, can be found
in [19] and [31], respectively.

In case of adaptive frequency droops, the system response
initially triggers the applied current limiting schemes. How-
ever, due to the different gains, a big portion of the active
power initially absorbed by the converter at outage is directed
towards the offshore converter which had the largest headroom
at pre-fault state. That “relieves” the offshore converters that
were saturated immediately after the outage. As shown in
Fig. 8, with the proposed frequency droop controller the active
power absorbed by the remaining converters stays below its
nominal value also at post-fault state regardless of what current
limiting technique is implemented. This demonstrates that the
effectiveness of the proposed method is not dependent on
the current limiting strategy and that the power imbalance
is distributed according to the available power headroom,
ensuring N-1 security at every time interval.

C. Impact of the Proposed Methodology on Market Operation

In the third simulation, the value at which the current
saturates, Imax, is increased from 1.1 pu to 1.2 pu. This
is done to show that, in case of contingency, the system
remains stable if converters do not saturate. Fig. 9 shows
the system response in case of equal droops with the two
current limiting techniques. During the first milliseconds after
the outage, all the offshore converters share equally the current
of the converter at outage, which is distributed according to
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Fig. 9. System response to an offshore converter outage using the current
limiting technique in [31] (left) and [32] (right). Both figures shows the power
set-point of two of the remaining converters (NL and NO) with equal droops
and Imax = 1.2 pu.

the frequency droop gains. Given that most of the converters
were operating close to their limits (except NO), the active
power limits of most of the converters are violated (we only
represent NL as the other converters have the exact same
behavior). Since now Imax is increased, all the converters
remain synchronised, which shows that the system is stable
when the converters are not saturated. However, exceeding the
active power limit of the converters violates the N-1 criterion.
Thus, in case of equal droops, system operators would have to
decrease the available transmission capacity in order to ensure
that the converters will operate within the operating region
after the contingency.

In order to understand what are the implications of reducing
the available transmission capacity given to the market, the
market simulations are run again now considering the N-1
criterion. In other words, the market is cleared and then the
obtained flows are used to check the compliance with the N-1
security criterion. In both situations, with fixed equal droops
and adaptive droops, the capacity is decreased (50 MW steps)
on those converters whose power limits are violated in case of
converter outage, and the market is cleared again with the new
capacities. This is repeated until the N-1 criterion is fulfilled.
This procedure could be intended as the offline calculation
performed by TSOs to ensure the stability of the system
before communicating the available transmission capacity to
the market operator. Fig. 10 shows the available transmission
capacities (shaded areas) between DE and NSWPH (upper
graphs) and NL and NSWPH (lower graphs) and the resulting
flows (red dots). These graphs show the duration curve of
the capacities, meaning the values of the capacity have been
rearranged in descending order. With fixed equal droops, the
N-1 security criterion is often violated and the full capacity is
allowed only for less than 30% of the time. It is interesting
to observe that the full capacity is only allowed when it is
not actually needed, as shown by the flows which are always
below the maximum value. On the contrary, with adaptive
droops, the gains are calculated in order to take advantage
of the different headrooms, and the N-1 criterion is always
satisfied. The reduction of transmission capacity in case of
fixed droops results in more than 350 GWh of curtailed wind
energy which, in turn, increase the total system costs by 85
million Euros. This could be avoided either by oversizing the
converters, increasing the investment costs, or by adjusting the
droop gains with the proposed methodology.
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Fig. 10. Available transmission capacity (shaded area) and corresponding
flows (red dots) to DE (upper plots) and NL (lower plots). In the left graphs,
the available capacity has been calculated based on fixed/equal droop gains
while, in the right ones, based on adaptive droop gains.

V. CONCLUSION

In this paper, challenges with respect to active power sharing
in zero-inertia systems have been discussed and a method
for deriving and updating frequency droop gains has been
developed, ensuring active power sharing in the system after a
large disturbance in compliance with the N-1 security criterion.

The simulation results show that, in the event of an offshore
converter outage, current limiting strategies lead to instability
in case the converters are saturated. Thus, the N-1 criterion
cannot be guaranteed. By considering the headroom of each
converter when calculating the frequency droop gains, the
proposed approach distributes the power among the converters
while taking into consideration their safe operating regions.
As a consequence, the proposed methodology avoids converter
saturation and preserves their synchronization to the rest of the
grid. Moreover, by enforcing upper bounds on the frequency
droop gains, also the small-signal stability of the system is
guaranteed. As a result, the proposed methodology allows
for greater loadability of the offshore converters at pre-fault
state and guarantees their safe operation in the event of any
power imbalance. Finally, from an operational point of view,
the additional capacity given to the market results in a better
utilization of the interconnectors, avoids wind curtailment
and reduces the total system costs without oversizing of the
converters.
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